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Abstract

The Marshall County Project was undertaken by CONSOL Energy Inc. (CONSOL) with partial funding from
the U. S. Department of Energy’s (DOE) Carbon Storage Program (CSP). The project, initiated in October
2001, was conducted to evaluate opportunities for carbon dioxide CO2 sequestration in an unmineable
coal seam in the Northern Appalachian Basin with simultaneous enhanced coal bed methane recovery.

This report details the final results from the project that established a pilot test in Marshall County,
West Virginia, USA, where a series of coal bed methane (CBM) production wells were developed in an
unmineable coal seam (Upper Freeport (UF)) and the overlying mineable Pittsburgh (PIT) seam. The
initial wells were drilled beginning in 2003, using slant-hole drilling procedures with a single production
leg, in a down-dip orientation that provided limited success. Improved well design, implemented in the
remaining wells, allowed for greater CBM production. The nearly-square-shaped project area was
bounded by the perimeter production wells in the UF and PIT seams encompassing an area of 206 acres.
Two CBM wells were drilled into the UF at the center of the project site, and these were later converted
to serve as CO, injection wells through which, 20,000 short tons of CO, were planned to be injected at a
maximum rate of 27 tons per day.

A CO, injection system comprised of a 50-ton liquid CO, storage tank, a cryogenic pump, and
vaporization system was installed in the center of the site and, after obtaining a Class Il underground
injection permit (UIC) permit from the West Virginia Department of Environmental Protection (WVDEP),
CO, injection, through the two center wells, into the UF was initiated in September 2009. Numerous
complications limited CO, injection continuity, but CO, was injected until breakthrough was
encountered in September 2013, at which point the project had achieved an injection total of 4,968 tons
of CO,.

During the injection and post-injection periods, the observed daily CBM production rates increased by
more than 17% over pre-injection period production rates. An extensive multi-pronged monitoring
program conducted by researchers from West Virginia University (WVU), the DOE National Energy
Technology Laboratory (NETL), and CONSOL confirmed the absence of any reliable evidence of vertical
migration of the injected CO,. The breakthrough event was the only evidence of horizontal migration,
and there was no evidence of migration outside of the area of review (AOR).

Current environmental regulatory conditions in the U.S. do not provide a need for CO, sequestration,
and the currently depressed natural gas market further detracts from any economic success that could
be realized from CBM production enhancements at this time; however this report does offer details on
alternative scenarios that could provide for limited economic viability of this concept.



Table of Contents

EXECUTIVE SUMIMIAIY ittt e e e e e e e e e e e e e e e e e e e e e e e e e e e e e e e e et e e e eeeeeeeeeeeeeeeeeanaees 1
T o o [¥ Tt o] o H TP UP PRSPPI URIOPTON 3
NETL Carbon Storage Program Objectives (U. S. DOE, 2014) ........oeeiiieeiieieee et eevee e 3
o) [=Tot A @ ] ] =T o1 4 V=SSR 3
oY [=Totf D= - 11 PSPPI 4

(e Tor=) o o PSPPSR O PPRPOPURTNE 4

L [ ol ] o = ] o £ TP PP U UPPTRUPPPTTON 5

L 811 LT L= TPV SRR TOVOTOPPPT 6
20T P4 PRSPt 6

ST SEIBCTION. .. ettt ettt et e st esab e e s bt e sttt e s bt e e b te e e ab e e s baeesabeesabeeeanteesabeeenares 7
[C1=To] o} -4 Tol o) a Yo [T =Y u o] o |3 RPN 7
Yoo PO PP P PPN 8
=] 4 0 VL T = SO PP PP PPPT RPN 8
PrOTUCEION WEIIS ...ttt ettt e bt e s bt e sat e st e et e e be e bt e sbeesaeeeneean 8

LoV T=Totd oY o VLA 1| RSP SPR 8
=T T g T=T ] = USRI 9
YL L=R DAV ZC] [T o o 1T o | SRR 9
[CY<Yo [o) =4 ol o] a1 o (] =11 o] s K3 PR 9

oY [¥Totu ToT oI VAV L= | W LT = o USRS 10
0T 0T Ty =Yo I B LTy - o ISP 10
Drilling Plan — REVISION L....ccuiiiieiciiiie e cciieee e ettt e e ettt e e e ettt e e e e stte e e e e eataeeeeabaeeessnsseeeesnsaseesnnstesesanssneennn 11
Drilling Plan — REVISION 2...ccieiiiieeciiiee ettt e ettt e e ettt e e ettt eeeeetteeeseasaeeeeabaeeesssaeeeesnsaseesnnsseeesanssneennn 13
DIIING RESUIS ittt ettt e e e e et e e e e ettt e e e e e abe e e e esabeeaeeeabaeeeeaabeeeeeasbaeeeennseeasennsenas 13
INOFEN SItE WIS ...ttt st esr e b e e s s eeneenes 15

SOULH SITE WIS ...ttt e ne e b e sneesane e 15
CeNTEr SItE WIS ..ceneeeeeeee ettt sttt s e s et r e e s 16

UIC Permit REQUIFEMENTS .ciiiiiiiiiiiiiiiiiiiiieieieieeeeeteteeeeeeeeeeeeeeeeeeeeeeeeeeeteseseseseeeseseseseseseseseeeseseeeseseeeeeseseeenen 17
Injection Well ModifiCatioNn ........occuuiii i e et e e s e sabae e e e e e e e e e eareeas 17
ACCESS WEII PIUGEING ... .vieiiiiiie ettt e e e et e e et e e e e st e e e e nsbaeeeeaataeeesnssaeeeennteeeeansenas 17
LR W TV {={T o =g o - o TSP 17
ACCESS WEITIMIH-2T ..ottt ettt et e s e e bbb e beesseesaeeeaeeen 18



Injection TUBbING INSTAIIALION ..eciieiiie e e e s e e s s b ee e e e sbraeessnraeessanes 19
IMTH=18 .ttt sttt et b e bt e s bt e s ae e sab e et e et e e bt e e bt e s bt e e ae e e bt et e e ehe e eheeeatesabe e re e reenes 20
IMTH=20 ..ttt sttt et e b e bt e s bt e s at e sa bt et e et b e e b e e eh et e a et e bt et e e nhe e eheeeaeeeabe e re e reenes 20
Y T OSSP PP PR PPN 20
1Y/ o o 11 o ¥ =N 21

LY =To1 Lo ] o [P PPPPPPPPTTPPPRE 22
(60 O TP USROS PR TPPTPRRUPPOUON 22

SOUPCE ittt ettt ettt et e s st e e s s et e s s e e st a e s s a e e e s e e e s s e e e s s ara s 22
(DL AT VY o I o] - V=< U SPT 22
Original Injection System COMPONENTS.......cccciiiieieitiieeeciiee e e ectee e e ecttee e e estteeeeeetteeesebeeeeeesesaeesaseneeesnnes 23
U T aT o H o ¥ =T g T o AVZ= 0 0= | 3N 24
INJECTION PrESSUIE INCIEASES ..vvveiieeiiiiiiiiiiteeeeeeeiiirttteeeeessstrreeeeeessssasssrteeeesssssasresaeeeesssnsssnnsneaeeesssnnns 25

Y/ Lo T Y1 o] o o -SSP PP PP PPPPPRUPORE 25
oY [WTora oY o VAV L= | W1V, oY o 11 de Yo [ o= PR 25
Observation Well MONITOMNG .....ciiiciiiiiiciiee et e e s et e e s sbae e e s sbaeeeesbaeeessseaeaesnnes 26
Shallow hydrogeological MONTEOTING ....ciiiciiiiieiiie e e e rae e e s snaeeeeas 26
Residential Water MONITOTING .....ccviiiiiiiee e e e e e sbre e e e e e e e sbee e e e sareeas 27
Perfluorocarbon Tracer Gas MONITOIMNG.....cccuuiiiieiiee et e e e e sbee e s e sbee e e eareeas 28

1Y [Tl £ To ] o PP PP PPURPTTPPP 28

1Y oY 1 (oY [ o Y-S PP PP PPURTPTTPPO 28
OENEIS ettt sttt ettt st et b e b e e re e she e st e et e e b e e nreesane e 30

(071 oTo] s Wi o] doY o Tl g aToTaVi o] o 1oV 30
SUIFACE AEFIECTION ..ottt sttt e be e b e s 30
RESUIES .ttt ettt h e s a et st et e e bt e bt e e bt e sh et e a et e te e bt e e bt e ehe e eaeeeabe e be e beeabeeeheesaeeearean 32

LY L=To1 4 [o Y o [Pt 32

Pressure iNCrease rEOUITEIMENTS ........uuuuuuruiiiiiiiiieiititiui e raaaeaaaaaaararaaaraaaaa—aaaaaaaaaaaaaaaaaaaaaanranarerarnnnnns 34
700 10 933 PSIg.ceeeieeiieiiiiiiiiiiieieiisese e e et e e e e e et et e e e e e e e e e e e e e e e e e e e e e e e e e e e e e e e e e e e e e e e e e e e e e e aaeeaaeaaaeeaaeaaaeaaaaaaaeaaaaaes 34
1S IS o T 0 [0 I 1 - NS 35
Operation with @ 1,400 PSIg lIMit....ccceeiiiiiiiieee e e e e e e s b e e e e e e e e e s ennnnnns 36
2T g1 o T o 10 = o P SUSRN 36
LN =T 0] o] o] 13PN 37
PUMIPING OUTAEES ..ttt ssssssssssssasssssssssssnnnnnn 37



Weather and power-related OULAZES .........uuviiiiieeiecccieeee et e e e e e e srrrre e e e e e e e e snnnees 39

(014 o 1T oYU - Y= TSRS PUPP 39
(01211 T oY [¥ ot o o SRR SPR 39
BT aV]=Tot o] o I e T=T g o o RSP R 41
NOFEN WEIIS ...ttt et e s bt et et e b e e s b e e sbeesaeesabesaneebeennes 41
CONEET WIS <.ttt ettt b e s h e st e st et e b e e s be e s bt e st e et e et e e nbeesnee e 42
SOULN WIS ..ttt sttt st e b e bt e b e bt e saee st e et e eteenbeesbeesanenas 42

[ o ]=Tot 4T o T o< 1o T F SRR 43
NOFEN WEIIS ...ttt e s bt st et e bt e s b e e sbeesaeesabesaneebeens 43
SOULN WIS ..ttt sttt et b e b e s bt e saee st e e abeeteesbeesbeesanenas 44
oo 1y T (=T oL N 45
0121\ I oT¢eYo [V ToruToT o I [Ty o{U 1Y [o] o PSPPI 46
IVIONTEOTINE ettt e e e e e e sttt et e e e e s s sttt e e e e e e e s s aabbbaaeeeessesssssbaaaeesssssasssssaneeeessssnnnnsnns 48
L AT = TP PPPPTPPPPPPIRE 48
Shallow hydrogeological MONIEOMING ....ciivviiii i sbee e e 48
RESIAENTIAI WATET ...t ettt st s e s bt e e sab e e sbteesabeesbeeesareens 50
PrOAUCE WAt . ittt ettt et s e st e e s bt e s bt e e st e e sabeeesabeesabbeesabeesabaeesareens 51
LT OO OPPTT 53
LI Lol T PP TP PP PTPPPPPPRIRE 55
OENEIS ettt e b e et sttt b e b e be e she e st e e re e reesreesane e 57
(@71 oTo W o] o] o 1T USRS 57
SUITACE AEFIECEION e et e 58
Injection System OpPeratioNs EXPEIIENCE . ....uviiiiiiiiieeeeeeeieeeee e e e e reeeeeerererreeeeeeeerreeraereereeeeeeeeeen 59
1] oo O TP PTUPRTU PP URO PP 59
(CT=T o 1=1 o O OO TP PO PP PRTPRRUPRRPPONt 59

P U DING e —————————————————————————————————————————————————————————————. 60
Vaporization operations and Maint@NANCE .........ceeviii i e e e e e 61
U IS ettt ettt e b e s bt e s a e s a bt ettt et e e eb e e ehe e ea et et e e bt e ehe e eheeeaeeebeebe e beeaes 61
(T[0T Te N O(@ P U] o o] 1Y 2SR 62
BOMIEE FUBI ...ttt s e s e e sar e e s be e e ne e e sreeesareenn 62
=Tt Lol Y25 62
Injection challenges and SOIULIONS ......ccviiii i e e e s e e e sabee e e e bee e e eareeas 63
[ Tor= ) o o T PPN 63



LY L=Tot o o ol T o1 [ 0T 42N 64

(0o o [ol=Y o) {UF: | I Yole g To Y0 Y ol PSP 67
Demonstration Project Capital CoSTS ......uiiiiiiiiiiiiie ittt ertre e e e ette e e e e bre e e s ebreeeeebeeeeesanes 68
ANNUAT O&IM L.ttt a ettt b e bt e s bt e sh e e st e et e e sb e e sbeesatesateeab e e bt e beeaneeeneeenreen 70
Methane Production and CO, INJECHIVITY ..ocvveiiiiiiiee ettt e e e e e e e rre e e e eanes 72
(070001 g Yoo L1 RV o 1T PSR 73

Economic Evaluation of Demonstration Project......cccccueeeicciieiicciiie e e 73
Conceptual Future Projects in Unmineable Coal SEamS........cccuvviiiiiieiiiciieee e 74
Economics of a Conceptual Brownfield SIte ........ccueiiiiiiiiicciee et 75
Opportunities for IMProVEMENT .........coii it erre e e e e bte e e s ebtee e e ebaeeeseraaeeesanes 75
Summary of the ECONOMIC EVAlUGLION .......oeiiiiiiiii ettt et e e e nree e e e nreeas 80

Summary Conclusions and ReCOMMENAtIONS.........ccoicuiiiieiiiiie e et e e ere e e e e be e e e nreeas 80

WWOTKS CITEO. ..ee ittt ettt st e st e e bt e e s bt e e bt e e sabeesabeeesabeesabeesnbeesabaeesaseesabeesneeesbeeanns 81

List of Tables

Table 1. Project responsibilities by participant. ... ieciii e e 5

Table 2. Cost share approved budget aMOUNTS. .......ccuiiiiiiiiie e e e e serre e e e saaaeeeens 6

Table 3. Analyses of CONSOL Core MC-01-19.......cocouiiiiiieiiieeeeiieeeeeciee e e ectteeeesraeeessaraeeessasaesesnnsseeesansaneesns 7

Table 4. Well horizontal |8 IE@NGLNS. ......ooo e e et e e e enb e e e e eeareeas 14

Table 5. Shallow hydrogeologic sampling MatriX.......ccoveieiiiiieiiiiee e e e e e e 27

Table 6. Residential water supply sampling [0CatioNS. ......c..ueviiiiiiieeceee e e e 28

Table 7. Residential water supply sampling MatriX. .......ooocciiiieiiiiie e e 28

Table 8. North wells, pre-injection ProdUCTION. .........ccuiiieiiiie e e ree e e e e e e e eare e e e eareeas 42

Table 9. Center wells, pre-injection ProdUCTION. ........cueeieiiiie e e e ree e e e are e e s e eare e e e enreeas 42

Table 10. Pre-injection CBM data from the south Wells. ...........ccueiiiiiiiiicie e e 43

Table 11. North wells, injection period CBM production. .........ccueeeiiiiiiiciieee e 44

Table 12. Injection period south well CBM production. .........coccuiiiiiiiieie e 45

Table 13. Post-injection CBM production data. ........cccueeeeiiiieeiiiiiee et e e e 46

Table 14. Average field-measured stream water values (Hega, 2014)........ccccceevvrieeireeecreeeiieeciee e 48

Table 15. Average stream water dissolved cations (Hega, 2014). .....ccceeveeciieeiiiieee et 48

Table 16. Average stream water total anion values (Hega, 2014).........cceeecvveeeiiieeeeccieee e 48

Table 17. Average data from select test site ground water values (Hega, 2014).......cccceeevevveeeecieeeeennnen. 49

Table 18. Average values for dissolved cations in test site ground water (Hega, 2014). .....ccccccovveeveenee. 49

Vi



Table 19. Average values for total anions in test site ground water (Hega, 2014).......cccceeeeveveeecreeeeennneen. 49

Table 20. Average values for select residential water samples (adapted from (Hega, 2014))................... 50
Table 21. Average dissolved cations in residential water samples (adapted from (Hega, 2014))............. 51
Table 22. Average total anions in residential water samples (adapted from (Hega, 2014)). .................... 51
Table 23. CBM well produced water averages for select data. .....cccccveeiiviiiiiiiiiee e, 52
Table 24. CBM well produced water Cation @VErages........ccueeeecuieeeeiiieeeeciieee e e e eree e e siree e s e sbaee e eeareeas 52
Table 25. CBM well produced Water anion @VEIagES. .....ccccuueeeeciuieeeeiiieeeeeirreeeereeeesstreeeesssseeesesnseeesssnsenss 53

Table 26. A comparison of average §"C values of the CO, fraction of the CBM, groundwater and vadose

L= Y- L g o] (eI (A oY1= o A 0 i 3 TSP 58
Table 27. Observed injection rates at the various injection pressure limits. ........ccccocveeeiccieeeecciee e, 65
Table 28. Capital Costs for ECBM Demonstration Project .........ccueeeeccuieeeeciiiee e et e tee e e 69
Table 29. Operating Costs for Gas Wells for CO2 Sequestration. .........cccceecueeeeeciieeccciiee e e 70
Table 30. Water Disposal Costs for CBM and ECBIM WEIIS. ......ccuuuiieeiiiieecciieee ettt 72
Table 31. Summary of Demonstration Project ECONOMICS. .....ccccuuiieeiciiieeeciieee e ectee e et e e e vee e e 73
Table 32. Summary of Economics for Brownfield...........coocuiiiiiiiiiii e 75
Table 33. Summary of Scenario Analysis for CBM and ECBM Wells at Increased Gas Drainage Area. .....78

Table 34. Summary of Scenario Analysis for CBM and ECBM Wells at $3.00/mcf CH4 and $0.00/ton CO,.

List of Figures

Figure 1. Site map shows location of the CO, pilot site between the towns of Bellton and Georgetown

along Fish Creek in southern Marshall County, WV. ........ooo ittt 4
Figure 2. Red box shows the approximate location of the CONSOL Energy carbon sequestration pilot
site. (Shumaker & WilSON, 1996) .......oci ittt ettt e et e e e e et e e e e ebe e e e e abeeaeeentaeaeesnraeaeesaseeaeennrenas 5
Figure 3. Depth (ft.), below mean sea level, to the surface of the Upper Freeport seam in the project
area (Wilson, Zhu, Bajura, Winschel, & Locke, 2011). ......ooiiiiiiiieiee ettt et 9
Figure 4. An isopach that details the thickness of the Upper Freeport coal seam in the project area;
thickness units are feet (Wilson, Zhu, Bajura, Winschel, & Locke, 2011).......ccceevvveeecrrrenreecieeesiee e 10
Figure 5. A schematic of the drilling plan, as originally proposed. ........cccoeoiviiiiiiiiiiciiee e, 11
Figure 6. Typical well plan schematics planned for revision 1 and followed for the north site wells, MH-3,
T 1 1o [ - TR 12
Figure 7. Well detail showing the revision 1 sump and horizontal section plans used at the north site
WIS, ettt sttt st et e bt e et e ettt e s a b e e et e e e hte e e baeeeabee e b e e e hteeeabaeenabeeebaesaateesabaeenates 12
Figure 8. Final well concept, used at the south and center Sites........cccceeeeciveiiiiiiee e, 13
Figure 9. Final well and horizontal configuration. .........ccoccuiiiiiiiii e 14

Vi



Figure 10.
Figure 11.
Figure 12.
Figure 13.
Figure 14.
Figure 15.
Figure 16.
Figure 17.
Figure 18.
Figure 19.
Figure 20.
Figure 21.
Figure 22.

locations..

Figure 23.

The North Site wells, shortly after completion. ... 15
The South Site wells, following completion. ........ccceeiiiiiiii e 16
The Center Site wells, during production..........cioiciiii e aee e 16
Partial plugging plan for access wells MH-19 and MH-21. ........ccccocviiiiiiiiieiniiee e 18
Cavity drilled in the coal seam to intersect the original access Well..........ccccceeeviieiinciieninnnneen. 19
Cavity filled with cements plugs original access well at desired location..........ccccceeeevveeennnneen. 19
MIT Chart Recordings for MH-18 and MH-20. ........ccoeiiiiiiiiieiiiie et aee e 21
The project site map indicating the 1/4 mile AOR. .....ccveiiiiieiiiecieeeee ettt e 21
The 50-ton CO, storage tank, following installation. .........ccccoceeiieiiiii e 23
Cryomec, 2-Cylinder CO» PUMIP. c..viiiiiiiiee e eeeee ettt e et e e e tee e e e ete e e e eeatae e e esabaee e esabaeeeernraeeeensenas 23
CO, vaporizer skid with the shell-in-tube heat exchanger in the foreground. ........................ 23
CO, vaporizer skid with the hot water boiler in the foreground. .........ccccecviiiieiiiincieeeeen. 24

MH-20 CO2 vapor injection line (flow right-to-left) detailing the control valve and flow meter

The replacement triplex pump (blue in foreground) with booster pump (gold in background),

SHOFtlY after INSEAlAtION. ....eii e e e e e e e s sbae e e e sbeeeeeebeeeeesanes 25

Figure 24.
Figure 25.
Figure 26.
Figure 27.
Figure 28.

Shallow groundwater monitoring at W-1. ......coocciiiiiiiiie e 27
Satellite image of the AOR indicating the tracer gas monitoring locations. .......c.cccceccvvevennneen. 29
An overview of the isotopic sampling [0CatioNS. ......coovciiiiiiiiiii e 30
LOCAtiONS OF LIEMETEIS. ...eiiiiieeeee et be e s e 31

A tiltmeter monitoring location at the project site (photo courtesy of H. J. Siriwardane & R. K.

GONAIE, WV U). ittt ettt ee ettt e et e e e et e e e ebaeeeeebaaeesetaaeeeeabaaeeeebbaeeesabaseeeeataaeeesssseeeansreeeesnnes 31

Figure 29.
Figure 30.
Figure 31.
Figure 32.
Figure 33.
Figure 34.
Figure 35.
Figure 36.
Figure 37.
Figure 38.
Figure 39.
Figure 40.

Daily maximum wellhead pressure and daily short tons of CO, injected........cccccevuvvvveeinnennn. 33
CO, Injection period 1/20/10 — 8/8/10 (700 psig liMit). ....ccceeverrrriirieireerreeree e e 34
CO2 Injection period 8/19/10 — 1/20/13 (933 psig liMit). ..cceevveeirieiieireesiecee e 35
CO, Injection period 1/23/13 —12/31/13 (1,400 psig liMit). c.eoeeerereieeeiieeereeeeiee e 37
Accumulated debris with wear on an original pump cylinder and seal...........ccccccovveeeecineeenns 38

A new pump discharge check valve (left) compared to a failed discharge check valve (right).38

Snow cover on the pumping equipment following a winter storm of February 2009. ............ 39
North Site CBM Well ProduCtioN........c..eiiiiiiiiienieeeeeeree et 40
South Site CBM Well ProdUuction.........ooveiieiiiieeeeeiee e 41
Center Site CBM Well ProdUCion ........c.eiiieiiiieeee ettt 41
North site well, injection period CBM production. .........ccceeeeeciiiiieee e eeerere e 43
South site injection period CBM well production ...........ccveeveeiiiiccciiiieeec e, 44

viii



Figure 41. North site post-injection period CBM well production........cccceeeeciiiiiiieiciccccieeee e, 45

Figure 42. South site post-injection period CBM well production.........cccoecueeiiiiiiininciiee e, 46
Figure 43. MH-5 annual improvement in average daily CBM production. ......cccccceevvviieiiniiieeeeccieee e, 47
Figure 44. MH-5 annual improvement in average daily CBM production. .......ccccccvvvviieiiiiiieeisnciien e, 47
Figure 45. The Upper Freeport CBM well CO, concentration trend (Locke & Winschel, 2015). ............... 54
Figure 46. Pittsburgh Seam Production Well CO, Concentrations (Locke & Winschel, 2015)................... 54
Figure 47. SOG well annulus and observation well CO2 monitoring trends..........ccceeevieeeeicieeeeeciiee e, 55
Figure 48. PTCH detection in MH-12, over time, beginning April 15, 2011.......ccccceeeeiiiieeeeiiieee e, 56
Figure 49. PTCH detection in MH-11, over time, beginning April 15, 2011.......ccccceeeeiiieeeeiiieee e, 57
Figure 50. PMCH detection in MH-11, over time, beginning April 15, 2011. .....ccccceeeiiieeieiiiee e, 57
Figure 51. A graphical depiction of the tiltmeter movement that represents ground deformation (H.J.
N TR A T Lo = TR LT 0 7 RSP UUSRRNt 59
Figure 52. The satellite communications dish at the project site. ......ccccceeciieeecciiie e, 60
Figure 53. The original pump heads, showing the oilers (circled). .....cccceeecireeieiiiie e, 61
Figure 54. Inclement weather, downed trees, frequent site inaccessibility, and electrical service
interruptions were limiting factors for the injection rate. ......cccccovi i, 63
Figure 55. Daily, 24-hr TWA, injection rates during the 700 psig injection limit period...........ccccueeruneen. 66

Figure 56. Daily, 24-hr TWA, injection rates with the original injection system, during the 933 psig
[[a[=TotdTo) o I 110 a1 o 11 5 oY PRSP 66

Figure 57. Daily, 24-hr TWA, injection rates with the triplex pump injection system, during the 933 psig
[[a) Yot o) o I 110 010 o 11 5 o Yo PSSP 67

Figure 58. Daily, 24-hr TWA, injection rates with the triplex pump injection system, during the 1,400 psig

INJECTION TIMIt PEIIOM. . .eiiieiee ittt et st e st e e sabe e sbb e s sateesbeeesabeesabeessaeesaseenans 67
Figure 59. Water Production Rates for MH-12 Well over Time (Actual and Estimated). .........cccceeeuveenneee. 71
Figure 60. Variation in monetary benefit as methane and carbon dioxide prices change............c.......... 76

Figure 61. Variation in monetary benefit as methane selling price varies from $1/mcf to $11/mcf and
carbon dioxide cost varies from -S12/10N 10 S30/T0N. c..uueiieieeeeee e et e e e et e e e e reeeeeerereeerereeeesaes 77

Figure 62. Impact on profit of drilling injection wells as methane and carbon dioxide prices change. ....79


file://cnxlibfs01.cnsl.com/library$/R&D/Projects/1621-083_CO2%20Sequest/DOE%20Reports/Final%20Report/ECBM%20Project%20Report%20FV-1.docx%23_Toc446917271
file://cnxlibfs01.cnsl.com/library$/R&D/Projects/1621-083_CO2%20Sequest/DOE%20Reports/Final%20Report/ECBM%20Project%20Report%20FV-1.docx%23_Toc446917272
file://cnxlibfs01.cnsl.com/library$/R&D/Projects/1621-083_CO2%20Sequest/DOE%20Reports/Final%20Report/ECBM%20Project%20Report%20FV-1.docx%23_Toc446917273
file://cnxlibfs01.cnsl.com/library$/R&D/Projects/1621-083_CO2%20Sequest/DOE%20Reports/Final%20Report/ECBM%20Project%20Report%20FV-1.docx%23_Toc446917273
file://cnxlibfs01.cnsl.com/library$/R&D/Projects/1621-083_CO2%20Sequest/DOE%20Reports/Final%20Report/ECBM%20Project%20Report%20FV-1.docx%23_Toc446917274

Appendices

o =Totdl T g Y] =1 o] 1N Appendix A
Core Logs and Associated Stratigraphic Cross-SeCtions .........cccceeeecieeeiiiiieeeecciiee e e Appendix B
UIC Permit DOCUMENTAtION ...iiiiiiiiiiiieiiieeeiceeeeereeeeee et e e e e e e e e e e e e e se e e e e e e eeeeseeeeseeseseseeeeens Appendix C
Mechanical Integrity Test INfOrmation .......c..coeeeciiii i Appendix D
(10 P LY [=Tot A (oY T D - [ USSP Appendix E
1,400 psig Injection Pressure Increase Material.........ccveeeeciieeeciiiie e Appendix F
(01211 I oY [¥ ord o T o I Y=ol o PRSP Appendix G
CBM Well Produced Water Sample Analytical RESUILS ......ccceeviiiiiiiiieeiiiee e Appendix H
Gas SaMPling ANAlytical RESUILS.....c.uuiiiieieie e ree e s aee e e Appendix |
[ oloT oY o o Toll SV [T d oY o I USRS AppendixJ
Acronyms

AOR Area of review

Bhp Brake horsepower

CBM Coal bed methane

Cco2 Carbon dioxide

CONSOL CONSOL Energy Inc., Research & Development

Csp Carbon Storage Program

DOE U. S. Department of Energy

EC puS/cm Electrical conductivity, microsiemens per centimeter

ECBM Enhanced coal bed methane

FE Office of Fossil Energy

Fg/L Femtograms per liter

FL/L Femtoliters per liter

ft Feet

GHG Greenhouse gas

GPS Global positioning system

Ib/ft Pounds per foot

mcf Thousand cubic feet

mcfd Thousand cubic feet per day
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mmcf
mg/L
MIT
mL
NETL
0.D.
Oo&M
PCO2(aq)
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PIT
PMCH
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S.U.
SOG
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VolP
VPN
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WVU

yr

Million cubic feet

Milligrams per liter

Mechanical integrity test

Milliliters

National Energy Technology Laboratory

Outside diameter

Operations and maintenance

Stream water dissolved concentrations based on chemical equilibria
Perfluorocarbon

Pittsburgh coal seam

Perfluoromethylcyclohexane

Pounds (force) per square inch

Pounds per square inch gauge, relative to atmospheric pressure
Perfluoro-1,3,5-trimethylcyclohexane

Standard units

Shallow oil and gas

Upper Freeport coal seam

Underground Injection Control

Voice over Internet Protocol

virtual private network

West Virginia Department of Environmental Protection
West Virginia University

Year

Xi



Executive Summary

The availability of clean, affordable energy is essential for the prosperity and security of the United
States and the world in the 21°* century. Emissions of carbon dioxide (CO,) into the atmosphere are an
inherent part of electricity generation, transportation, and industrial processes that rely on fossil fuels
and these sectors account for more than 80 percent of the U.S. greenhouse gas emissions, most of
which are CO,. Over the last few decades, an increased concentration of CO, in the earth’s atmosphere
has been observed. Carbon sequestration technology offers an approach to redirect CO, emissions into
sinks (e.g., geologic formations, oceans, soils and vegetation) and potentially stabilize future
atmospheric CO, levels. Coal seams are, potentially, attractive CO, sequestration sinks, due to their
abundance and proximity to electricity-generation facilities. The recovery of marketable coal bed
methane (CBM) could provide a value-added stream, potentially reducing the cost to sequester CO..

As part of the Marshall County Project, CONSOL Energy Inc. (CONSOL) conducted a program to construct
and operate a coal-bed CO, sequestration site composed of a series of horizontally drilled wells
originating at the surface and extending through two overlying coal seams. The overall goal of the
project, conducted in 2001-2015, was to determine the suitability of using unmineable coal seams as
sequestration sinks for CO, while reaping the simultaneous co-benefit of enhanced CBM production. The
project was conducted as part of the U.S. Department of Energy’s (DOE’s) Carbon Storage Program
(CSP), which is managed by its National Energy Technology Laboratory (NETL) Office of Fossil Energy
(FE).

The project endeavored to:

e Establish a network of CBM production wells to successfully degas the unmineable (Upper
Freeport (UF)) coal seam while also producing CBM from an overlying mineable (Pittsburgh (PIT)
coal seam;

e Inject up to 20,000 short tons of CO, into the unmineable UF coal seam;

e Document the successful sequestration of the CO, in the UF seam through monitoring efforts
detailing the absence of migration either vertically, to the overlying PIT seam or surface, or,
horizontally, outside the area of review (AOR); and

e Observe CBM production for indications of enhanced coal bed methane (ECBM) production.

In 2003, work began on the development of the first of three CBM production sites, referred to as the
North Site, where four wells were planned, two in the UF seam and two in the PIT seam and each with
3,000 foot production laterals. Drilling was attempted using a slant-hole directional technique, angling
the drill bit down to the coal seam where it was then turned horizontal, following the seam the desired
distance. The north wells were drilled in a southeasterly and southwesterly direction, which was in a
down-dip orientation that later proved problematic for production due to the absence of any successful
means for dewatering the horizontal legs. Additional complications resulted when the drillers
encountered thinning of the UF seam that caused one UF well to end short of the planned 3,000 length
and the loss of a drill string in the second well that was eventually abandoned and plugged.

A second CBM production site was established to the south, and a pair of production wells were drilled,
one in the UF and the second in the PIT. Each production well possessed an access well through which
two production laterals were drilled to intersect their corresponding production well. In each well, one
production lateral was drilled in a northeasterly orientation and the second production lateral was
drilled to the northwest. The northeasterly lateral of the UF well was terminated prematurely, due to a



thinning coal seam. Both the UF and PIT wells at the south site could be effectively dewatered with
pump jacks.

A final site was drilled at a central location with two wells in the UF that would later be converted to
injection wells for the project, following a period of CBM production. Each well was drilled with a
production well and access well, each of which had two horizontal laterals in the UF.

Production of the south and central wells was initiated in January 2005, while the north wells were not
turned online until April 2006, due to dewatering complications. The central wells produced CBM until
work began on converting them to injectors in July 2007.

Injection equipment was installed as a part of this conversion process and, following the receipt of a
Class Il underground injection permit from West Virginia Department of Environmental Protection Office
of Oil & Gas, CO, injection was initiated in September 2009, and was terminated in September 2013,
following the detection of CO, breakthrough indicated by elevated concentrations of CO, in the UF-
produced CBM at the south well site.

A detailed monitoring program was undertaken by CONSOL, West Virginia University researchers, and
NETL scientists to verify the absence of plume migration to the surface or beyond the AOR boundaries.
Monitoring work included:

e Sampling production gas from area CBM wells and annulus gas from area SOG wells,

e Sampling observation wells for CO, plume migration,

e  Sampling produced water from area CBM wells,

e Sampling stream, shallow hydrogeological and residential waters,

e Tracer gas studies,

e Surface deflection with tiltmeters, and

e (Carbon isotope monitoring,

Accomplishments of the project include:

e The determination that slant-hole drilling should not be conducted in a down-dip orientation,

e The production of just over one billion cubic feet (BCF) of CBM over the duration of the project
(as of December 31, 2015) with production continuing beyond date of publication,

e The injection of 4,968 tons of CO, with a maximum daily rate achieved of 22.09 tons per day,

e No evidence of vertical migration or horizontal migration outside the area of review (AOR) of the
injected CO, was observed, although there was horizontal migration from the injection wells
into a production well, and

e Comparisons of CBM production rates from periods before injection initiation to the injection
period show a reversal in the decline in production in the UF wells in the north and south with
an annual increase in daily production rates of 18.5% and 22.3%, respectively, which we
conclude is CBM production “enhanced” by the injected CO,.

As this project was designed to investigate the implementation of, at the time of its inception, what
were novel technologies in an area with limited study, economic success was not expected. Actual
project costs compared to the realized benefits resulted in a selling price of gas that amounted to a
$3.29 per mcf loss.



Alternative conceptual scenarios were evaluated by adjusting natural gas sales prices, costs of CO,, and
injection costs with varying results, some of which were profitable. Potential future applications of
ECBM production using carbon dioxide sequestration must be evaluated separately for its location in
space and time. The number of production wells and the commodity prices of methane and carbon
dioxide have a significant impact on the economics. Using commercially-purchased carbon dioxide for
ECBM has very limited potential profitability. Low, even negative, prices of carbon dioxide are
important, and the presence of an existing carbon dioxide pipeline infrastructure would be ideal.

Introduction

NETL Carbon Storage Program Objectives (U. S. DOE, 2014)

The U. S. Department of Energy (DOE) initiated the Carbon Storage Program (CSP) in 1997. Managed
under the DOE’s Office of Fossil Energy (FE) and overseen by the National Energy Technology Laboratory
(NETL), the program focuses on developing technologies to store carbon dioxide (CO,) to reduce
emissions without detrimentally impacting energy supply or economic growth.

The CSP has four major goals:

e Support industry’s ability to predict CO, storage capacity in geologic formations to within
130 percent;

e Develop and validate technologies to ensure 99 percent storage permanence;

e Develop technologies to improve reservoir storage efficiency while ensuring containment
effectiveness; and

e Develop Best Practice Manuals for monitoring, verification, accounting, and assessment; site
screening, selection and initial characterization; public outreach; well management
activities; and risk analysis and simulation.

Project Objectives

CONSOL Energy Inc., Research & Development (CONSOL), with the support of NETL, conducted a
program to construct and operate a coal-bed CO, sequestration site composed of a series of horizontally
drilled wells originating at the surface and extending through two overlying coal seams. All of the wells
were used initially to drain coal bed methane (CBM) from both the Pittsburgh (PIT, upper/mineable) and
Upper Freeport (UF, lower/unmineable) coal seams. After sufficient depletion of the reservoir, centrally
located wells in the lower coal seam were converted from CBM drainage wells to CO, injection wells,
through which CONSOL planned to inject a maximum of 20,000 short tons of CO, into the UF coal seam.

During injection, CONSOL monitored all injected CO, and produced CBM from the project wells.
Monitoring wells were also used to further examine horizontal and vertical migration of CO,.

The project was developed to address the CSP goals of:
e Supporting industry’s ability to predict CO, storage capacity in geologic formations to within

130 percent, and

o Developing technologies to improve reservoir storage efficiency while ensuring containment
effectiveness.



The technical and economic feasibility of carbon sequestration in an unmineable coal seam were
evaluated by this project. Indications of minimal enhanced coal bed methane (ECBM) production were
noted through monitoring of the project CBM well production records. Effective sequestration in
unmineable coal was demonstrated through various monitoring activities, which were widely
distributed across the site and surrounding area (Figure 1) during the injection phase and for two years
after the cessation of injection activities in November 2013.

Figure 1. Site map shows location of the CO, pilot site between the towns of Bellton and Georgetown
along Fish Creek in southern Marshall County, WV.

Project Details

Location

The CONSOL pilot site was located in the southeastern corner of the northern panhandle of West
Virginia (Figure 2). Geologically, the site is composed of soil-covered, flat-lying sedimentary rock strata
that are early Permian and late Pennsylvanian in age, in a valley formed by the Pennsylvania branch of
Fish Creek. The stratigraphy consists of alternating layers of clastic sedimentary rocks (sandstone,



siltstone, shale, mudstone, and claystone), limestone, and coal beds. Carbon dioxide was sequestered
in the Upper Freeport coal seam.

Figure 2. Red box shows the approximate location of the CONSOL Energy carbon sequestration pilot
site. (Shumaker & Wilson, 1996)
Participants

CONSOL was responsible for the overall management of the project. West Virginia University (WVU) and
NETL researchers worked collaboratively with CONSOL to expand monitoring and characterization
activities at the site in this project. Specific roles are detailed in Table 1.

Table 1. Project responsibilities by participant.

Role/Task Responsibility

CBM well development CONSOL

CBM well production monitoring CONSOL

Perfluorocarbon tracer study NETL
Soil gas flux monitoring NETL
Produced water monitoring CONSOL
Surface/vadose/.drin.king water WVU
zone water monitoring

Surface tilt monitoring WVuU
Seismic monitoring WVU




Timeline

The project was awarded in October 2001 and work on site selection, design, and development began
immediately. Originally planned for seven years, unforeseen drilling complications, permitting delays,
and injection difficulties extended the contract duration to a final end date of December 31, 2015.

Well drilling began at the North well site in 2003-Q1. Drilling was completed at the South and Center
well sites in 2004-Q3. Production from the project wells was initiated, following dewatering, in October
2004, from the South and Center sites, and delayed until April 2006, at the North site, due to well tubing
and dewatering problems.

As the wells were being produced, plans to convert the two wells at the Center site into CO, injection
wells progressed with the preparation of an Underground Injection Control (UIC) permit application
package. On the advice of the West Virginia Department of Environmental Protection (WVDEP), we
prepared an application for a Class V UIC permit and submitted it in December 2006. After receipt of
the Class V permit application, the WVDEP determined that a Class Il permit would be more appropriate
for our project. This determination required additional work on the application package and delayed
the submittal to October 2007.

The Class Il UIC permit was issued in April 2008. Work on converting the Center wells for CO, injection
began almost immediately; however, delays due to a collapse in the vertical section on one of the
injection well’s access wells pushed the completion of this phase to February 2009, and, following the
completion of mechanical integrity testing on both injection wells, the wells were approved for CO,
injection. CO, began in September 2009.

Injection was episodic, mainly due to periodic mechanical failures of the CO, injection pumping system,
from September 2009 to November 2013. A final monitoring period occurred for two years from the
conclusion of injection to the end of the project period.

A full project timetable is available for review in Appendix A.

Budget

The initial project award budget was in the amount of $9,207,753 for the project period of October 1,
2001 to December 31, 2008, with a cost share of 75.8% DOE/24.2% CONSOL. A contract modification in
May 2006 increased the budget amount to $13,216,903 with an increase in the CONSOL cost share to
32%. Modifications provided project extensions to December 31, 2015 to provide additional time to
attempt completion of the CO, injection objective and to provide additional time to complete a two-
year post-injection monitoring period that was a condition of the UIC permit. Table 2 summarizes the
cost share budget amounts.

Table 2. Cost share approved budget amounts.

Budgeted Cost
Original Budget Modified Budget
DOE Share $6,979,367 $8,983,942
CONSOL Share $2,228,386 $4,232,961
TOTAL $9,207,753 $13,216,903




Site Selection

Geologic Considerations

In 2001, CONSOL drilled seven exploratory core holes in northern Wetzel County and Marshall County,
West Virginia. Logs obtained from those core holes were utilized to evaluate potential locations for the
project. Geologic data from the Wetzel County cores indicated very thin or non-existent coal seams
lower than the Pittsburgh Seam in that area; however, Marshall County was much more promising in
terms of seam thickness and continuity. CONSOL identified a location near core MC-01-19, that was
judged favorable for the project due to the combination of acceptable coal seam thickness, accessibility,
topography, proximity to receiving natural gas pipelines, and land and mineral control by CONSOL.

CONSOL conducted desorption tests on the MC-01-19 core sample coals. The results of those analyses
are shown below in Table 3.

Table 3. Analyses of CONSOL Core MC-01-19.

Cotsean | e | S ot

(ft*/ton)
Sewickley 4.40 559.1 84
Pittsburgh 6.72 669.4 136
Mahoning 5.15 1210.5 205
Upper Freeport 4.25 1260.9 182
Lower Freeport 2.50 1306.15 194
Upper Kittanning 2.00 1356.5 186
Middle Kittanning 2.70 1405.0 198

The geologist log of core MC-01-19 indicates a thickness for the Mahoning coal seam of 5.15 ft,;
however, other cores samples collected from the surrounding area indicated that the Mahoning seam
was much thinner or absent and it was, therefore, deemed unsuitable for the project. Conversely, the
Upper Freeport seam thickness remained more consistent throughout the area.

For the reasons discussed above, the area surrounding CONSOL core MC-01-19 in Marshall County was
selected for the project with the Upper Freeport coal seam selected to be the “lower” or “unmineable”
coal seam for the project and the Pittsburgh seam was selected as the “upper” or “mineable” coal seam
for the project. A map showing the location of all area core samples referenced in this project, the
complete geologist log for core MC-01-19, and stratigraphic maps compiled from the stratigraphy
indicated in four other core logs collected in the area surrounding the chosen site, are included in this
report as Appendix B.



Access

In addition to the coal seam and gas content rights in this area, CONSOL owns an abandoned railroad
right-of-way which passes through the area surrounding core MC-01-19. The right-of-way, formerly
owned by Baltimore and Ohio Railroad Company, is 100 ft. wide on average and could facilitate access
into the area that is accessible via US Route 250, which can be reached from two major interstate
highways.

Following the site identification, CONSOL found that approximately 85% of the land and coal rights
necessary to proceed with the location had either already been secured or could be secured with
minimal effort. CONSOL completed land use agreements with three separate landowners; however, the
remaining property rights had been sub-divided into multiple owners through heirships. Access to these
rights required a court ruling to award the outstanding coal rights to CONSOL. Once completed, all
surface and subsurface property rights for the project location were secured and CONSOL was able to
initiate surface construction activities for the project.

Permitting

Production Wells

Prior to commencing any drilling activity in West Virginia, including the construction of an access road
to a well site, a well permit application must be prepared and approved by the WVDEP. In November
2002, well permits for the four wells planned for the north corner of the project site were approved
by WVDEP. Similarly, well permits for the four wells that were planned for the south corner of the
project site were approved in January 2003. The center well permits were received in June 2003.

After completing the wells at the north site and determining the original well design and drilling
approach was unsatisfactory (discussed in Experimental), the planned wells at the south and center sites
were redesigned, which required permit application revisions. The revised permit approvals were
received in May 2004.

Injection Wells

Following a period of degassing of the UF seam, the project plans involved the conversion of the center
wells from production to CO; injection wells. As the wells produced, plans to convert the two wells at
the center site into CO, injection wells progressed with the preparation of a UIC permit application
package. On the advice of the WVDEP, we prepared an application for a Class V UIC permit and
submitted it in December 2006. After receipt of the Class V permit application, the WVDEP determined
that a Class Il permit, under jurisdiction of the WVDEP Office of Qil and Gas, would be more appropriate
for our project. This determination required additional work on the application package and delayed
the submittal to October 2007. The final Class Il UIC permit was received in April 2008. Documentation
is included in Appendix C.

Prior to submitting the Class Il permit application, CONSOL learned the Class Il permit would require the
creation of observation wells, from which CO, concentrations would be monitored during injection and
for a period of two years after injection termination. The monitoring wells would require separate
permit approval that was requested in advance of the Class Il permit application and granted in July
2007.



Experimental

Site Development

Geologic Considerations

As previously discussed, much work was completed to identify the area chosen for the project. Core
samples provided some structural detail and allowed for the compilation of coal seam isopachs and
down-dip direction determination. Figures 3 & 4 present imagery of the aforementioned structural
detail, enhanced using data compiled by WVU, under direction of Dr. Thomas H. Wilson, who conducted
3D seismic surveys of the area to develop a cleat and fracture network model (Wilson, Zhu, Bajura,
Winschel, & Locke, 2011).

Figure 3. Depth (ft.), below mean sea level, to the surface of the Upper Freeport seam in the project
area (Wilson, Zhu, Bajura, Winschel, & Locke, 2011).



Figure 4. An isopach that details the thickness of the Upper Freeport coal seam in the project area;
thickness units are feet (Wilson, Zhu, Bajura, Winschel, & Locke, 2011).

As indicated in Figures 3 and 4, the UF seam both deepens and decreases in thickness from the north-
northwest to the southeast across the project area. Given this, much of the work, detailed in the
following monitoring sections, was focused in the north and western sections of the project area as it
was expected that the thicker coal held greater promise for the sequestration of CO,.

Production Well Design

Proposed Design

The well design should allow for the drainage of CBM from the project site and allow for the central
injection of CO, to store it and to enhance the generation of CBM. The initial plan involved drilling three
vertical wells to intersect the mineable PIT seam and terminate in the unmineable UF seam; from these
wells, horizontal laterals could be drilled in each coal seam, in wells “A” and “C,” in the PIT and UF to
form a boundary for the area of review in the shape of a square, each side being approximately 3,000 ft.
in length, and in well “B,” in the UF only, to later serve as the CO, injector.
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Figure 5. A schematic of the drilling plan, as originally proposed.

Drilling Plan — Revision 1

Shortly after being awarded the project, CONSOL’s gas operations engineers identified an improved
drilling technique that would enhance the removal of water from the well to increase CBM production.
The planned site boundary was rotated 90 degrees with the three well pads located in the northern and
southern points of the square and one remaining in the center. Figures 6 and 7 show the typical plan for
these wells. Each of the well horizontal sections were planned to extend approximately 3,000 ft. in the
selected coal seam, to form the boundary of the injection area. Revision 1 was utilized on wells at the
first well pad, referred to as the “north” site.
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Figure 6. Typical well plan schematics planned for revision 1 and followed for the north site wells,
MH-3, -4, -5, and -6.

Figure 7. Well detail showing the revision 1 sump and horizontal section plans used at the north site
wells.
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Drilling Plan — Revision 2

Lessons learned during drilling of the north site wells provided direction for the remaining wells. Rather
than a single well, through which a sump was drilled at an angle and the drill string was reversed to the
kick-off point for the curve to the horizontal section, two wells would be drilled to create a single
production well.

Figure 8 shows the typical cross-section arrangement of the wells at the “south” and “center” sites. In
these wells, a vertical well (“production” well) is drilled to the target coal seam, which is fully
penetrated, and the vertical well was extended approximately 250 ft. below the seam to create a
vertical sump. A second well (“access” well) is started at approximately 300 ft. away from the
production well to generate the curve and then intersect the production well when it has achieved a
horizontal orientation. The access well is then continued, horizontally, beyond the production well to
form the horizontal lateral. Using this procedure, multiple legs can be routed to a single production
well.

13 3/8" Conductor — M 133/8" Conductor

1034 Hole ———— ‘ € 1034 Hole
95/8" Casing ‘ 958" Casing
300 Feet g d
77/8" Hole —————— ! ‘ G 878" Hole
‘ 300 Feet
51/2" Casing ‘ 7 Casing
545 Feet (Bottom of 5 1/2" Casing) | ‘ g
K 150 Foot Curve
Pittsburgh Coal Seam @ 745 Feet Composite Casing through Coal Seam
Freeport Coal Seam @ 1,340 Feet

P ———

3,000 Foot Laterals - North Well and South Wells
1,000 Foot Laterals - Center Wells

Approximately 250 Feet Below Coal Seam K Not to scale

Figure 8. Final well concept, used at the south and center sites.

Drilling Results

Figure 9 shows the location of the wells described in the following subsections and Table 4 compares the
actual well lateral lengths to the planned lengths.
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Figure 9. Final well and horizontal configuration.

Table 4. Well horizontal leg lengths.

S

MH12Leg-NE| o .

WellID | LegID | Coalseam | Planned Length, ft. | Actual Length, ft.
MH-3 NA PIT 3,000 3,000
MH-4 NA PIT 3,000 3,000
MH-5 NA UF 3,000 2,200
MH-6 NA UF 3,000 Abandoned

NW UF 3,000 2,500
MH-11
NE UF 3,000 1,500
NW PIT 3,000 2,850

MH-12
NE PIT 3,000 3,000
North UF 1,000 1,000

MH-18
West UF 1,000 1,000
East UF 1,000 1,000

MH-20
South UF 1,000 1,000
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North Site Wells

Drilling of the north site wells in the PIT seam (MH-3 & MH-4) was successful, with each horizontal
section measuring 3,000 ft.; however, while drilling the first UF well (MH-5), the drillers determined
that, at 2,200 ft. of the horizontal section, the seam had thinned to less than 18 inches and decided to
terminate drilling at that point.

In the second UF well (MH-6), the drillers encountered the UF seam much shallower than expected and
had to employ countermeasures to readjust the drill curve. While cementing the well bore to aid in
adjustment, the drill string became trapped in the well and was cured in place in the newly poured
cement. Further attempts to complete this well were unsuccessful and well MH-6 was eventually
abandoned.

In addition to the drilling difficulties, other technical and geological complications attributed to the well
design impeded dewatering and limited CBM production. Design limitations included an ineffective
sump orientation, the inability to effectively remove drill cuttings, and communication between the well
annulus and water extraction tubing. Geologically, the down-dip direction of the coal seams (NNW to
SE) allowed the south to southeasterly-oriented horizontals of these northern wells to fill with water,
choking the flow of CBM. These problems delayed production from the north wells until April 2006.

Figure 10. The North Site wells, shortly after completion.

South Site Wells

Production wells MH-11 (UF) and MH-12 (PIT) were drilled at the south site using the revision 2
procedure. Each well was drilled with two horizontal legs (each leg was planned for an approximate
length of 3,000 ft.) to create the remaining boundaries of the project site.

The legs of the MH-12 extended 2,850 ft. to the northwest and the complete 3,000 ft. to the northeast.
In well MH-11, the drillers encountered thinning coal and stopped drilling the northwest leg at 2,500 ft.
and the northeast leg at 1,500 ft. Production was initiated in January 2005.
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Figure 11. The South Site wells, following completion.

Center Site Wells

The center wells, MH-18 and MH-19, were also drilled using the revision 2 procedure. Each well was
completed with two-1,000 ft. horizontal legs, as planned, radiating outward, towards the north and
south sites. The wells were placed into production service during January 2005.

Figure 12. The Center Site wells, during production.
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UIC Permit Requirements

The final Class Il UIC permit contained several stipulations that were implemented in our final approach.
The permit limited our injection rate on each injection well to 0.56 tons per hour and limited the
wellhead pressure on each injection well to 700 psig, both limits of which were instrumental in the
establishment of our daily and project injection goals of 27 tons per day and 20,000 tons for the project.
The pressure limit provided detail that was useful in the specification of our piping, valves, pump, and
injection well packers; as well as our safety protocol development. Initially, the pressure was measured
in the piping, near the vaporizer, immediately after the flow control valves leading to each well. As
these locations were several hundred feet from the wellheads, recorded pressures occasionally
exceeded 700 psi but, pressure at the wellheads was determined to be less than 700 psig when pressure
drop over the pipe distance was considered. Later, these pressure transducers were relocated to the
wellheads. Aside from the rate limitations, the Class Il UIC permit provided several other requirements,
which are detailed below.

Injection Well Modification

After 30 months of production, wells MH-18 and MH-20 were shut-in, to convert the wells into injectors.
The conversion involved the installation of removable packers with two-inch stainless-steel injection
tubing and two requirements of the UIC permit to plug the access wells for MH-18 and MH-20, MH-19
and MH-21, respectively, and perform a mechanical integrity test (MIT) of the injection wells to ensure
the injection wells were leak-tight.

Access Well Plugging

Partial Plugging Plan

A partial plugging plan for the wells was developed and submitted to the WVDEP in September 2008, for
approval. Referring to Figure 13, which depicts a cross-sectional view of an access and production well
set up, it can be observed that the access wells were drilled vertically down for approximately 1,000 ft.
The vertical section of the access well is cased, and the bottom casing is approximately 5.5 inches in
diameter. The access well bore then curves and extends horizontally through and past the
corresponding injection well. The curved/horizontal section of the access well is uncased. The depth at
which the access wells become horizontal and intersect the injection well is approximately 1,260 ft. for
MH-18 and 1,268 ft. for MH-20.

As per the partial plugging plan, it was intended to drill down the access well and install a packer in the
Upper Freeport coal seam. The section where the packer would be installed is approximately indicated
by the lines A and B in Figure 13. With the packer installed, the remaining uncased section of the access
wells could be cemented, approximately 100 ft. into the 5.5 in. casing. The approximate boundary for
this section is indicated by the lines B and C in Figure 13. The plan was approved by WVDEP and permits
to re-drill access wells MH-19 and MH-21 were issued.
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Figure 13. Partial plugging plan for access wells MH-19 and MH-21.

Access Well MH-21

Access well MH-21 was plugged in February 2009, per the approved partial plugging plan. A plugging
affidavit was prepared and submitted to the WVDEP on February 24, 2009.

Access Well MH19

The initial two attempts to plug access well MH-19 failed because the access well had collapsed in places
and because of the presence of a cavity in the original well bore, making it difficult to retrace the access
well.

During the third attempt to plug the access well, the approach was slightly modified to intentionally
deviate from the original well bore, while drilling, to avoid the cavity and the collapsed section of the
well, and then attempt to reenter the original access well in the coal seam. A packer could then be
placed and the well cemented to plug the access well to the satisfaction of WVDEP. However, during
our attempt to plug, the drillers were successful in deviating away from the original well bore to avoid
the cavity and they were also successful in intersecting the original well bore in the coal seam, but they
failed to reenter the well.

An alternative plugging plan was formulated to plug the access well MH-19 at the interface of the coal
and the roof shale. The proposal was submitted to the WVDEP on April 13, 2009, outlining the new
approach to effectively plug MH-19. The new approach would involve drilling a new vertical well that
intersects MH-19 at the exact point where it enters the UF coal seam and then setting a cement plug at
this point of intersection.

The technique has been used by several companies to drill horizontal CBM wells where a vertical
production well is drilled first and a hole-opening tool is then used to create a cavity in the coal seam.
The access well and the horizontal laterals are drilled later, and the presence of the cavity greatly
increases the likelihood that the access well will make a clean and complete intersect with the vertical
well. The hole-opening tool can be used to drill cavities as wide as 72 in. In our case, a 72 in.-wide
cavity would allow us to establish communication with the original access well (Figure 14). The cavity
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would then be filled up with cement, plugging the original access well at the point where it enters the
coal seam (Figure 15).

Figure 14. Cavity drilled in the coal seam to intersect the original access well.

Figure 15. Cavity filled with cements plugs original access well at desired location.

The proposal to plug the access well in this manner was approved by the WVDEP in April 2009. Drilling
operations began in June 2009, with drilling of the new well, MH-19-1A. All steps outlined in the
proposal were successfully executed, and access well MH-19 and the newly drilled well MH-19-1A were
plugged to the satisfaction of WVDEP.

Injection Tubing Installation

Once the access wells were successfully plugged, the injection tubing could be installed in wells MH-18
and MH-20.
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MH-18

The injection string was installed, as follows: Carbon steel tubing (2-7/8 in.-0.D., 4.7 Ib/ft) was installed
to a depth of 1,230 ft; a 5.5 in.-O.D. inflatable single-set packer then extended from the depth of 1,230
ft. to 1,240 ft. and was followed by a 20 ft. joint of stainless steel tubing that extend to the depth of the
injection zone in the UF at 1,260 ft.

A single-set inflatable packer, once set, is designed to provide an adequate seal and withstand back
pressures of up to 3,500 psi. The maximum well-head injection pressure permitted by the UIC permit
was initially established to be 700 psig, hence it was expected that the packer would provide a sufficient
seal against the injected CO,. All components used along with the packer were nickel coated to inhibit
any corrosion and to prevent any consequent leakage of CO,. All components were installed,
successfully, in late June 2009.

MH-20

The MH-20 injection string consisted of 2-7/8 in.-0.D., 4.7 Ib/ft carbon steel tubing extending to a depth
of 1,210 ft.; a 6.40 in.-0.D. single-set, rotational-release packer then extended from the depth of 1,210
ft. to 1,220 ft.; and then a 30 ft. joint of stainless steel tubing extended close to the top of the UF
injection zone at 1,265 ft.

A single-set rotational release packer, once set, is designed to provide an adequate seal and withstand
back pressures of up to 5,000 psi and is expected to provide a sufficient seal against the CO, injected
down this well. All components used along with the packer were nickel coated to inhibit any corrosion
and to prevent any consequent leakage of CO..

During the installation of these components into MH-20, the packer could not pass beyond a depth of
1,030 ft. After several attempts to insert the packer a milling tool and a scraper, consistent with the
diameter of the packer, was utilized to even and clean the inside walls of the casing and the packer and
injection tubing were successfully set at the desired depth in early August 2009.

MIT

The UIC permit required demonstration of a MIT on the tubing annulus of the injection wells to establish
that there are no leaks in the injection tubing and the CO, will not leak when it is injected under high
pressure. A successful demonstration of MIT requires:

a. Filling the annular space between the injection tubing and the injection well casing with
water,

b. Pressurizing the annular space up to 1050 psig to 1400 psig,

C. Monitoring and recording the annular pressure over 30 minutes,

d. Ensuring that the loss of annular pressure is less than 5% during the course of the test, and

e. Ensuring that the test is witnessed by a field inspector or permitting officer from WVDEP.

The MIT was conducted successfully conducted on both injection wells on August 6, 2009; no loss of
pressure was observed during the course of the tests (Figure 16). The tests were witnessed by field
inspectors and a permitting specialist from the Office of Oil and Gas at WVDEP. All necessary forms
were completed and submitted to the Office of Oil and Gas on August 12, 2009; and returned to us, with
approval, on August 18, 2009. The complete MIT results and permit package is included in Appendix D.
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Figure 16. MIT Chart Recordings for MH-18 and MH-20.

Monitoring

To verify the absence of vertical or horizontal migration of the sequestered CO,, the UIC permit provided
several monitoring terms and conditions and established an area of review (AOR) that extended one-
quarter mile beyond the boundary established by the perimeter laterals of the wells at the north and
south production sites. Within the AOR, we were required to conduct pre-injection monitoring, periodic
monitoring during the injection period, and then quarterly for two years following the cessation of
injection activities. During injection, the UIC permit required for the suspension of injection should the
monitoring results have indicated an increase in the level of CO, that was greater than ten percentage
points above the pre-injection monitoring level. Additional detail on the monitoring requirements,
along with results, is provided in the monitoring section. Figure 17 shows a map of the project site with
the AOR indicated by the pink, dashed outline.

Figure 17. The project site map indicating the 1/4 mile AOR.
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Injection
CO,

Source

A vital component in the success of the project was identifying and securing an affordable, readily-
available, and dependable source of CO,. Two source options were explored; each is detailed below.

Processing Plant CO,

Raw natural gas can be treated chemically, using various alkylamine compounds, or physically, with
membrane separation, to remove or decrease concentrations of various components of the gas. In the
initial phase of the project, the composition of the CBM produced from the project wells contained an
average CO, concentration of 1.8% (vol.). The pipeline specification we were required to meet to
transfer the CBM to the supply company was set 1.25% (vol.). An amine processing system was installed
by CONSOL to reduce the CO, concentration. We evaluated the feasibility of compressing the resulting
CO, gas stream from this facility for use in the project; however, as our initial CBM production rate
averaged less than 400 mcfd, the volume of CO, generated was not sufficient for our injection needs.

Consideration was given to supplementing this CO, volume with CO, from another CONSOL processing
plant that utilizes membrane separation. The CO, could be compressed and piped to the project site,
using a pipeline that would have to be built, or liquefied and trucked to the site. While these options
may prove effective in full-scale operations where CO, is acquired from a large industrial source, such as
could occur where the project site is adjacent to or on the grounds of a power generation facility,
neither option was considered economical for this project, as this CONSOL processing plant also
produces a small volume of CO, and is located 12 miles via direct line or 33 miles via road, from the
project site.

Purchased CO,

CO, can be purchased, in bulk, from a variety of sources where it is a recovered by-product from their
primary operation. Discussions with industrial bulk gas suppliers led us to dependable sources of CO,
that could be supplied from ethanol production facilities where food-grade CO, is recovered and sold in
liqguefied form.

Proposals from three potential suppliers were reviewed and an initial bid of $130 per ton, delivered, was
selected. Over the duration of our injection activities, the price increased to $148 per ton and then $168
at the end of the injection period.

Delivery and Storage

The vendor arranged truck shipments of the liquid CO, in 20-ton deliveries, which were coordinated
with our injection needs. The liquid CO, was transferred to a 50-ton bulk storage tank (Figure 18), for
on-site storage.
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Figure 18. The 50-ton CO, storage tank, following installation.

Original Injection System Components

The injection system was designed to convert liquid CO, to a vapor and to compress it for injection into
one or both of the two injection wells at the maximum permitted pressure. A 2-cylinder reciprocating
pump (Figure 19) transferred the liquid CO, through a tube-in-shell heat exchanger (Figure 20) that was
heated by a recirculating stream of hot water from a 490,000 Btu/hr, gas-fired hot-water boiler (Figure
21) to vaporize it. From the heat exchanger, the vapor-phase CO, was routed through a short section of
pipe that split the flow of vapor-phase CO, to each injection well. At this point, the CO, was routed
through a flow meter, flow control valve, and pressure transducer, before continuing to the wellhead
(Figure 22).

Figure 20. CO, vaporizer skid with the shell-in-
tube heat exchanger in the

foreground.
Figure 19. Cryomec, 2-cylinder CO, pump.
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Figure 21. CO, vaporizer skid with the hot Figure 22. MH-20 CO2 vapor injection line

water boiler in the foreground. (flow right-to-left) detailing the
control valve and flow meter
locations.

Pumping improvements

CO, injection began on September 8, 2009. Initially, CO, injection was intermittent as the injection
system, while designed to operate continually, was not completely programmed for remote operation
or automatic emergency shutdown, at that time. The system was operated for 14 total days, eight
hours per day, as we conducted programming modifications, until January 20, 2010, when it was made
fully operational, following the final modifications, which allowed the system to run while unattended.

During this preliminary period of operation, debris from the tank and liquid CO, lines ahead of the pump
passed through the pump, damaging internal seals. To eliminate future recurrences of this, a filter
system was installed upstream of the pump.

Seal and other internal failures of the pump were recurring problems, which forced shutdown delays
and limited injection. Eventually the original pump was replaced with a triplex pump (Figure 23). Triplex
pumps are well suited for this application and are capable of operating at higher pressures than our
original pump, and they can also handle some debris in the liquid stream. The original pump was
removed from service on November 3, 2010, and work began on the installation of the triplex pump and
associated components, including a booster pump, which was installed upstream of the triplex pump
(Figure 23) to maintain proper pressure on the supply stream and keep the CO, in the liquid phase.
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Figure 23. The replacement triplex pump (blue in foreground) with booster pump (gold in
background), shortly after installation.

Injection pressure increases

The original UIC permit specified a maximum CO, injection rate of 0.56 tons per hour per well and a
maximum injection pressure limit of 700 psig. Within a few weeks of initiating the automated injection,
we were forced to limit the injection rate to approximately 5 total tons per day to avoid exceeding the
pressure limit.

To improve the injection rate beyond 10 ton/day and achieve a rate closer to our rate limit, we
requested and received permission from the WVDEP to increase the maximum injection pressure to 933
psig. This new pressure limit was equal to two-thirds the pressure at which the injection well MITs had
been conducted; this it allowed a higher injection pressure while still providing a substantial safety
factor. On August 8, 2010, the system was shut down and piping and safety modifications to allow the
pressure increase were initiated.

Even at this higher pressure, an injection rate of 20 ton/day was not sustainable; injection rates fell from
15.7 tons per day to 7 tons per day within a few months, prompting a request to WVDEP to increase the
pressure limit still further, this time to 1,400 psig. To gain permission from WVDEP for this increase in
allowable injection pressure, additional steps were necessary. It was necessary to conduct a step-rate
test to demonstrate that the increased pressure would not part (i.e., fracture) the formation. It was also
necessary to replace our original injection pump with the triplex model, because our original injection
pump was not capable of injecting at 1,400 psig.

Further detail on each injection pressure increase is provided in the results section.

Monitoring

The UIC permit required a monitoring plan to outline our approach to ensure the absence of migration
of CO, beyond the %- mile AOR limits. To accomplish this, a variety of monitoring techniques were
employed.

Production Well Monitoring

Fifteen production wells within a quarter-mile of the AOR were sampled to determine pre-injection
characteristics of the CBM and water (if available) produced. The wells included the project CBM wells;
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a nearby CBM production well; and area shallow oil and gas (SOG) wells, some of which had been
plugged. CBM samples were analyzed for oxygen, nitrogen, methane, ethane, higher hydrocarbons, and
CO,. Only three of the CBM wells occasionally produced enough water for analysis for pH, dissolved
oxygen, oxidation-reduction potential (ORP) and conductivity, dissolved solids, and numerous anions
and cations. Water temperature was also measured.

Observation Well Monitoring

Two observation wells, MH-26 and MH-27, were drilled into the UF to observe for horizontal migration
of the CO, plume. The wells were drilled to the west of the injection site, in a region containing the
greatest seam thickness. MH-26 was drilled inside the AOR to detect indications of plume migration
toward the MH-5 production lateral. MH-27 was drilled outside the MH-5 production lateral
“boundary” to detect migration toward the AOR boundary. Gas from the wells was sampled at the same
times as the production wells, and samples were analyzed for oxygen, nitrogen, methane, ethane,
higher hydrocarbons, and CO,. The isopach in Figure 4 shows the location of the observation wells, in
the western quadrant of the site, and an indication of the UF seam thickness in those locations.

Shallow hydrogeological monitoring

Additional environmental monitoring was conducted by WVU researchers on stream water, shallow
ground water, and shallow vadose zone gas. Figure 1 provides the locations of these monitoring sites
and Table 5 provides the tests performed at each site. These sites were located within bedrock of the
Washington Formation of the middle Dunkard Group, monitoring water wells W-1, W-2, and W-3,
sampled domestic wells B-1, B-2, G-1, G-3, and G-4, and domestic spring G-2); or within soil or alluvium
(Fish Creek and vadose soil zone wells W-1A, W-2A, W-2B, W-3A, W-4A(4), and W-5).

The three shallow ground-water monitoring wells were 105 ft (32 m) deep. Wells W-1 and W-2 had
casing that penetrated to below the water table and hence were not directly connected with the vadose
zone, while well W-3 had casing that terminated above the water table.

As wells W-1 and W-2 are inadequate for sampling vadose zone gas, and well W-3 vadose gas was found
to be contaminated with methane; six shallow soil vadose zone wells, W-1A, W-2A, W-2B, W-3A, W-
4A(4), and W-5, were constructed in May and June of 2011. During well construction the screen annulus
zone was filled with coarse sand and the casing pipe annulus zone was filled with bentonite clay to land
surface. Well W-4A replaced well W-4 due to soil plugging of the latter’s well screen and shutting off its
connectivity with soil vadose zone gas. Figure 24 depicts WVU graduate researchers B. D. Hega and K. E.
Berry sampling at the W-1 site.
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Figure 24. Shallow groundwater monitoring at W-1.

Table 5. Shallow hydrogeologic sampling matrix.

Location Analytical Parameter
Field Laboratory
Conductivity Conductivity
. Temperature pH
z'f;easr_’r; P;:th_?) pH Caltions2 (Ca';z, Mg, Nza”,
T Total dissolved sulfide K™, Fe™, Al”>, and Mn*)
Anions (HCO5™, CI'!, SO,2)
Conductivity Conductivity
Temperature pH
Monitoring Wells: | pH Cations (Ca*?, Mg™, Na",
W-1, W-2, and W-3 | Total dissolved sulfide K™, Fe*?, AlI®, and Mn*?)
CO, Gas Anions (HCO5™, €I}, SO,2)
CH,4

Residential water monitoring

Seven area residential water sources, six wells and one spring, were sampled during this project, six by
WVU scientists and one by CONSOL. Table 6 provides a summary of these locations and Table 7 a list of
the analytes.
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Table 6. Residential water supply sampling locations.

Sa;r;?rllitng Sarrtl)sled Lo((\::/:;())n Supply Type Depth (ft) Use Pump
GW CONSOL | Georgetown Well Drilled Unknown ;/jtr(;%fr Manual
G-1 wvu Georgetown Well Drilled 55 All Electric
G-2 wvu Georgetown | Spring | Free-flow NA All None
G-3 wvu Georgetown Well Hand-dug 20 Drinking Manual
G-4 Wvu Georgetown Well Drilled 40 All Electric
B-1 Wvu Bellton Well Drilled 34 All Electric
B-2 Wvu Bellton Well Drilled 60 All Electric

Table 7. Residential water supply sampling matrix.

Analytical Parameter

Location

Field Laboratory
Conductivity, Conductivity, pH;
GW, G-1, G-2, G-3, | Temperature, pH, and Cations (Ca**, Mg**, Na*', K™,
G-4, B-1, & B-2 Total dissolved sulfide | Fe*?, Al**, and Mn*?); and
(WVU locations only) Anions (HCO5™, CI™!, SO,?)

Perfluorocarbon Tracer Gas Monitoring

Injection

NETL researchers injected two vaporized liquid perfluorocarbon (PFC) tracer gases over seven days,
beginning April 15, 2011, simultaneously with the CO, vapor through a valve on the top of the injection
wellheads. Approximately 500 milliliters (mL) of liquid perfluoromethylcyclohexane (PMCH) was
injected into injection well MH-18 and approximately 500 mL of liquid perfluoro-1,3,5-
trimethylcyclohexane (PTCH) was injected into injection well MH-20, each at an approximate rate of
12.5 ml/ton CO,. The tracer compounds are liquid at room temperature but, because they both have
high vapor pressure, they exist in the vapor phase at injection conditions.

Monitoring
PFC monitoring occurred at several locations within the AOR, and included samples of:

e Ambient air,
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e Soil gas,
e Water well headspace air, and
e  Production well CBM.

The samples were collected from areas that are adjacent to all existing well bores; in areas that possess
signs of possible surface fault expressions, as determined from lineament analysis; and areas showing
light hydrocarbon anomalies, identified by soil-gas depth profiling (increasing methane signal with
depth) or atmospheric monitoring (methane signal without corresponding heavier hydrocarbon signals).
Figure 25 provides an overview of the 37 sampling locations.

Figure 25. Satellite image of the AOR indicating the tracer gas monitoring locations.

During the tracer injection period, atmospheric PFC monitors were located at the sampling locations.
Following tracer injection, the atmospheric monitors were collected and replaced, and soil-gas monitors
were added. From this point, the sample exchange schedule was as follows:

. After 1 week: exchange all monitoring locations,

. After 2 weeks: exchange all monitoring locations,

. After 1 month: exchange all monitoring locations, and then
. Exchanges every other month (weather permitting).

Additionally, samples were collected weekly from the headspace of existing water monitoring wells and
production gas wells. These samples were collected by drawing a 3-liter sample volume of gas through a
sample tube.
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Others

Carbon isotope monitoring

The difference in the ratio of the carbon-13 isotope to the carbon-12 isotope relative to a standard (6“C)
varies between certain plant types and certain geological materials, providing a signature the can be
utilized to determine the source of the CO,. The signature can be used to differentiate between the
CBM, the injected CO,, and vadose zone CO, from plant and microbial respiration and; therefore, can be
used to monitor for isotopic shifts in the 6”C, which could indicate leakage from the targeted storage
formation (Meier, 2014). The groundwater can be evaluated for §“C through the dissolved inorganic
carbon (86"Cp,c) present through the dissolution of CO, in the water. Bethany Meier, who at the time was
a WVU graduate student working on a Master of Science in Geology, collected samples over a 12-
month period, from August 2013 to August 2014, from the five CBM production wells, three WVU
groundwater monitoring wells, and seven soil vadose gas sampling locations. The sampling locations are
displayed in Figure 26.

Figure 26. An overview of the isotopic sampling locations.

Samples were collected at the site during and after CO, injection, monthly, when possible, for the
groundwater and vadose gases; CBM from the PIT wells was collected quarterly; and injected CO, was
analyzed three times during injection to confirm isotopic consistency. Meier also collected vegetation
samples for §C analysis, in May 2014.

During each sampling trip, all samples were collected on the same day, before noon. One set of samples
was collected during an extended period of injection in August 2013. The remaining sample sets were
collected during times when the system was down or during the post injection-monitoring phase of the
project (Meier, 2014).

Surface deflection

Thirty-six high-precision tiltmeters were installed along with two global positioning system GPS stations
to measure surface deformations as a result of CO, injection and CBM production. The tiltmeters placed
at the field site have the precision needed measure surface deformations in the sub-millimeter range.
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Figure 27 shows the monitoring array of 36 tiltmeters (red dots) and 2 GPS stations (purple squares)
installed at the site. Figure 28 shows a typical tiltmeter installation. The tiltmeters and two GPS
receivers were calibrated during installation, prior to the injection of carbon dioxide. Tiltmeter data
were collected on a daily basis by using a computer-based data collection system.

Figure 27. Locations of tiltmeters.

Figure 28. A tiltmeter monitoring location at the project site (photo courtesy of H. J. Siriwardane & R.
K. Gondle, WVU).

31



Results

Injection

The injection period was initially planned for two years, which provided sufficient duration to meet our
injection goal of 20,000 short tons while remaining below the UIC permit daily injection limit of 27 TPD.
Carbon dioxide injection was initiated on September 8, 2009, and ceased on November 2, 2013, a 1,516
day period. Initially, the injection was intermittent for a total of 14, eight-hour days, from September 8,
2009, until programming for continuous remote operation and automatic emergency shutdown was
completed on January 20, 2010, following these modifications, the system was allowed to operate while
unattended.

Injection was interrupted by several events, including mechanical failures, weather delays, and work on
area pipelines. Figure 29 provides a plot of the injection rates and pressures in each of the two injection
wells for the entire duration of the injection period. The following sections offer detail on these delays.

Over the injection period, the system was in operation for a total of 12,736 hours over a total of 685
days of operation with an average operating time of 18.5 hours per operating day. Over this time, we
injected a total of 4,968 tons of CO, with 2,690 tons injected into MH-18 and 2,278 into MH-20.

The maximum daily rate achieved was 22.09 TPD on August 9, 2013, which was within the 73-day period
of injection between June 24, 2013 and September 4, 2013, that had the highest average daily injection
rate of 16.42 TPD. The longest stretch of active injection was 123 days, between February 14, 2011, and
June 16, 2011, during which the average daily injection rate was only 5.92 TPD. A compilation of daily
injection data is contained in Appendix E.

Figure 29 shows the trending for the daily injection rates and maximum observed daily pressures for the
complete project. Greater detail is provided later, in Figures 30 — 32.
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Pressure increase requirements

As previously detailed, the original UIC permit injection wellhead pressure limit was 700 psig. After
initiation of full-time, remote injection on January 20, 2010, at a maximum daily injection pressure of
552 psig (MH-20), the injection pressure reached the maximum limit of 700 psig by March 31, 2010. At
this same time, the injection rate fell from a high of 21.3 TPD on January 23, 2010 to a daily average of 5
TPD, as we decreased the injection pump speed to stay below the pressure limit. Figure 30 shows the
injection trend for the 700 psig injection period.
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Figure 30. CO, Injection period 1/20/10 — 8/8/10 (700 psig limit).

700 to 933 psig

As this injection rate would not allow us to achieve our injection goal in the planned project duration,
over the next several months we planned for and then submitted a request to the WVDEP an increase
on the maximum injection pressure to 933 psig, at the wellhead. This new pressure limit was equal to
two-thirds the pressure at which the injection well MITs had been were conducted; this allowed a higher
injection pressure while still providing a substantial safety factor.

From June 9, 2010 to August 8, 2010, injection was limited to well MH-18 to provide for an increased
injection rate to the area containing the most tiltmeters. The study was intended to increase the CO,
storage in that area to generate a response from the tiltmeters. On August 8, 2010, the system was shut
down and piping and safety modifications to allow the pressure increase to the 933 psig limit were
initiated. Injection resumed on August 19, 2010.

Afterward, the wellhead pressure reached 900 psig by the end of August 2010 and, despite several
months of repeated outages that provided short periods of injection of only a few days at a time, the
new maximum pressure was achieved by mid-November as, with each outage, the pressure in the well
was decreasing less and creating a higher starting pressure each time injection was resumed. Over the
period of August 19, 2010 and February 13, 2011, the system was only in operation for all or portions of
only 68 days, totaling 732 hours of injection. The higher pressure limit did allow for slightly increased
injection rate as, on days where continual injection was possible, the rate improved to approximately 11
TPD.
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Beginning on February 14, 2011, a four-month period of injection occurred where only four full days
were lost to outages. During this time, while controlling near the maximum allowable injection
pressure, the injection rate declined again to 5 TPD.

On June 16, 2011, and June 23 and 24, 2011, failures of the pump in quick succession left us without
replacement parts, as all had been returned to the manufacturer for refurbishment, forcing a 62 day
outage for return of the pump parts. The intermittent failures of the pump over the previous winter
months and the declining injection rate at the higher pressure limit prompted a request to the WVDEP
for another pressure limit increase to 1,400 psig.

Figure 31 includes the injection trend for the 933 psig injection period.

933 to 1,400 psig

To achieve this increase, it was necessary to replace our original injection pump with a triplex model
pump, as our original injection pump was not capable of injecting at 1,400 psig. Reconfiguration of the
pumping system began on November 4, 2011. Installation and reprogramming of the control logic was
completed over the next two months and we began testing of the system on January 9, 2012.

The new pumping system required a great deal of testing and, eventually even required piping
modifications to eliminate occurrences of vapor lock in the pump. Eventually, this condition required
assistance from the manufacturer and after several improvements to the transfer piping and control
logic programming.

The pumping system was returned to service on July 23, 2012, and it was operated at the previous 933
psig limit as the request for this increase to 1,400 could not be submitted until we completed a step-rate
test to demonstrate that the increased pressure would not part (i.e., fracture) the formation. The step-
rate test was successfully completed on September 11, 2012, and the allowable pressure increase was
granted by WV DEP on January 16, 2013. Pertinent information for this increase, including step-rate
testing data, is included in Appendix F.
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Figure 31. CO2 Injection period 8/19/10 — 1/20/13 (933 psig limit).
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Operation with a 1,400 psig limit

We initiated the 1,400 psig pumping period on January 24, 2013, by gradually increasing the CO,
pumping rate. On February 8, the maximum injection wellhead pressure in this project, 1,377 psig in
MH-18, was achieved after the injection flow to MH-20 had been turned off to allow for another study
on the tiltmeters where, from February 8 to July 19, when injecting, all flow was directed to MH-18 to
allow for the observation of surface response in the tiltmeters located MH-18 injection area.

The new pumping system was effective, during this period, until leaks in the booster pump were
encountered between February 12 and June 23, 2013, causing an additional 80 days of lost injection
time. Despite these two events, the new pumping system ran at a consistently higher pressure while
delivering as much as 22 TPD. Figure 32 shows the injection trend for the 1400 psig injection period.

Breakthrough

As operation continued with the new pump at the improved injection rate and higher pressure, a sample
of produced CBM was collected on August 30, 2013, from coal bed methane (CBM) well MH-11 (to the
south), that was found to have a CO, concentration of 8.9%. The well was resampled on September 4,
and the concentration had risen to 21.9%. Injection was immediately suspended and the WVDEP was
notified of the finding. No other well deviated significantly from pre-injection CO, concentrations during
this time.

During the remainder of September 2013, the injection system remained idle while the MH-11 CO,
concentration decreased, as required by WVDEP. By the end of September the concentration had fallen
to 4.8% and then to 3.3% on October 21, 2013. On October 23, WVDEP granted permission to resume
injection activity in injection well MH-18 only, which would direct injection away from the area of
breakthrough. The agreement also required us to monitor the CO, concentration in the MH-11
produced CBM during injection in MH-18.

Injection resumed on October 24; however, a low level in the CO, storage tank required us to shut down
until a reliable CO, delivery schedule was established. On October 28, following filling of the storage
tank, injection resumed and continued until a storm caused a power loss at the site in the early-morning
hours of November 1. We attempted to restart the system, following power restoration, on November
2, but noticed the injection pump had apparently been damaged by the sudden shutdown, as it had
developed a substantial leak. Field efforts to correct the leak were unsuccessful. The remaining repair
option would require removal of the pump and its return to the factory, likely taking us to the UIC
permit expiration date of December 31, 2013; thus, we terminated injection activities at that time.
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Figure 32. CO, Injection period 1/23/13 —12/31/13 (1,400 psig limit).

Interruptions

The various periods of injection interruption can be identified in Figures 28 to 31 where the “daily CO,
injected” traces trend at O tons. Appendix E provides a daily injection summary where each period of
interruption is described and color-coded by incident type.

Pumping outages

During the initial period of manual operation, debris from the tank and liquid CO, lines ahead of the
pump passed through the pump, damaging internal seals. To eliminate future recurrences of this, a
filter system was installed upstream of the pump.

The original pumping system experienced repeated seal and discharge check valve failures (Figures 33
and 34), which forced shutdown delays and limited injection. A total of 124 injection days were lost
over the course of the first 653 days of injection, following the initiation of continuous operation. Most
of these days were lost awaiting the arrival of rebuilt parts from the manufacturer as the pump was
custom designed for this application and not a “shelf” item. During a 62-day delay in the summer of
2011, we elected to purchase a replacement pumping system, selecting a triplex pump (Figure 20), as
they are well suited for this application, are capable of operating at higher pressures than the original
pump, and can also handle some debris in the liquid stream.
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Figure 33. Accumulated debris with wear on an original pump cylinder and seal.

Cracking of the
check valve

N\

Figure 34. A new pump discharge check valve (left) compared to a failed discharge check valve (right).

The original pump was removed from service on November 3, 2011, and work began on the installation
of the triplex pump and associated components, including a booster pump, which was installed
upstream of the triplex pump (Figure 20) to maintain proper pressure on the supply stream and keep
the CO, in the liquid phase.

The new pumping system required a great deal of testing and it eventually required piping modifications
and reprogramming of the injection controls logic to eliminate vapor lock conditions in the triplex pump.
The new pumping system was finally placed online on July 23, 2012. The new pumping system was
effective until leaks in the booster pump developed and, between February 12 and June 23, 2013, an
additional 80 days were lost to two leak events.
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Weather and power-related outages

Storms caused frequent power outages which, given the remote location of the project site, could last
for several days; for example, an extreme winter storm and snow event on February 4-5, 2010, left the
site inaccessible and without power for 20 days. Various other times in the winter months, the CO,
delivery trucks would not make deliveries due to safety concerns arising from snow and ice and the
steep hill leading to the site access road. In fact, two CO, delivery trucks slid off the roadway while
descending this hill during icy conditions.

The cold weather also forced the system to shut down several times due to interruptions in the hot
water boiler fuel supply that was obtained from an adjacent gathering line fed by local wells. During the
cold weather, condensation in the well heads would freeze and plug the well flow off, thus cutting off
the fuel for our boiler. Generally, this situation would be corrected naturally as warming daytime
temperatures and direct heating from the sun would thaw the condensation within a few hours;
however, several extended periods of cold weather interrupted the boiler gas supply for several days,
each.

Figure 35. Snow cover on the pumping equipment following a winter storm of February 2009.

Other outages

Other outages were generally related to boiler fuel access. On two extended occasions, the local wells
that fed the gathering line were shut in by the well operators. A two-week shut-in period was required
in May 2010 to allow a pipeline crew to bury the gathering line that fueled the boiler, and a 43-day shut-
in started on May 11, 2013, to allow for repairs on a ruptured pipeline that, although not related to our
project, was buried in the same right of way as our pipeline.

CBM production

The drilling difficulties and technical and geological complications at the north site discussed in the
Drilling Results section delayed production from the north wells until April 2006; the north site wells
remained poor producers for the duration of the project. The south site wells, despite being drilled
considerably after those at the north site, began producing in January 2005, along with the center site
wells.
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CBM production from the center wells served to degas the UF in the center of the project area, prior to
converting these wells to CO, injectors. To prepare for the conversion, wells MH-18 and MH-20 were
shut in on July 17, 2007. CBM production at the north site (wells MH-3, MH-4, and MH-5) and south site
(wells MH-11 and MH-12) continued through the CO, injection period, and the post-injection period,
and they continue to produce to date. Total CBM production from all project wells through the end of
2015 was 998,000 mcf

Some periods of production interruption were encountered due to maintenance on area gathering and
transmission lines that required well shut-in periods, and the wells in the north were subject to
additional shut-ins, for various operational reasons. Several times, MH-4 was shut-in so that it would
build pressure, in hopes that the production might increase upon reactivation. This was tried,
particularly with MH-4, several times, unsuccessfully, including once for an extended period from July
2007 through April 2009.

Another extended shut-in of the north wells (MH-3, 4, & 5) took place from October 6, 2010, to March 2,
2011, after CONSOL employees discovered a leaking gas line below the north site. Unsure if this was the
gathering line for the north wells, they took the precaution of shutting in the wells. We later
determined that the line belonged to another gas production company with wells in the area.

Figure 36 plots the north site well CBM production that was recorded on a circular chart, providing a
monthly total. As such, to determine a daily average, we divided the monthly total into the number of
production days reported by the well tenders. Two items of note seen on the graph are the increase in
production from PIT well MH-3, as injection occurred, and the steady increase in production from UF
well MH-5, which continues even two years after the cessation of injection activities. Each of these will
be detailed in the coming sections.

Since being activated nearly 10 years ago, PIT production summed from wells MH-3 and MH-4 has
totaled 67,609 mcf, while the UF well, MH-5 has produced 17,809 mcf.
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Figure 36. North Site CBM Well Production.

The south site well production data are plotted in Figure 37. In it, one can see the typical decline curve
expected with CBM well production, over time, in the PIT well, MH-12. It is noteworthy that the
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production data for well MH-11 show that the rate began to increase at the same time the continuous
CO, injection began. Further discussion on this can be found in the following sections.

Total production from the wells, through December 31, 2015, has been 55,600 mcf from MH-11 (UF)
and 856,676 mcf from MH-12 (PIT). The wells had been producing for more than 11 years at that date.
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Figure 37. South Site CBM Well Production

Production from the center wells was terminated in July 2007, to convert them to injection wells, as
described previously. The wells were active for 33 months, during which, wells MH-18 and MH-20
produced 17,987 mcf and 12,110 mcf, respectively (see Figure 38).
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Figure 38. Center Site CBM Well Production
Pre-injection period

North wells

During the 1,244 days of the pre-injection period, at the north site, production was minimal, given the
drilling difficulties previously discussed. As attempts were made to remove water from the wells,
production spikes were experienced, which caused wide fluctuations in the production rates from wells
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MH-3 (PIT) and MH-5 (UF); well MH-4 (PIT), as it was not completely drilled into the coal seam, was shut
in for much of this period. Regardless, CBM production from MH-3 and MH-5 was less than expected
and in July 2007 all three wells were shut in and remained so until May 1, 2009, in advance of the
injection phase. Table 8 provides the CBM produced from these wells in total and by daily rate, not
counting shut-in days.

Table 8. North wells, pre-injection production.

well b | Coal Seam Actual days of | Total Production, | Production Rate,
Production mcf® mcfd®
MH-3 PIT 474 4,661 9.83
MH-4 PIT 50 33 0.66
MH-5 UF 573 3,000 5.23

a thousand cubic feet
b thousand cubic feet per day of production
Center wells

Production from the center wells was consistent for the 747 days of production, before these wells were
shut in for conversion to injectors. Table 9 contains the CBM production data for these wells.

Table 9. Center wells, pre-injection production.

Total Production, Production Rate,
Well ID | Coal Seam Actual days of b
Production mcf® mcfd
MH-18 UF 747 17,987 24.08
MH-20 UF 747 12,110 16.21

a thousand cubic feet
b thousand cubic feet per day of production

South wells

The south wells were the most consistent producers in the project. The PIT well, MH-12, peaked in
production within a few months of flowing, briefly above 600 mcfd, before leveling out, in CBM flow,
around 200 mcfd. MH-12 flows were able to remain consistent due to the automated operation of the
pump jack clearing the water from the well.

MH-11, the UF well, was erratic in its production as the pump jack that serviced it was manually
operated, and on an inconsistent basis. Large spikes in flow can be seen following periods of little to no
flow, which occurred when the water accumulation in the well choked the CBM flow. The spikes are the
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result of the release of built-up CBM flowing when the pump was operated and the well was dewatered.
Table 10 presents the CBM production data for the south wells prior to injection.

Table 10. Pre-injection CBM data from the south wells.

Total Production, Production Rate,
Well ID | Coal Seam Actual days of b
Production mcf® mcfd
MH-11 UF 1,496 23,379 15.63
MH-12 PIT 1,605 449,576 280.1

a thousand cubic feet
b thousand cubic feet per day of production

Injection period

North wells

Minimal CBM flow from the wells at the north site continued through the injection period. Initially MH-
3 (PIT) flows were diminished, but shortly returned to pre-injection levels. Following a period of shut in,
from October 2010 to March 2011, CBM flows returned to typical levels, but then increases were
observed in MH-3 and MH-5 (UF), as can be noted in Figure 39.
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Figure 39. North site well, injection period CBM production.

The MH-3 increase, more than doubling in flow, was more noticeable than the increase in MH-5 and was
most likely the result of dewatering over time. The MH-5 increase was continual throughout the period,
even before the shut-in period.
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Table 11. North wells, injection period CBM production.

well o | Coal Seam Actual days of | Total Production, | Production Rate,
Production mcf® mcfd®
MH-3 PIT 1,269 36,914 29.09
MH-4 PIT 464 920 1.98
MH-5 UF 1,369 8,786 6.42

a thousand cubic feet
b thousand cubic feet per day of production

South wells

The south wells continued with higher production than those to the north. MH-12 remained consistent
throughout this period; however, this was not the case with MH-11. As with the northern UF well, an
increase in production was also seen from MH-11, as the period progressed, with daily rates more than
tripling from less than 5 mcfd to more than 15 mcfd, as can be distinguished from the blue trace on the
graph in Figure 40.
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Figure 40. South site injection period CBM well production

Through 2010, the manually-operated pump jack schedule is apparent in the surging nature of the CBM
flow, with increases following each time the pump was operated. By the end of 2010, a timer was
installed to provide daily rather than weekly operation and the CBM flow became more constant,
continuing to increase.

CBM production data are presented in Table 12. While a consistent increase in production can be seen
from MH-11 in Figure 40, the daily production rate is less than that observed during the pre-injection
period, as the injection period production was not impacted by the high surges in production
encountered during that time.
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Table 12. Injection period south well CBM production.

Total Production, Production Rate,
Well ID | Coal Seam Actual days of b
Production mcf mcfd
MH-11 UF 1,510 18,913 12.52
MH-12 PIT 1,498 294,477 196.6

a thousand cubic feet
b thousand cubic feet per day of production

Post-injection

CO, injection ended on November 3, 2013 but CBM production continued through the end of the project
period (12/31/15). During this time, the UF well CBM production increased while PIT well CBM

production began to decline. Figures 41 and 42 show trends of the daily CBM production and Table 13
contains data from the wells.
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Figure 41. North site post-injection period CBM well production.
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Figure 42. South site post-injection period CBM well production.

Table 13. Post-injection CBM production data.

wellld | coal Seam Actual daYS of | Total Production, | Production Rate,
Production mcf® mcfd®
MH-3 PIT 751 24,629 32.80
MH-4 PIT 319 522 1.64
MH-5 UF 779 6,023 7.73
MH-11 UF 783 13,309 17.00
MH-12 PIT 786 112,624 143.3

a thousand cubic feet
b thousand cubic feet per day of production

CBM production discussion

Nearly one billion cubic feet of CBM was produced over the duration of this project. It is likely that,
given the problems encountered in drilling the north site wells, more CBM could have been produced
had the drilling techniques utilized at the center and south sites been used in the north.

The PIT seam wells in this project did produce more CBM than those in the UF. Production from MH-12
was typical of that observed in other PIT CBM wells showing a high level of production, initially, followed
by a rapid decline curve that tapers out to near flat-line production. The north wells, drilled down-dip
using a slant-hole drilling approach, are not comparable to other PIT wells in the region, which use
horizontal drilling techniques and multiple production laterals.

With only a single production leg, MH-3 should not be expected to have production values comparable
to the dual-lateral MH-12. However, the MH-3 production results were unique in that they increased
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significantly over time, during the injection period. Monitoring results showed no CO, contamination,
so, the slowly increasing production from this well is most likely a result of the formation slowly
dewatering down-dip to the south wells and allowing the CBM production to improve. Toward the end
of the injection period, the CBM production began a slow decline that continued through the remainder
of the project. MH-4 was not properly drilled into the seam; therefore, typical production results were
not expected.

The production from UF wells MH-5 and MH-11 was atypical, increasing through the injection period.
The UF seam is not an excessive water producer and; therefore, with routine dewatering, consistent gas
flow was possible, once a pumping schedule was established on MH-11. As MH-5 was unable to be
equipped with a water pump, the flow in this well suffered. Nevertheless, both wells did exhibit
increased production rates and they were still increasing at the end of the project. Over the four years
of injection, the average annual increase in daily production rates was 18.5% for MH-5 and 22.3% for
MH-11. Figures 43 and 44 show the average daily production rates from each well and each figure
contains a table of the year-on-year improvements in production.

MH-5 Annual Average Daily Production
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Figure 43. MH-5 annual improvement in average daily CBM production.
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Figure 44. MH-5 annual improvement in average daily CBM production.
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Monitoring
Water

Shallow hydrogeological monitoring

Stream Water

Hega conducted monitoring of Fish Creek from October 2008 until June 2013. The non-water chemical
composition of Fish Creek water samples is mainly Ca2+(aq) and HC031'(aq) with low variability in dissolved
ion content, which is consistent with the composition of the Permian age alternating beds of sandstone,
shale, and limestone the stream and its tributaries are eroding.

Tables 14 — 16 summarize the results of the Fish Creek stream water monitoring.

Table 14. Average field-measured stream water values (Hega, 2014).

Average
Saturation
Average index
Field pH | Average | Average | (calcite)
Stream From To (std Field EC | PCOyq) | based on
Location| (date) (date) units) |(uS/cm)| (atm) | Field pH
S-1 Oct-08 Jun-13 7.66 205 3.31E-03 -0.639
S-2 Oct-08 Jun-13 7.78 225 2.07E-03 -0.530
S-3 Oct-08 Jan-11 7.75 272 2.96E-03 -0.497

EC uS/cm — Electrical conductivity, microsiemens per centimeter
PCO,.q — Stream water dissolved concentrations based on chemical equilibria,
atmospheres or atm

Table 15. Average stream water dissolved cations (Hega, 2014).

Average | Average | Average
Stream | From To Ca** Mg?* Na' | Average
Location| (date) (date) (mg/L) | (mg/L) | (mg/L) K" (mg/L) |
S-1 Oct-08 Jun-13 25.5 4.28 6.85 1.93
S-2 Oct-08 Jun-13 25.6 4.34 8.75 1.88
S-3 Oct-08 Jan-11 29.0 5.00 15.1 2.12

mg/L — milligrams per liter

Table 16. Average stream water total anion values (Hega, 2014).

Average
Average | Average | Average [ NO,"
Stream From To HCO;" ci S0, | (mg/L) as
Location (date) (date) (mg/L) (mg/L) (mg/L) N
S-1 Oct-08 Jun-13 82 8 19.2 0.641
S-2 Oct-08 Jun-13 81 13 19.2 0.629
S-3 Oct-08 Jan-11 86 27 19.2 0.751
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The ionic concentrations are inversely dependent on stream discharge rate, with lower concentrations
when diluted during the wet (winter/spring) season and storm events, and higher concentrations,
overall, during the summer and fall seasons. No environmental chemical impacts to stream water
quality were identified as a result of CO,, injection or CH,, extraction (Hega, 2014).

Shallow ground water

Hega conducted ground water monitoring in three, 105’ deep monitoring wells, designated W-1, W-2,
and W-3, from October 2008 — October 2013.

Tables 17 through 19 show the average value of select ground water chemistry components of the three
ground water monitoring wells.

Table 17. Average data from select test site ground water values (Hega, 2014).

Average Average

Water Field pH | Average | Average | Average |Saturation
Well From To (std |Field EC| H.S PCO2(aq) index
Location| (date) (date) units) |(uS/cm)| (mg/L) (atm) (calcite)
W-1 Oct-08 Oct-13 8.39 1105 0.037 | 1.16E-03 0.621
W-2 Oct-08 Oct-13 8.70 634 0.017 3.37E-04 0.148
W-3 Oct-08 Oct-13 9.28 829 0.005 1.84E-04 -0.017

Table 18. Average values for dissolved cations in test site ground water (Hega, 2014).

Water Average | Average | Average
Well From To ca? Mg?* Na' | Average
Location| (date) (date) (mg/L) (mg/L) (mg/L) [K'™ (mg/L)
wW-1 Oct-08 Oct-13 34.6 5.07 171 1.19
W-2 Oct-08 Oct-13 7.49 1.27 127 1.00
W-3 Oct-08 Oct-13 0.88 0.22 199 0.69

Table 19. Average values for total anions in test site ground water (Hega, 2014).

Water Average | Average | Average Average
Well From To HCO," ci’ s0,> | Average NO,"
Location| (date) (date) (mg/L) | (mg/L) | (mg/L) HS1'(mglL) (mg/L)
wW-1 Oct-08 Oct-13 298 157 5.59 0.531 0.114
W-2 Oct-08 Oct-13 184 95 7.93 0.473 ND
W-3 Oct-08 Oct-13 449 31 3.77 0.587 0.141

The average pH and electrical conductivity observed for these wells during the study period were:

e W-1:8.39 Std. Units (S.U.) and 1105 uS/cm,
e W-2:8.70S.U. and 634 puS/cm, and
e W-3:9.28 S.U. and 829 uS/cm (Hega, 2014).

The major cation and anion in these three wells were Na'* and HCO,", respectively, averaging:

e W-1:171 mg/L Na'* and 298 mg/L HCO,",
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e W-2:127 mg/L Na'*and 184 mg/L HCO,", and
e W-3:199 mg/L Na'* and 449 mg/L HCO;" (Hega, 2014).

In general the water quality of the samples was consistent throughout the sampling period; however,
throughout the project, including pre-injection period values, well W-1 exhibited higher levels of
conductivity, chloride, and more cations than what was measured in the other two ground water
monitoring wells. The likely cause of this difference was a persistent water leak at the pump jack seal on
CBM well MH-12. Despite repair efforts, the leak recurred frequently during the project.

Residential water

Tables 20 — 22, below, provide the average values of select residential water source samples, which

were collected between October 2008 and October 2014.

Table 20. Average values for select residential water samples (adapted from (Hega, 2014)).

Average
Sampling | From To H S U Conductivity, | H,S, PCO,q), | saturation index

Point (date) | (date) P, 5. 1 uS/cm mg/L atm of calcite, based
on pH

GW Oct-08 | Oct-14 7.0 289 NA NA NA

G-1 Oct-08 | Apr-12 8.56 467 0.07 9.08E-04 0.277

G-2 Oct-08 | Apr-12 6.85 257 NA 1.95E-02 -1.25

G-3 Oct-08 | Apr-12 5.62 238 ND 5.32E-02 -3.41

G-4 Oct-08 | Apr-12 7.83 591 0.73 | 2.99E-03 -0.121

B-1 Oct-08 | Apr-12 7.09 788 0.03 | 2.16E-02 -0.296

B-2 Oct-08 | Apr-12 7.24 794 0.03 | 2.05E-02 -0.043
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Table 21. Average dissolved cations in residential water samples (adapted from (Hega, 2014)).

Sampling From To ca”, Mg®, | Na“, K",
Point (date) (date) mg/L mg/L mg/L | mg/L
GW Oct-08 Oct-14 34.7 5.9 14 10.4
G-1 Oct-08 | Apr-12 8.5 1.5 103 1.0
G-2 Oct-08 | Apr-12 324 6.2 8 1.4
G-3 Oct-08 | Apr-12 16.0 4.3 10 12.7
G-4 Oct-08 | Apr-12 23.5 3.3 97 1.7
B-1 Oct-08 | Apr-12 73.5 13.2 67 2.0
B-2 Oct-08 | Apr-12 61.7 8.6 99 2.2

Table 22. Average total anions in residential water samples (adapted from (Hega, 2014)).

Sampling From To Hco,", | ¢, 50,7, HSY, | NOs", mg/L
Point (date) (date) mg/L mg/L mg/L mg/L as N
GW Oct-08 Oct-14 92 8 394 NA NA
G-1 Oct-08 Apr-12 279 6 1.8 1.35 ND
G-2 Oct-08 Apr-12 104 10 22.7 NA 1.2
G-3 Oct-08 Apr-12 22 18 32.2 ND 27.2
G-4 Oct-08 Apr-12 197 75 5.2 2.83 ND
B-1 Oct-08 Apr-12 263 104 21.1 0.03 ND
B-2 Oct-08 Apr-12 365 73 13 0.03 ND

*ND — None detected; *NA — Non-applicable

The analyte concentrations reported for these wells remained consistent throughout the project. No
known contamination occurred to these area water supplies as the result of CO, injection or CHy
extraction at the test site (Hega, 2014).

Produced water
Samples of produced waters were collected during our routine sampling episodes, whenever water was

available to collect, as not all wells produced waters. Only project wells MH-11 and MH-12, and the
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adjacent PIT CBM well MC-5, produced water to allow for collection of samples. Tables 23 — 25 provide
pre-injection and injection/post-injection period averages for various produced water chemistry

components. A complete summary of the produced water sample results is provided in Appendix H.

Table 23. CBM well produced water averages for select data.

pH, S. U. Conductivity, uS/cm TSS, mg,L TDS, mg/L Dissolved CO2, mg/L
Well 1D Pre- Post- Pre- Post- Pre- Post- Pre- Post- Pre- Post-
injection | Injection | injection | Injection | injection | Injection | injection | Injection | injection | Injection
MC-5 6.6 6.1 58,797 82,586 446 696 40,371 52,718 635 614
MH-11 6.0 6.8 61,312 46,556 192 187 33,085 32,898 45.0 42.0
MH-12 6.7 7.1 20,903 19,585 124 138 12,356 11,543 613 475

Table 24. CBM well produced water cation averages.

Total Ca™*, mg/L Dissolved Ca**, mg/L Total Mg**, mg/L Dissolved Mg”*, mg/L
Well ID Pre- Post- Pre- Post- Pre- Post- Pre- Post-
injection | Injection | injection | Injection | injection | Injection | injection | Injection
MC-5 1,370 1,635 1,353 1,651 718 805 698 814
MH-11 1,999 1,183 1,993 1,057 434 295 515 261
MH-12 421 377 346 366 146 144 106 143
Total Na'*, mg/L Dissolved Na'*, mg/L Total K™, mg/L Dissolved K**, mg/L
Well 1D Pre- Post- Pre- Post- Pre- Post- Pre- Post-
injection | Injection | injection | Injection | injection | Injection | injection | Injection
MC-5 15,885 18,229 15,893 18,465 326 382 321 405
MH-11 16,176 9,599 15,900 8,708 213 213 71.4 65.2
MH-12 4267 4015 3538 3910 10.0 124 8.5 19.5
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Table 25. CBM well produced water anion averages.

Total SO,%, mg/L Dissolved SO,>, mg/L cl’, mg/L C0o5”", mg/L HCO,"", mg/L
Well 1D Pre- Post- Pre- Post- Pre- Post- Pre- Post- Pre- Post-
injection | Injection | injection | Injection | injection | Injection | injection | Injection | injection | Injection
MC-5 335 9.36 38.0 8.31 25000 31688 0.0 0.10 241 388
MH-11 40.6 4.83 40.1 8.10 25000 19513 0.0 22,5 1.0 187
MH-12 13.4 1.54 17.7 1.47 7113 6824 76.5 0.40 493 518

As with the shallow ground water samples, the dominant cationic components of the produced water
samples were calcium and sodium. The chemical composition of these samples exhibited minor
variability throughout the project and the concentrations of most dissolved components decreased over
the duration of the project; however, carbonate and bicarbonate in UF well MH-11 did increase after the
CO, breakthrough event (Table 25). Before the breakthrough, these values remained at pre-injection
levels.

Gas

Fifteen production wells within a quarter-mile of the AOR were sampled to determine pre-injection
characteristics of the gases produced. The wells included the project CBM wells; two project monitoring
wells; a nearby CBM production well; and area shallow oil and gas (SOG) wells, some of which had been
plugged. Recovered gas samples were analyzed for oxygen, nitrogen, methane, ethane, higher
hydrocarbons, and CO,.

Weekly samples were collected, prior to the start of injection, from October 10, 2008, to December 10,
2008, for comparison during the injection and post-injection phases of the project. Given the delay
between the end of this first set of pre-injection samples and the start of injection, one additional round
of pre-injection samples were collected on August 25, 2009, to verify the original data set was still
representative. The UIC permit incorporated the pre-injection CO, values to define a “breakthrough
limit” such that if, during injection, a CO, concentration was found to be in excess of ten percentage
points greater than the pre-injection value, we were to immediately cease injection. The sampling
frequency was monthly for the injection monitoring period (September 2009 through November 2013),
and then quarterly for the two-year post-injection monitoring period, starting with the November 2013
samples and ending in December 2015.

With the exception of the MH-11 CO, breakthrough event of September 2013, the measured gas
composition was typical for CBM production wells in this area. An increase in CO, was noticed in the PIT
wells as is typical in CBM wells over time, as the methane is depleted. The CO, levels measured in the
annulus of area SOG wells, as well as gas from the two project observation wells (MH-26 and MH-27),
did not deviate from pre-injection values (Locke & Winschel, 2015).

Trends of the CO, concentrations in the UF and PIT CBM gases through the project are provided in
Figures 45 and 46, respectively, while trends of CO, levels measured in SOG annulus’ and observation
wells are shown in Figure 47. Appendix | is a summary of the gas compositional analyses.
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Figure 45. The Upper Freeport CBM well CO, concentration trend (Locke & Winschel, 2015).
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Figure 46. Pittsburgh Seam Production Well CO, Concentrations (Locke & Winschel, 2015).
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Figure 47. SOG well annulus and observation well CO2 monitoring trends.

With the exception of the breakthrough event indicated in MH-11 where the CO, concentration reached
as high as 27% in the days immediately following its discovery, CO, concentrations in all wells were
found to be within the expected levels. Upper Freeport wells had low CO, concentrations that remained
at or near pre-injection concentrations (the MH-11 CO, concentration decreased to below 1% within the
two-year post-injection monitoring period); PIT well CO, concentrations increased gradually, over time,
as the CBM was extracted; and the SOG annulus concentrations were variable, but remained
comparable to pre-injection levels throughout the project.

Tracers

Researchers from NETL injected two vaporized liquid perfluorocarbon (PFC) tracer gases over seven
days, beginning April 15, 2011, simultaneously with the CO, vapor through a valve on the top of the
injection wellheads. Approximately 500 milliliters (mL) of liquid perfluoromethylcyclohexane (PMCH)
was injected into injection well MH-18 and approximately 500 mL of liquid perfluoro-1,3,5-
trimethylcyclohexane (PTCH) was injected into injection well MH-20.

Prior to the PFC injection, background monitoring was conducted to determine if any of the tracer gases
could be detected in the AOR ambient air. Ambient air and soil gas samples were collected and analyzed
and a pre-injection baseline was established. The average concentration of the background samples
was less than 3.9 femtoliters of PMCH vapor per liter of air (fL/L).

Following the PFC tracer injection, samples were collected from an array of 37 sample locations for
analysis to determine the migration rate of the compounds through the coal seam. The sample
locations, as detailed in the methodology section, included:

e Ambient air,

e Soil gas,

e Water well headspace air, and
e  Production well CBM.

Figures 48 — 50 provide trended plots of the results in units of femtograms per liter (fg/L) from PFC
sampling in CBM wells MH-11 and MH-12, which were the only sample locations where PFC was
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detected above pre-injection values (personal communications with A. Wells, NETL). As PFC was not
detected at any of the other locations, it is reasonable to declare the absence of any vertical CO,
migration pathways.

Detection of the PTCH tracer from injection well MH-18 (UF) in production well MH-12 (PIT) within the
first week following PFC injection was investigated. The potential of a plug failure in the MH-18 access
well, MH-19, was considered, given the difficulties encountered in the plugging process as detailed
earlier. If the rapid appearance of tracer in MH-12 indicates a significant leak, it would certainly seem
that it should allow injected CO, to migrate nearly, if not as quickly as the PFC, yet no significant increase
in CO,, above what should be expected, was ever observed. Additionally, Figure 47 shows the rapid
detection of PTCH in MH-12, beginning on day 11, after the tracer injection, with the first sample
collected, peaking, a week later, with the second sample and returning to near- pre-injection
concentrations within 70 days. PFC was not detected in MH-11 until the sample collected there on day
249, after the tracer injection. Both PFC concentrations trended higher over the final 242 days of
sample collection with a spike in PTCH at day 327 and PMCH spiking at day 390. Thus, we are unable to
explain the rapid detection and disappearance of tracer in well MH-12.
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Figure 48. PTCH detection in MH-12, over time, beginning April 15, 2011.
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Figure 49. PTCH detection in MH-11, over time, beginning April 15, 2011.
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Figure 50. PMCH detection in MH-11, over time, beginning April 15, 2011.
Others

Carbon isotopes

Samples of the injected CO,, CBM, vadose-zone gas and surrounding vegetation, and shallow ground
water were collected by Meier (2014) for isotopic analysis over a 12-month period (August 2013-
August 2014). The gases were analyzed for §"C of the CO, (6"Cco,), while the groundwater was
analyzed for 6"°C of the dissolved inorganic carbon (§"Cpc). One sample of vegetation surrounding each
of the seven vadose-zone sampling sites was collected in May 2014 and analyzed for §"°C.

Table 26 provides a summary of the average §°C of the CO, measured in the samples, reported in units
of per mil (%o). The overlying Pittsburgh coal seam has very enriched §Cco, values (+19.1%o to
+23.1%o0) compared to injected CO, (-11.4%o); however, the §"*Cco, values remained very consistent
throughout the monitoring period indicating no detectable leakage of injected CO, had occurred
from the underlying Upper Freeport coal bed during this monitoring period. The average and the
range of the injected CO, §"*C are not comparable with the averages or the ranges of the §"C reported
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of any other sample. These data confirm that the injected CO, did not migrate vertically from the target
injection zone (Meier, 2014).

Table 26. A comparison of average 6'3C values of the CO, fraction of the CBM, groundwater and

vadose gas samples (Meier, 2014).

Sample Location

Average 513C, %o

5 range, %o

Injection CO, -11.6 -12.1t0-11.0
Groundwater
W-1 -16.4 -18.2t0 -15.8
W-2 -16.6 -16.9 to -16.3
W-3 -16.8 -17.9to0 -16.1
Vadose CO,
W1A -24.2 -26.5t0-21.8
W2A -24.1 -25.6t0-22.9
W2D -25.9 -27.5t0-25.3
W3A -24.3 -27.8t0-21.0
W4 -25.3 -29.2to0-22.7
W5 -26.4 -28.5t0-21.0
W7 -25.4 -27.4t0-22.3
CBM, PIT
MH-3 23.1 21.1t025.4
MC-5 23.1 22.7t023.5
MH-12 22.3 19.1to 23.3
Vegetation (single sample, May 2014)
WI1A -28.8
W2A -30.6
W2D -30.0
W3A -28.4
W4 -17.0
W5 -31.2
W7 -25.6

Surface deflection

WVU researchers installed 36 high-precision tiltmeters and 2 GPS receivers at the field site (Figure 27) to
monitor surface deformation during CO2 injection. On a regular basis, a central processing unit situated
at the test site collected tiltmeter data and elevation changes. Project data, such as production rates
and injection rates, were integrated with tilt data to interpret the monitoring results and analyze ground
deformations. (H.J. Siriwardane, 2014)

From the beginning of CO2 injection (September 8, 2009) until the end of August, 2010, some ground
displacements (uplift) were observed along the injection well laterals with a maximum uplift of 3.3 mm
(0.137). Increases in formation fluid pressure or coal swelling could have caused this uplift. Figure 51 is
a graphical representation of the ground deformation with positive deflection to the east and south,
particularly along the southerly-oriented lateral of MH-20, and negative deflection to the north and

west.
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Figure 51. A graphical depiction of the tiltmeter movement that represents ground deformation (H.J.
Siriwardane, 2014).

Injection system operations experience

For the purposes of this report, we have focused this section on the injection operations experiences, as
these details are most relevant to the commercialization of these systems.

Labor

Below we have detailed the labor involvement required in three main injection system operations
functional areas for operations and maintenance experiences.

General

General labor includes the basic operation of the system and the maintenance required to keep the
system accessible and running.

Operations

The injection system was controlled remotely via a satellite communication connection, as the remote
location did not enjoy the luxury of high-speed telecommunications services. Through the satellite
connection, we were afforded remote communications with the control system and view real-time
operations data through a virtual private network (VPN) connection that allowed us to make
adjustments to the process, as necessary, and eliminate the need for on-site personnel. Figure 52 is an
image of the satellite communications dish at the site.

Since the area was remote and unattended, security cameras were added after minor thefts were
incurred. The cameras allowed us to view the area and focus on specific pieces of equipment that may
have been indicating operational problems through the data.
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Figure 52. The satellite communications dish at the project site.

Maintenance

Aside from occasional software upgrades, little general maintenance was required during the project.
Access to the site; however, was a constant concern. The access road to the injection pad required
frequent grading and pot-hole filling to minimize hazards for the CO, deliveries. The remote and
wooded area of the project site was also a source of concern. Following each storm, it was necessary to
inspect the access road for blockage by fallen trees, rockslides, and/or downed electrical wires. Work on
the access road was completed by a local general contractor who also plowed snow from the access
road.

Pumping

Operations

The original cryogenic pumping system showed limited success. The pumping system was originally
designed to withstand a maximum injection pressure of 700 psig. As the injection proceeded and the
pressure increased, more time was spent observing the process as, when the pressure increased, it was
necessary to increase the pump speed to maintain an acceptable injection rate. Conversely, when the
maximum injection pressure was achieved, it was necessary to decrease the pump speed to maintain
the injection pressure below the limit.

The triplex pump required less operational interaction as, during the installation period, we
incorporated an operations loop in the programming that allowed the control logic to maintain a desired
injection pressure by automatically controlling the pump speed to a user-selected maximum pump
speed. The programming significantly decreased the process observation time.

Maintenance

Maintenance requirements on the pumping system decreased when the original system was replaced
with the triplex pumping system. As detailed previously, the original system was subject to frequent
mechanical failure requiring unplanned visits to the site to rebuild the pump. Additionally, the original
pump required adjustments to the cylinder lubrication system and the filtration system that required
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filter media replacement every two weeks to several months, depending on the duration of active
injection. The triplex pump system featured a self-oiling crankcase that kept the cylinders lubricated.
The oil was changed after 500 hours of operation and another change was unnecessary during the
remainder of the project.

Oilers

Figure 53. The original pump heads, showing the oilers (circled).

Vaporization operations and maintenance

Vaporization occurred in a shell-in-tube heat exchanger that was heated with water circulated through a
hot water boiler. The vaporizer required no operational labor. Temperatures of the vaporizer were
controlled with the injection control logic. Initially, the hot water boiler incorporated a safety feature
the prevented the boiler from relighting after a fault in the system until a manual reset button was
pressed to ensure an inspection of the system was performed before the unit could be repowered.

The faults we encountered with the boiler involved fuel quality and availability; leaks were not a concern
as we could remotely determine the presence of a leak by observing the fuel gas pressure provided by
the control system. Other pressures and temperatures that would provide indication of a problem with
the system were also provided by the control system. Given this level of remote detail, we eliminated
the manual reset button and created an electronic version of it in the control logic. Having the ability to
reset the boiler saved many four-hour round trips to the site to simply press a button.

As mentioned above, fuel quality and availability were the primary faults affecting the vaporization
system. Availability was occasionally restricted by local gas gathering operations work but, most often,
it was interrupted by water in the fuel that would impact combustion and, during periods of cold
weather, create blockages by freezing in the lines. An inline gas polishing system provided particulate
filtration and desiccation, improving the reliability of the vaporization system.

Utilities
The utilities necessary for the site were minimal. Water was unnecessary and, since telephone service

was not available at the site, communications occurred via satellite connections by satellite phone or
through the VPN connection using an instant messaging application or, later as mobile phone
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technology improved, using web-based telecommunications applications. The following sections
provide detail on the utilities that were necessary for the operation of the injection system.

Liquid CO; supply

The most critical need for the injection process was the supply of liquid CO,. The logistics of this supply
were complicated by our uncertain operations. During periods of consistent injection we were required
to schedule more frequent 20-ton deliveries to ensure an adequate supply in our onsite 50-ton storage
tank. Delivery ranged from one every three to four days, during the early phase of injection with the
original pumping system, to one per day with two deliveries every two to three days when we were able
to achieve injection rates that were in excess of 20 tons per day with the triplex pumping system. A
total of 258 hours of injection were lost to unplanned interruptions in the CO, supply.

Vaporized CO, was not only injected, we also utilized it to power the pneumatically-controlled valves in
the injection system. Vaporized CO, was fed from the headspace of the storage tank to a receiving tank.
Utilizing this pressure source eliminated the need for an air compressor that would have added to the
installation and operations and maintenance costs.

Boiler Fuel

As discussed earlier, the hot water boiler was fired with CBM, provided by project production wells,
through a gathering line that passed through the project site and was adjacent to the injection pad. As
detailed above, the fuel was not pipeline quality but it was readily available and sufficient for our needs.
One-thousand thirty-six hours of injection time were lost due to interruptions in the gas supply.

Electricity

A 220-volt power supply was provided to the site by the local power company. Electricity in this area is
provided with overhead power lines and, given the rural and wooded nature of the location, was subject
to frequent storm-related power interruptions. Downed power lines servicing the site were responsible
for 652 hours of lost injection time.

While an emergency generator would have been a workable solution for the project, we did not want to
cause additional draw on the gathering line that serviced our hot water boiler. Additionally, should we
have chosen to use propane to fuel an emergency generator for the site, the power provided by the
generator would have only lasted as long as the fuel supply and, as was the case in most of the power
outages at the site, the power outage was generally associated with storm damage in the area that may
have also prohibited access to the site by a propane delivery service.
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Figure 54. Inclement weather, downed trees, frequent site inaccessibility, and electrical service
interruptions were limiting factors for the injection rate.

Injection challenges and solutions

The challenges to the successful completion of this project can be grouped into two categories: those
resulting from the location of the project site and those limiting the injection.

Location

The remote location of the chosen project site coupled with the rugged topography provided several
challenges.

Communications

With the utilization of satellite communications, we were able to eliminate the need for full-time
operations personnel. At any point, project personnel had the ability to log into the operations
program, remotely via a computer or wireless device, to view conditions and change settings, even shut
down or restart the process, if needed. Initially, the satellite connection speed was slow but, over the
duration of the project, continuing improvements to the communications technology and Voice over
Internet Protocol (VolP) applications by the service and applications providers made the use of web-
based communications practical and eliminated the need for land-based communications.

Electrical service

The remote location and utilization of overhead power supply cables impacted the reliability of the
electrical service. A generator may be beneficial for sites with a reliable and adequate gas supply or
reliable accessibility for propane deliveries. As our site was most frequently without power due to
conditions that also limited accessibility, a generator was not a practical solution.

CO, deliveries

Liquid CO, deliveries were impacted by scheduling and accessibility that was occasionally limited by
weather. Frequent monitoring of tank levels allowed us to foresee the need for deliveries and schedule
shipments when needed; however, we did encounter episodes when trucks were unavailable on the
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desired delivery date and we were forced to shut down due to low levels in the on-site storage tank.
This occurred most frequently during periods of intermittent injection when we could not accurately
predict our injection rates. With the revised pumping system, we were able to create weekly delivery
schedules and prevent these shutdowns.

Injection continuity

Several problems were encountered that prevented us from maintaining a consistent injection rate and
prolonged the injection period. The root causes of the inconsistency are detailed in the following
sections.

Fuel limitations

Provided our project wells were producing, we enjoyed a consistent supply of fuel gas to vaporize our
liquid CO, supply; however, multiple interruptions of the gas supply forced the system offline. While the
maintenance work that occurred on the area gathering lines on two occasions were unavoidable, we
were able to limit interruptions caused by freezing with the installation of electric heat tracing by our
operations group, at the wellheads and also along our supply line to the boiler. The installation of a gas
supply desiccation system also improved the reliability of the boiler operation by removing impurities in
the gas supply and further reducing moisture to prevent freezing in the smaller boiler fuel supply lines.

Pump failures

Failure of the original pumping system reduced our injection time and eventually forced us to fall short
of our total CO, injection goal. A total of 562 lost days of injection can be attributed to failures in the
pumping system, which occurred under both the original and replacement pumping systems. While we
did incur failures with the triplex pump, the need for repair was reduced.

Pressure limitation

Two hundred ninety-one of the days offline were spent either modifying the original injection system to
allow for operation at the 933 psig level or installing and troubleshooting the triplex pumping system.
Had we opted for triplex pumping system initially, much of the delay time would have occurred in
advance of the start of injection. The triplex pump would have provided us with greater flexibility and
the injection system would have been designed to operate at a higher rate than we had initially
expected would be necessary.

Loss of injectivity

At the lower injection pressures, the observed injection rate declined over time to approximately 6 tons
per day. Initially, increasing the allowable injection pressure from 700 psig to 933 psig did provide a
period of improved injection rate; however, over time, the daily injection rate again declined to about 6
tons per day. It wasn’t until we increased the injection pressure to operate under the 1,400 psig limit
that we observed a higher rate of injection that was sustained at a level of 16 tons per day, in a single
well (MH-18), when conducting a study to see if this would result in an increased tiltmeter response
from June 24, 2013, to July 16, 2013; and 22 tons per day, while injecting in both wells after that time.
Table 27 provides the average daily injection rates at each injection pressure limit while Figures 58 — 58
show the trends of the injection rates over time.

Water in the coal seam can restrict CO, injection. While the UF does transmit water, the seam is not a
tremendous producer of water; e.g., UF well MH-11 required pumping only once daily, while PIT well
MH-12 required a routine pumping schedule of several times per day to maintain consistent CBM flow.
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Another impediment to successful injection is swelling of the coal induced by the CO, injection, itself.
Several reports have reported decreased permeability in the coal during injection. As the CO, is taken
into the seam, it not only adsorbs to the surfaces of the coal, it also penetrates the coal, causing it to
swell (Sloss, 2015).

The swelling of the coal was the likely source of the observed decreased injectivity over time at lower
pressures. Each of the stoppages we encountered occurred with the injection laterals containing
pressurized CO,. When the system shut down, the valves to the wells would close, trapping the CO, in
the injection lateral. The CO, would then “soak” in the well until the injection resumed. Over time,
during each stoppage, we observed the pressure decreasing as the CO, likely worked into the coal seam
by differential pressure. The increased interaction time between the CO, and the coal at the interior
surface of the injection laterals allowed greater opportunity for swelling at that surface and, over time,
with more and longer stoppages, the permeability of the coal at the interior surface of the injection
lateral eventually became so decreased that higher pressure was required to meet the desired injection
rate.

Once the triplex pump was placed in service and initially operated under the limit of 933 psig, we
observed a continued decrease in the injection rate, below that observed with the original pumping
system. When we increased the pump pressure to observe the limit of 1,400 psig, the pressure and rate
quickly responded, moving to a maximum pressure of 1,350 psig and a rate of approximately 16 tons per
day as we injected into MH-18 only, while conducting a study with the tiltmeters. Within two weeks of
operation, the pressure fell to an average of 1,230 psig and the injection rate remained consistent at
approximately 16 tons per day. When the tiltmeter study concluded and we opened flow to MH-20, the
pressure in MH-18 dropped to approximately 1,100 psig, over the following month, while the pressure
in MH-20 climbed from an initial 830 psig to its maximum level of 1,017 psig. With both wells in service,
the injection rate consistently achieved a daily rate of 22 tons per day. The 100-200 psig increase
allowed for a consistently higher injection rate.

Table 27. Observed injection rates at the various injection pressure limits.

Injecthn . Hours of Total tons of Injection rate
pressure limit, injection CO, injected
psig J 21n) Tons per hour | Tons per day*
700 2,162 912 0.42 10.1
933° 4,649 1,592 0.34 8.21
933° 3,048 698 0.22 5.28
1,400 2,122 1,609 0.76 18.2

a — Using the original injection system
b — Using the triplex pump injection system

¢ — assumed 24-hour time weighted average (TWA), based on ton per hour rate
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Figure 55. Daily, 24-hr TWA, injection rates during the 700 psig injection limit period.
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Figure 56. Daily, 24-hr TWA, injection rates with the original injection system, during the 933 psig
injection limit period.
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Injection Rate @ 933 psig, Triplex System
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Figure 57. Daily, 24-hr TWA, injection rates with the triplex pump injection system, during the 933
psig injection limit period.
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Figure 58. Daily, 24-hr TWA, injection rates with the triplex pump injection system, during the 1,400
psig injection limit period.

Conceptual Economics

To evaluate the economics of sequestering carbon dioxide into unmineable coal seams, the costs for this
demonstration project were summarized, and the unit costs and performance were translated into
various conceptual future commercial scenarios. Each scenario was built sequentially and identified
technical improvements that could improve the economics. Sensitivity analysis was conducted on the
different scenarios by changing the costs of methane and carbon dioxide. The following scenarios were
evaluated:

1) Demonstration project evaluation
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2) Conceptual brownfield case using unit costs from demonstration project
2a) Convert three production wells to injection wells, six production wells
3) Conceptual brownfield cases with technical improvements
Increase area of impact,
3a) Convert three production wells to injection wells, six production wells
3b) Drill three new injection wells, six production wells

3bi) Reduce drilling costs for three new injection wells

Demonstration Project Capital Costs

To determine the actual capital costs of the demonstration project, the contractor invoices were sorted
and grouped to account for spending in specific categories. Some costs were not available because they
were not invoiced to the project and were estimated to provide a comprehensive economic analysis. A
categorized breakdown, provided in Table 28, provides total costs as well as calculated costs per foot,
per site, and per well type.

CONSOL’s drilling costs included access road construction, site preparation, water-pumping systems, and
drilling. Access road construction costs were approximately $65,000 per site. Each production site
consisted of two or three wells; the north site had two wells in the mineable (PIT) seam and one well in
the unmineable (UF) seam, the center site had two wells in the UF, and the south site had one well in
each seam. The center site wells were later converted to injection wells. The costs for site preparation
include clearing the land and leveling an area to accommodate the drilling rig and other site
infrastructure at an estimated cost of $225,000 per site. Pumping systems for water extraction cost an
estimated $18,000 per well. The available costs included drilling UF and PIT production wells MH-3, MH-
4, MH-5, MH-6, MH-11, MH-12, MH-18, and MH-20and converting wells MH-18 and MH-20 to injection
wells. Even though MH-6 was abandoned, the costs incurred for that well were included in the total
contractor invoices utilized in this evaluation and were, therefore, possible to subtract it out. The
drilling costs do not include the costs incurred to drill the MH-26 and MH-27 observation wells. Drilling
costs were estimated to be $1,126,000 per well or $107 per foot drilled (total drilled length was 39,347
ft.); of which; were 17,297 ft. of vertically drilled sections and 22,050 ft. of horizontally drilled sections.
For simplification of this analysis, the term production well or injection well is used as a functional
description and may include several separate wells that were co-located.
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Table 28. Capital Costs for ECBM Demonstration Project

Capital Cost Component Price Unit price

Access Roads $ 195,000 $65,000/site

$107/ft drilled
Drilling $ 4,218,000 | $1,294,000/ injection well
$958,000/ production well

Site Prep S 675,000 $225,000/site
Pumping System $ 72,000 $18,000/well
Subtotal $ 5,161,000

Production facilities and field infrastructure costs

CO, injection system &

2 $331,000 | $64,000/well
piping

Gas compression facilities $197,000 $39,000/well

Subtotal $528,000

Total $5,689,000

The combined drilling cost per production well is $958,000, as shown in Table 28. The injection well cost
was slightly more, $1,294,000, due to an increased amount of drilling of 9,360 feet compared to an
average 7,497 feet for the production wells. Drilling length includes both the vertical distance to reach
the coal seam as well as the horizontal lateral in the coal seam. Even though there were two separate
wells drilled as injection wells into the deeper UF coal seam, this analysis treats the combination as a
single injection site. The average drilled length for a production well was obtained by averaging the
wells drilled, including the access wells; refer to the conceptual perspective view of the wells in Figures 6
and 7 for an illustration.

The methane gas from the production wells goes to a production facility and then to a commercial
pipeline as sales gas. The infrastructure required includes transport piping, a compression system, and
gas processing plant. Typical treatment units at a gas processing plant for CBM include a dehydration
system to remove water and an amine system to remove CO,. The costs for this equipment are usually
the responsibility of the midstream company and would not be included in the sequestration project
costs. Costs may be incurred as temporary equipment is needed before the midstream infrastructure is
available from the well. Temporary compression and pipeline was added to the demonstration project
costs for the first-year-and-a-half. Raw CBM from the production sites was piped to a compressor that
compressed the CBM to commercial pipeline pressure of 1000 psig. The pipe diameter priced was based
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on the maximum gas volume that would be produced from the wells. A factor of $20,000/in-mile was
used to estimate the total cost of the pipe and installation as actual costs are unavailable. The cost for
the compressors was based on a unit cost of dollars per brake horsepower (S/bhp).

The CO, injection system included the storage tank, vaporizer, and injection pumps. The size of the
piping was based on the desired maximum injection rate of CO,. A multiplier of $20,000/in-mile was
used to estimate the total cost of the pipe and installation since actual costs were unavailable. The
capital cost for installation of piping for CO, transport is calculated to be $10,000 per injection well. The
overall capital cost for the injection and production wells with the auxiliary equipment and piping was
$5,689,000.

Annual O&M

The annual operating and maintenance (O&M) costs used for this analysis were a combination of actual
field costs and unit costs used by Reeves (Reeves S. R., 2004). Table 29 summarizes the values used in
the economic evaluation. The monthly well O&M costs are based on the actual time spent at the well
sites. Assuming the operator will visit the production site for one hour per week and spend five hours
per week at the injection site, the O&M costs would be $217/production site per month and
$1,083/injection site per month.

O&M costs were also required for the pipeline, temporary compressor, and temporary processing plant.
Since CONSOL’s equipment was already being used for other gas wells in the area so, these costs were
not charged specifically to project. The method used to determine the O&M costs for pipeline was
based on Reeves study (Reeves S. R., 2004) using a unit cost per thousand cubic feet of gas and
multiplying by the maximum production rate. An inflation component was added to the prices to reflect
an average cost over the project period. The O&M costs for the temporary equipment were only
accounted for a short period of time in the beginning of the project when it was used.

Additional operating costs associated with an injection well include safety and monitoring and
verification. The cost used, $10,000/injector/yr, is taken from Reeves (Reeves S. R., 2004).

Table 29. Operating Costs for Gas Wells for CO2 Sequestration.

Description Cost/Unit

New Production Wells $217/site/month

2 production wells

New Injection Wells $1083/site/month

1injection well

Pipeline Maintenance $0.011/mcf
Compression $0.33/mcf
Gas Processing-CO, $0.56/mcf

Safety, Monitoring and Verification $10,000/injector/yr
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Water disposal costs are a significant O&M cost in the Northern Appalachia coal region where the
project site was located. It was expected that dewatering volume would peak the first year and then
follow a steep decline curve, continuing at a low rate for the life of the production well. The water
production from the Pittsburgh coal seam did not follow this pattern. Daily field data were available
from 2005 through 2008 which showed a trend of increasing water collection from well MH-12 to
increase from 130 barrels per day to 260 barrels per day over time, as shown in Figure 59. Additional
field data were available from 2015 when the rate had dropped to around 30 barrels per day. Water
production data was not collected between 2008 and 2015.

The assumption made to determine the total costs of water disposal was that the water production
stabilized over two years after 2008, and then declined to 55 barrels per day by the end of 2011. Figure
59 shows the decline that was used for this analysis.

The quantity of water produced from the Freeport seam wells was negligible, and it was not impacted
by the injection of carbon dioxide. UF well MH-11 produced about 1 barrel per day in 2006 and then
stopped producing water.

Figure 59. Water Production Rates for MH-12 Well over Time (Actual and Estimated).

Water disposal costs include hauling the water by truck to a treatment site, and disposal. The disposal
costs ranged from $0.08/gal to $0.12/gal, or $3.36/barrel to $5.04/barrel, depending on the distance the
water had to be trucked. Disposal costs were not obtained from the gas company since the contractor
invoices did not show the quantity of water that was hauled for the given cost. As previously stated, the
volume of water collected was tracked in the beginning of the project but the disposal unit price was
estimated. The estimated overall water costs ranged from $68,000/yr the first year to $332,000/yr
between year two and year five, and $186,000 during the injection period, as shown in Table 30. Water
disposal costs were not charged to the actual project; however, we include them here for what would
normally be considered a typical cost.
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Table 30. Water Disposal Costs for CBM and ECBM Wells.

Period of Time Costs per year
Water Disposal - yr 1 $68,000/ yr
Water Disposal after yr 1 $332,000/ yr

Water Disposal — during ECBM | $186,000/ yr

Methane Production and CO, Injectivity

The area of coal that was drained of gas was determined by using the actual drilled lateral lengths in
each of the coal seams. The assumed gas production volumes for these calculations include CBM from
the region within the AOR, as well as from an area extending half the distance of each perpendicular
well lateral beyond the AOR. For the Pittsburgh seam it was assumed the drainage or production area
was 6,000 feet by 5,849 feet, or the equivalent of 806 acres, of coal measuring 6-feet thick. Assuming
136 cubic feet of gas per ton of coal (ft*/ton) contained in the Pittsburgh seam (based on the core
analysis as summarized in Table 3), yields 1,180 million cubic feet (mmcf) of methane present in the
coal. The project produced a total of 915 mmcf of methane from the Pittsburgh seam over the 4,031
days, which calculates to 77.6% recovery of gas. Typical recovery experienced in CBM wells is around
55% before they are shut-in; so this is a higher recovery than expected and could indicate the area of
drainage may be greater than what was assumed.

For the UF seam, we assumed the drainage area was 1,500 feet by 4,700 feet (162 acres) of coal
averaging 4.5-feet thick, with a range from two feet in the southeast to six feet in the northwest.
Assuming 182 ft*/ton of gas contained in the UF seam (based on Table 3), yields 238 mmcf of methane
present in the coal. The project extracted 56 mmcf of CBM during conventional recovery and 46 mmcf
of CBM during enhanced methane recovery using carbon dioxide injection, which is only a 42.8% overall
recovery of the methane, with 23.6% collected conventionally and 19.2% enhanced with carbon dioxide
injection.

The average rate of depletion during conventional drainage of the Pittsburgh seam was 227.2 mcf/day,
while the average rate for the UF seam was 31.6 mcf/day. The average rate of injection of the carbon
dioxide into the Freeport seam was 56.3 mcf per day, overall, but the average was 161.5 mcf per day on
actual injection days. This equates to 9.36 tons of CO,/day, on average, during the injection days. On
specific days, toward the end of the project, the measured injection rate increased to 22 tons/day. The
rate of methane that was extracted during the calendar injection days was 20.3 mcf/day, providing a
volumetric ratio of carbon dioxide injected to methane produced of 1.88.

The observed ratio is lower than expected, based on studies done by Reeves (Reeves S. R., 2003), where
the rank of the coal was compared with the sorption capacity for carbon dioxide and methane. Reeves
found that less CO, will replace the methane, or be adsorbed on the coal, on a volume to volume basis,
as the rank of the coal increases. With a high-volatile A bituminous coal such as the UF, a 3:1
replacement ratio of CO, to methane on a volume basis is predicted.
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Commodity Prices

The price of natural gas has a significant impact on the economics of ECBM production. Higher natural
gas sales prices allow for greater investment on drilling, operation, and the purchase price of carbon
dioxide (if any). The daily Henry Hub spot price of natural gas ranged from $15.39/mcf to $1.85/mcf
over the life of the project (2005 to 2015.) Over this period of time, the price of natural gas steadily
declined. The range of gas sales prices over the duration of the project was $10.17/mcf to $1.50/mcf.
The overall average sales price of CONSOL’s gas was $5.726/mcf.

The price of carbon dioxide also has a significant impact on the economics of a sequestration project.
The carbon dioxide used in this project was purchased at a range from $148/ton to $168/ton, with the
average cost at $151.84/ton. In the future there is potential to obtain a disposal fee to take the carbon
dioxide as a waste product, should emission regulations be implemented.

Economic Evaluation of Demonstration Project

Appendix J shows the total cost analysis of CO, sequestration for this project. Table 31 is a summary of
the key parameters of the analysis. The total project cost was $9.31 MM, while the total revenue was
only $5.82 MM which generated a loss of $3.48 MM. The project costs include the capital expenses,
commercial carbon dioxide purchase, and operating and maintenance costs for the duration of the
project. The capital cost portion was $5.69 MM, or 61% of the project costs. The operating and
maintenance costs were $3.62 MM for CO, sequestration. The revenue is the value of selling the
methane produced. This analysis does not account for the value of the land and resource, depreciation
of the capital, or any taxes.

Table 31. Summary of Demonstration Project Economics.

Variable Marshall County Gas Field
With CO, Sequestration

Cost $9.31 MM

Benefit -$3.48 MM

Gas produced, mcf 1,017,365

Cost of gas produced, $/mcf $9.15

Quantity of CO, sequestered, ton 4968

Cost of CO, sequestered, S/ton -$700.95

Years of production/injection & post injection 11.04/6.17

Methane selling price, $/mcf $5.726

CO2 purchase price, $/ton $151.84

73



The cost of gas production can be expressed in dollars per thousand cubic feet of gas by dividing the
total cost by the gas produced. The cost of CO, sequestration can be expressed in dollars per ton of CO,
by dividing the monetary benefit by the amount of CO, injected. The monetary benefit is calculated by
subtracting the revenue generated by the gas production from the total capital and operating costs. The
table shows that the cost of this demonstration project was $9.15 per mcf of gas produced. Selling the
gas at $5.73/mcf resulted in a loss of $3.42 per 1000 cubic feet of gas.

Since this was a demonstration project and horizontal drilling for CBM was in its infancy when the
project was started, the project was not expected to generate income. The objective was to determine
the feasibility of the concept.

Conceptual Future Projects in Unmineable Coal Seams

Future CO, sequestration and ECBM projects in unmineable coal seams in Northern Appalachia can
utilize the lessons learned from this demonstration project and transfer them to a brownfield site, with
existing wells, to reduce capital costs.

A brownfield site, in this application, would be categorized as an existing CBM field with declining gas
production nearing the end of its economic life as a gas project. The partially drained unmineable coal
seams would become CO, reservoirs for sequestration and produce additional gas (i.e., ECBM). This
approach allows sequestration to take maximum advantage of acquired land, site access development,
site preparation, and other infrastructure originally developed for the CBM operation.

The least amount of capital would be spent if both the injection well and the production well exist.
Unlike the project detailed herein, the future concept would not have the benefit of a production well
from a mineable coal seam. The concept plan would have one injection well for every two production
wells and the project would include three sets of this combination; therefore, six total production wells
and three injection wells. The injection wells would be converted from production wells after three to
five years from their first production when their production had declined.

The project can take advantage of existing infrastructure, assuming the existing gathering and methane
processing systems will function properly and no additional capital will be required to accommodate the
change from CBM production to ECBM production, other than the conversion of the production well to
an injection well.

The one new infrastructure item to be capitalized is a carbon dioxide injection system. Since, at this
time, there are no commercial carbon dioxide pipelines available in the Northern Appalachian basin, the
carbon dioxide delivery system would be similar to what was designed in the demonstration project.
The concept would utilize a centralized location with a large carbon dioxide storage tank and pumping
system, similar to that used for this project. Injection piping would have to be run from this central
location to each of the injection wells. A centralized storage system would be easier for deliveries of
commercially sourced carbon dioxide, due to the topography of the Appalachian area. The additional
capital was added to the economic evaluation for piping to transfer the carbon dioxide to the injection
wells.

The O&M costs for this scenario would be the same unit costs per well and piping as was determined for
the demonstration project. Because the production wells have already been producing in a brownfield
scenario, it is assumed that the water collection would reflect the lowest volumes demonstrated in the
field; i.e., 55 bbl/day.

We also assumed that the enhanced production rate of methane and the injection rate of carbon
dioxide would remain the same as what was measured in the demonstration project, 20.3 mcf
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CH,/day/well and 56.3 mcf CO,/day/well, which is equivalent to injecting a total of only 13.2 tons of
carbon dioxide per day in the unmineable coal seam. It was also assumed the unmineable coal seam
would contain the same amount of methane as the UF seam and the ECBM recovery of 19.2% would be
obtainable for each well. Using these constraints, the amount of time to recover the ECBM would be
6.17 years.

Economics of a Conceptual Brownfield Site

The conceptual brownfield scenario described here does not generate a profit. Appendix J shows the
total cost analysis of CO, sequestration in the Brownfield Northern Appalachia CBM scenario. Table 32
is a summary of the key parameters of the analysis showing a cost of $6.04 MM to sequester CO, and
produce methane in this scenario; including capital and O&M costs for 6.17 years. The total capital cost
was significantly reduced by $3 MM, compared to the demonstration project, because there were no
wells drilled; however, there was also 743,000 mcf less methane produced, compared to the
demonstration project. The scenario in this simplified analysis shows a loss of $4.47mm when gas sells
at $5.726/mcf and carbon dioxide is purchased at $151.84/ton.

Table 32. Summary of Economics for Brownfield.

Variable Appalachia Brownfield Gas
Field With CO, Sequestration

Cost $6.04mm

Benefit -$4.47mm

Gas produced, mcf 274,000

Cost of gas produced, $/mcf $22.04

Quantity of CO, sequestered, ton 14,905

Cost of CO, sequestered, S/ton -$300.04

Years of production/injection 6.17/6.17

Methane selling price, $/mcf $5.726

CO2 purchase price, $/ton $151.84

Opportunities for Improvement

One area of opportunity for improvement to the economics is to increase the amount of coal area from
which the gas will be drained. In the demonstration project, the Freeport seam was thin and the drilling
of the laterals was terminated short of the desired length so the area of depletion was only 162 acres
(compare to the area drained in Pittsburgh seam, 806 acres). If a future drilling plan reflects an area
with characteristics that are similar to the Pittsburgh seam, a sequestration project would have a better
chance of being economical.
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Expanding the production footprint increases the amount of gas that is available for extraction. The
model assumes that the amount of ECBM that would be produced was 19.2% of the available gas and
the volume ratio of CO,-to-CH, remained at 1.88 and that the rate of CO, injection would be at the a
maximum of 27 tons/day or 466 mcf/day, resulting in 4.95 years for sequestration and ECBM activities.
This scenario also results in a financial loss (-$7.86mm) when the price of CO, was at the average price
paid in the demonstration project, $151.84/ton, and the gas selling price was at the average price of
$5.726/mcf. The details are in Table 33.

The table shows that methane produced from a brownfield site in Northern Appalachia costs $10.05 per
mcf of gas produced; selling the gas at $5.726/mcf results in a net loss of $4.32 per mcf of gas. At a gas
sales price of $5.726/mcf, the breakeven point is achieved when the operator pays $72.76/ton for CO..

A sensitivity analysis was completed by varying the sales price of the gas and the price of the carbon
dioxide. The gas sales prices were varied from $11.00/mcf to $1.00/mcf, based on the actual price
changes that were experienced over the project period. The carbon dioxide prices were varied from
$151/ton to -$50/ton, to reflect the purchase price of carbon dioxide to what a utility company might be
willing to pay to dispose of captured carbon dioxide emissions. Figure 60 shows when the cost of carbon
dioxide is $151/ton, the price of methane has to be above $10/mcf for the project to become
economical. When the price of carbon dioxide is $0/ton, the project is profitable when gas is above
$1.80/mcf; in this situation, a power plant gives the delivered carbon dioxide to the gas producer. When
the gas price is at $5.73/mcf the price of the carbon dioxide has to be less than $70/ton for the project
to have a positive monetary benefit.

Figure 60. Variation in monetary benefit as methane and carbon dioxide prices change.

Clearly, it is unlikely that ECBM can be profitable if it is necessary to purchase commercial carbon
dioxide at S151/ton; therefore, we reduced the carbon dioxide price range in further evaluations to
$30/ton and -$12/ton. The $12/ton value is roughly equivalent to the current allowance price for
carbon dioxide credits traded on the California Climate Exchange. Figure 61 shows when the cost of the
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carbon dioxide is within this range, the project can have a positive benefit when the gas price is above
$3.50/mcf.

Further analysis was then done using the cost of carbon dioxide at $30/ton. Table 33 shows improved
economics compared to the scenario with carbon dioxide at $151.84/ton. The project costs dropped to
$6.17 MM which resulted in an economic benefit of $4.25 MM. The methane produced at these lower
carbon dioxide costs was $3.39/mcf.

Figure 61. Variation in monetary benefit as methane selling price varies from $1/mcf to $11/mcf and
carbon dioxide cost varies from -$12/ton to $30/ton.

One of the constraints in the previous scenarios is the limited amount of methane that is extracted from
the coal seam. One method of improving production is to drill new injection wells instead of converting
a depleted production well into an injection well. This would allow gas production before the
sequestration period started. The economics showed that when considering paying $30/ton of carbon
dioxide and selling methane at $5.726/mcf; there was an improvement of monetary benefit to $12.03
MM, as seen in Table 33.

Even with the additional cost of drilling the injection wells, the cost to produce methane decreased to
$2.76 per mcf and the project can pay up to $121.12/ton of CO, and remain profitable. The additional
3.9 years of pre-injection gas production from the new wells helps defray the new drilling costs.

Improving drilling costs could make the scenario profitable. As seen in the demonstration project, there
was an improvement in the drilling costs after the north wells were drilled. The cost improvements
were incorporated into the analysis to see how much improvement could be realized. The capital costs
were reduced by $1.2 MM, and this generates a greater monetary benefit of $13.22mm, as seen in
Table 33.
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Table 33. Summary of Scenario Analysis for CBM and ECBM Wells at Increased Gas Drainage Area.

Variable Converted CO2 Converted CO2 Drilled New CO2 Drilled New CO2
Injection, Injection, Injection Wells, Injection Wells at
$151.84/ton CO, | $30.00/ton CO, $30.00/ton CO, Lower Cost,
$30.00/ton CO,
Cost $18.27 MM $6.17 MM $11.18 MM $9.99 MM
Benefit -$7.86 MM $4.25 MM $12.03 MM $13.22 MM
Gas produced, mcf 1,819,000 1,819,000 4,055,000 4,055,000
Cost of gas produced, $10.05 $3.39 $2.76 $2.46
S/mcf
Quantity of CO, 99,334 99,334 99,334 99,334
sequestered, ton
Cost of CO,
sequestered, $/ton
(adjustment from $/ton $79.08 $42.76 $121.12 $133.12
CO2 used in calc)
Years of 4.95/4.95 4.95/4.95 8.85/4.95 8.85/4.95
production/injection ) ) ’ ) ) ’ ) ’
Methane selling price, $5.726 $5.726 $5.726 $5.726
S/mcf
€O2 purchase price, $151.84 $30.00 $30.00 $30.00

S/ton

An additional sensitivity analysis was conducted on the improved case of drilling the injection wells first.
Figure 62 is a graphical representation of the difference between not drilling injection wells, and drilling
the injection wells, when there is no cost for carbon dioxide. As the sales price of the gas goes up, it is
more profitable to drill the well instead of just converting a depleted production well into an injection
well. Figure 62 shows that whether there is pre-drainage or no pre-drainage from the injection wells,
the project becomes profitable around $2.00/mcf of methane when there is no cost for the carbon
dioxide. The monetary benefit curve increases to greater values when there is pre-drainage with a new

well.
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Figure 62. Impact on profit of drilling injection wells as methane and carbon dioxide prices change.

The last set of scenarios was used to analyze a situation that would be most relevant for a sequestration
project in the near future. In today’s market, $3/mcf for gas is a high price. Also, it is more reasonable
to assume that the delivered carbon dioxide would come from a regulated entity, free of charge to the
gas company. As in the other scenarios, carbon dioxide distribution piping, and operating and
maintenance costs would still be required. Table 34 shows the results from evaluating the same three
cases: not drilling injection wells (i.e., using depleted producers), drilling new injection wells at high
costs, and drilling new injection wells at low cost. The results show that there is more benefit with
greater gas production, but the cost of sequestering a ton of CO, is lowest if no drilling is done. When
no injection well is drilled, the cost of gas produced is at $1.75/mcf, which is less than the assumed
market price of $3.00/mcf, so a profit is realized. The cost of carbon dioxide sequestration is
$22.84/ton, which means the supplier could potentially be paid a small amount for the carbon dioxide.
The highest net present value is obtained when new injection wells are drilled at lower costs since the
money for the additional gas produced would be obtained at the beginning of the project.
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Table 34. Summary of Scenario Analysis for CBM and ECBM Wells at $3.00/mcf CH4 and $0.00/ton

CO,.
Variable Converted CO2 Drilled New CO2 Drilled New CO2 Injection
Injection Injection Wells Wells at Lower Cost

Cost $3.19 MM $8.20 MM $7.01mm
Benefit $2.27 MM $3.96 MM $5.15mm

NPV at Discount Rate 12.1 $1.51 MM $1.33 MM $2.39mm

Gas produced, mcf 1,819,000 4,055,000 4,055,,000
Cost of gas produced, $/mcf $1.75 $2.02 $1.73
tC;l,;]antity of CO, sequestered, 99,334 99,334 99,334
g;’:g:f €O, sequestered, $22.84 $39.85 $51.85

Years of production/injection 4.95/4.95 8.85/4.95 8.85/4.95
S/mcf methane $3.00 $3.00 $3.00

$/ton CO2 $0.00 $0.00 $0.00

Summary of the Economic Evaluation

For future applications of ECBM production using carbon dioxide sequestration, it is important to
evaluate each case separately. For example, the number of wells available for methane production will
have an impact on the economics. The commodity prices of methane and carbon dioxide are also
significant. Commercially-purchased carbon dioxide allows for limited profitability. Low or negative
prices for delivered carbon dioxide are beneficial.

Summary Conclusions and Recommendations

The Marshall County Project developed and operated a coal-bed CO, sequestration site composed of a
series of horizontally drilled wells into two overlying coal seams. The overall goal of the project,
conducted in 2001-2015, was to determine the suitability of using unmineable coal seams as
sequestration sinks for CO, while reaping the simultaneous co-benefit of enhanced CBM production. The
project was conducted as part of the U.S. Department of Energy’s (DOE’s) Carbon Storage Program
(CSP), which is managed by its National Energy Technology Laboratory (NETL) Office of Fossil Energy
(FE). Principle conclusions of the project are as follows:
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e  When drilling new production wells, it is imperative the wells be developed in a manner that will
provide for effective water extraction to allow for adequate CBM production. The first wells
drilled in this project were poor producers because they could not be effectively dewatered.
The CBM could have been more effectively drained, perhaps allowing more CO, to be
sequestered, had the north site wells been better producers.

e The technology appears to be economically feasible only in situations with high natural gas
selling prices and negative or zero costs for delivered CO,.

e QOver a period of four years, we injected nearly 5,000 tons of CO, into the target coal seam
stopping, upon CO, breakthrough, short of our 20,000 ton goal. Maintaining the desired
injection rate is crucial to the success of the project. Maintaining the injection rate would have
reduced the amount of operation time and associated expenses before experiencing
breakthrough, and may have allowed for greater injection volumes.

e Selecting injection system components that are readily available will reduce the downtime
experienced during malfunctions and may also provide cost savings for the purchase of the
more plentiful equipment. In this project, the original injection pump was the only one of its
kind and we were required to return components to the vendor for refurbishment after each
failure. This step would have been eliminated had these components been available for
replacement.

e Anintensive monitoring program based on a wide variety of monitoring methods provided no
credible evidence that the injected CO, migrated vertically out of the UF seam, and no credible
evidence that the injected CO, migrated horizontally outside of the area of review (AOR). A
intensive and extensive environmental monitoring program provides a high level of confidence
that the injected CO, remains within the area of review (AOR), except for the CO, produced
upon breakthrough.

e Typical CBM production curves show declining production either in very short time or after at
most a few years of active production. The UF wells in this project exhibited increased
production rates following the initiation of CO, injection, and their production rates were still
increasing at the end of the project, two years after the cessation of injection. We consider this
increase to be “enhanced” production, likely caused by the CO, injection. Over the four years of
injection, the average annual increase in daily production rates was 18.5% for MH-5 and 22.3%
for MH-11.
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