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Abstract—The proper coordination of power system protective 

devices is essential for maintaining grid safety and reliability but 

requires precise knowledge of fault current contributions from 

generators like solar photovoltaic (PV) systems. PV inverter fault 

response is known to change with atmospheric conditions, grid 

conditions, and inverter control settings, but this time-varying 

behavior may not be fully captured by conventional static fault 

studies that are used to evaluate protection constraints in PV 

hosting capacity analyses. To address this knowledge gap, hosting 

capacity protection constraints were evaluated on a simplified test 

circuit using both a time-series fault analysis and a conventional 

static fault study approach. A PV fault contribution model was 

developed and utilized in the test circuit after being validated by 

hardware experiments under various irradiances, fault voltages, 

and advanced inverter control settings. While the results were 

comparable for certain protection constraints, the time-series fault 

study identified additional impacts that would not have been 

captured with the conventional static approach. Overall, while 

conducting full time-series fault studies may become prohibitively 

burdensome, these findings indicate that existing fault study 

practices may be improved by including additional test scenarios 

to better capture the time-varying impacts of PV on hosting 

capacity protection constraints. 
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analysis, power system protection, time-series analysis 

I. INTRODUCTION 

Before a new solar photovoltaic (PV) system installation is 
allowed to connect to the power grid, a number of screens and 
analysis tools are often applied to ensure the safety and 
reliability of the integrated system. PV hosting capacity analysis 
(HCA) is one tool that can be used to determine the maximum 
allowable amount of PV that can be installed on a feeder or at a 
given location on the grid before certain operating constraints 
are violated [1], such as exceeding thermal loading limits on 
power lines or transformers [2], inducing extreme voltages 
beyond acceptable ranges [3], or causing the miscoordination of 
protective devices [4]. Like many other types of grid-impact 
studies, there has been growing interest in evaluating PV hosting 
capacity as a time-series to better capture the time-varying and 
time-dependent aspects of both the grid and the PV systems [5]. 
However, when it comes to evaluating protection constraints for 

HCA, conventional static fault studies are used that typically 
only consider when the PV system is operating at unity power 
factor (PF) and full output capacity. Since the fault contribution 
of a PV system depends on several time-varying parameters [6], 
static fault studies may not be sufficient to capture the full range 
of PV impacts on protection.  

Over time, PV inverter capabilities and design topologies 
have evolved in response to technological advances and updated 
interconnection standards [7], which has influenced their 
behavior during blue-sky conditions as well as their response to 
fault conditions. PV inverters must be able to ride through a 
variety of disturbances to voltage, frequency, and phase angle 
[8], and their response to those disturbances depends on whether 
they are grid-following or grid-forming inverters [9].  Advanced 
capabilities also enable PV inverters to provide grid support 
through autonomous control objectives like Volt-VAR or Volt-
WATT, as well as to participate in feeder wide control schemes 
like conservation voltage reduction (CVR), Volt/VAR 
optimization (VVO), or other specialized objectives of 
distributed energy resource management systems (DERMS) 
[10]. Through these advanced control objectives, PV systems 
may be required to operate over a wide range of non-unity PFs 
and/or curtail real power based on time-varying atmospheric or 
grid conditions. While these control objectives and operating 
conditions do impact PV inverter fault response, HCA tools rely 
on a conventional static fault analysis method that typically only 
considers a small set of PV operating conditions like constant 
unity PF and pre-fault PV output at zero or full capacity.  

Many studies have investigated the impacts of distributed 
PV on protection systems [11], but the degree to which existing 
HCA fault study assumptions and practices are suitable to 
evaluate modern PV inverter impacts remains unclear. This 
paper explores this knowledge gap by first applying hardware 
tests to validate a PV inverter fault model, then evaluating 
protection constraints on a test circuit using both conventional 
static fault analysis and a time-series fault analysis approach. 
Specifically, this paper combines yearlong time-series power 
flow simulations with corresponding fault studies at each time 
point to evaluate the PV impact on two common HCA protection 
constraints. The main contributions of this paper include: 

• A hardware-validated PV fault contribution model that 
is applicable for different irradiances, fault voltages, 
and inverter Volt-VAR functions 

• A time-series fault analysis methodology 

• A static vs. time-series fault analysis comparison and 
recommendations to improve existing practices 
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Overall, this paper highlights the importance of inverter 
modeling and time-series analysis for achieving accurate PV 
HCA results and ensuring a safe and reliable electric grid.  

II. BACKGROUND 

The protection system is designed to rapidly isolate and 
remove faults on the grid as they occur while minimizing the 
disconnection of customers. Before PV systems and other 
distributed energy resources (DERs) were present on the grid, 
protection systems were designed to recognize and respond to 
large fault currents flowing from the substation to the fault 
location. When DERs are installed, they can lead to reverse 
power flows and fault currents from multiple injection points 
that either increase or decrease fault currents “seen” by 
protective devices, meaning the “legacy” protection systems 
may no longer be able to detect certain faults or may 
inadvertently disconnect more customers than necessary [12, 
13]. Specifically, the scenarios of interest in this work are when 
faults occur downstream of the PV system where the voltage 
remains high enough at the PV location that the PV system 
continues to inject current, or “ride through” the low voltage 
event. If the fault occurs between the PV system and the 
substation, the PV will stop injecting current (i.e., it will have no 
impact on the protection system). 

To avoid these types of issues, PV planning and 
interconnection studies often include static fault studies to 
evaluate existing protection systems for potential impacts [14], 
like relay desensitization, loss of coordination, nuisance 
tripping, sympathetic tripping, etc. The fault studies analyze a 
variety of fault types (e.g., single-line-to-ground, line-to-line, 
etc.) at different grid locations and with different resistances. PV 
systems are typically represented by simplified short-circuit 
models in which the PV system is modeled as a fixed current 
source outputting 1.2x its per unit (p.u.) rated current in phase 
with the voltage (i.e., a grid-following PV inverter operating at 
unity PF). Protection studies will then coordinate settings for 
protective devices considering the fault study results for this 
full-rated PV output contribution and the case of zero PV output 
(i.e., when a fault occurs during the nighttime when PV is off).  

These conventional assumptions used in static fault studies 
for PV inverter fault response may not always be applicable. 
First, PV inverters only operate at full output capacity for a 
fraction of the year. PV output changes throughout the day and 
seasonally as irradiance and temperature change. Second, the 
PV inverter fault current is not always in phase with the voltage. 
Today, PV inverters must be capable of responding to 
centralized control signals from grid operators and be able to 
operate in a variety of autonomous grid-support modes [7], 
meaning an inverter may operate at a wide range of PFs and 
maintain those PFs during faults [6]. Lastly, PV inverter current 
limits are not standardized, meaning the 1.2x assumption could 
be an over- or under-estimation of an inverter’s actual output 
current limit; furthermore, some PV inverters apply their current 
limit based on pre-fault output current (e.g., about 1.1x in [15]), 
and unlike synchronous generators, inverter fault response can 
vary from one manufacturer to another [16]. Novel protection 
schemes are being developed to accommodate these behaviors 
and characteristics, but their success is dependent upon the 
accuracy of the underlying inverter models [17]. 

III. STEADY-STATE PV INVERTER FAULT MODEL 

This work is focused on the impacts of steady-state fault 
current injections from PV inverters. In general, when a fault 
occurs on a circuit, the voltage will sag at the output terminals 
of the PV inverter, or its point of common coupling (PCC), 
based on the characteristics and proximity of the fault. Initially, 
a transient current spike is observed that lasts for about 0.1 ms, 
meaning the energy contained in the spike is small enough to be 
ignored by protection schemes [18]. The inverter fault current 
will then settle to its steady-state value, which is proportional to 
the fault voltage and subject to the internal current limiting 
characteristics of the inverter. As noted earlier, some inverters 
do limit their fault current based on pre-fault output current [15]. 
However, with all else equal, applying a current limit based on 
the output current rating of an inverter would result in higher 
fault current magnitudes and would therefore be of more interest 
from the perspective of protection system impacts.  

A. Model Definition 

From here on, the phrase “fault current injection” will refer 
to the magnitude and angle of the steady-state PV inverter 
positive-sequence current output during a fault, IF, defined in (1) 
as: 

 𝐼𝐹 = |𝐼𝐹|∠Θ𝐼 (1) 

where |IF| represents the fault positive-sequence current 
magnitude and ΘI represents the angle difference between 
positive-sequence current and positive-sequence voltage. For 
this paper, it is assumed that PV inverters are grid-following 
type inverters that do not inject any negative sequence current 
[19], so all quantities and variables are positive-sequence values 
from here on.  The fault current magnitude is subsequently 
defined in (2): 

 |𝐼𝐹| = |(
𝑃𝑃𝑟𝑒 𝑃𝐹⁄

𝑉𝐹
)|  (2) 

where PPre is the pre-fault real power output of the inverter, PF 
is the pre-fault PF, VF is the PCC fault voltage, and that (2) is 
subject to the following constraints: 

 |𝐼𝐹| ≤ 𝐼𝐿𝑖𝑚𝑖𝑡 (3) 

 max(𝑆𝑃𝑟𝑒) ≤ 𝑆𝑅𝑎𝑡𝑒𝑑 (4) 

 𝑆𝐹 ≤ 𝑆𝑃𝑟𝑒 (5) 

 𝑃𝐹𝐹 = 𝑃𝐹𝑃𝑟𝑒 = 𝑃𝐹 (6) 

 |𝐼𝐹| = 0, 𝑤ℎ𝑒𝑛 𝑉𝐹 < 0.5 𝑝. 𝑢. (7) 

Constraint (3) states that the output current magnitude is bound 
by the current limit of the inverter, ILimit, which is expressed as a 
p.u. factor of its output current rating. Constraints (4) and (5) 
describe that apparent power output cannot exceed the apparent 
power rating of the inverter (expressed in kVA or p.u.), and that 
the pre-fault output, SPre, will be maintained during the fault, SF,  
unless the current magnitude was limited. Regardless of whether 
the fault current is limited, the pre-fault PF, PFPre, will be 
maintained during the fault [6], PFF, and can simply be referred 
to as PF as in (6). One exception to this constraint is if the 
inverter is set to provide dynamic voltage support; in this case, 
the inverter would output reactive power to support the voltage 
during a fault regardless of the pre-fault PF [7] but analysis of 
this capability is beyond the scope of this work. Lastly, 
constraint (7) represents the momentary cessation requirement 



 

from [7], in which the PV inverter shall cease to inject current if 
the fault voltage, VF, at its PCC falls below 0.5 p.u. (meaning  
|IF| is zero when VF is less than 0.5 p.u.). 

 The injection angle of the PV inverter fault current is defined 
in (8). Since Constraint (6) also applies to (8), ΘI will be 
maintained during the fault as well.  

 Θ𝐼 = cos−1(𝑃𝐹) (8) 

 Each of the dependent variables of IF may vary through time; 
PPre depends on the PV array output which changes with 
irradiance and temperature, VF changes with fault 
characteristics, and PF changes based on the control objective 
for the PV system. For example, when the inverter is set to 
operate in autonomous Volt-VAR mode per [7], PF will change 
based on PPre and pre-fault PCC voltage.  

B. Model Validation and Current Limit Calibration 

The steady-state PV inverter fault model defined in Section 
III. A. was validated through hardware testing of an actual 3-
phase 33 kVA PV inverter using the test setup depicted in Fig. 
1. The input terminals of the inverter were connected to a PV 
array simulator and the output terminals were connected to a grid 
simulator. For all hardware tests, the simulated PV array size 
was set to 33 kW (i.e., a DC/AC ratio of 1) such that the value 
of irradiance (in kW/m2) would be equivalent to PPre in p.u., and 
the simulated temperature was held constant at 25°C. Overall, 
this setup enabled each of the time-varying parameters of IF to 
be controlled independently.  

 

Fig. 1. Experimental setup for PV inverter hardware testing. 

 The first set of tests was designed to validate the relationship 
between PV inverter fault current magnitude and fault voltage. 
For these tests, the inverter was set to operate at unity PF 
(PF=1), and irradiance was held constant (at 0.9 and 0.2 kW/m2) 
while different fault voltages were applied. During the first 
voltage sweep with irradiance at 0.9 kW/m2, it was observed that 
the inverter when into momentary cessation when the fault 
voltage was below 0.5 p.u. as required by [7] and that the output 
current was limited at 1.625x the nominal current rating of the 
inverter (i.e., 1.625 p.u.), much higher than conventional 
assumptions that are around 1.1-1.2 p.u., as observed in [18].  

Based on these results, the default inverter model in 
OpenDSS [20] was modified in several ways to accommodate 
the 1.625 p.u. current limit and to ensure it was applied 
according to equations (1) through (8). By default, the current 
limit in OpenDSS is determined by the reciprocal of the Vminpu 
parameter. This default model does agree with electromagnetic 

transient (EMT) inverter models under full PV output and 
relatively high fault voltages [17] but since the current limit is 
applied as a function of pre-fault output current, it does not hold 
under low irradiance and low fault voltage conditions for 
inverters that limit current as a function of their rated current. 
Therefore, the proposed model was implemented by 
dynamically adjusting Vminpu as PV and grid conditions 
changed; specifically, Vminpu was kept near zero unless the 
positive sequence fault current was above 1.625 p.u. 

After the inverter model was calibrated, the hardware test 
setup was replicated in simulation (i.e., connecting a voltage 
source directly to the PCC terminals of the inverter model and 
manually adjusting the PV array inputs). The hardware and 
simulation results are presented in Fig. 2, which shows that, 
aside from a slight difference in losses, the inverter model 
sufficiently captures the relationship between fault current 
magnitude and fault voltage. Since the PV system had a DC/AC 
ratio of 1 and operated at unity PF, irradiance was equal to the 
product of voltage and current for any data points that were not 
current-limited (i.e., apparent power balance was maintained). 
For illustrative purposes, the momentary cessation feature was 
not included in the simulation results, and the voltage sweep was 
repeated after setting the PV array irradiance to 0.5 kW/m2.  

 

Fig. 2. Inverter fault current magnitude vs. fault voltage (VF) at unity PF. 

The next set of tests was conducted to validate the 
relationship between fault current magnitude and pre-fault real 
power output of the inverter, which is directly proportional to 
irradiance in this case since the DC/AC ratio was set to 1 and 
temperature was held constant. The inverter was set to unity PF 
and a fault voltage of 0.55 p.u. was applied after adjusting the 
input irradiance to various levels. This test was then replicated 
in simulation, and repeated for fault voltages of 0.45 p.u. and 
0.65 p.u. The results are presented in Fig. 3, which show that the 
inverter model matched the hardware results and the current 
limit of 1.625 p.u. was once again visible. When voltage and PF 
were held constant, the linear relationship between fault current 
and irradiance was observed, as predicted by (2).  

The last set of tests investigated the relationship between 
fault current magnitude and PF. The results are presented in Fig. 
4, where the tick marks on the x-axis are spaced according to ΘI 
(in degrees). The fault conditions, in this case, included a voltage 
sag to 0.80 p.u. and a -20° change in positive sequence voltage 
phase angle, which is within the ride-through requirements [7] 
and matches values used in prior work [6] that were based on 
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fault simulations on an actual 21.7 km-long distribution feeder 
model. According to Equation (2) and Constraint (4), the 
maximum possible fault current magnitude for a fault voltage of 
0.80 p.u. is 1.25 p.u., as confirmed by the simulation and 
hardware results in Fig. 4. This figure shows that when real 
power is held constant, the fault current magnitude increases 
with the reactive power associated with the non-unity PFs until 
the current limit is reached. At this point, the current magnitude 
remains constant, but the current angle continues to change. The 
inverter was also able to quickly synchronize to the step-change 
in phase angle and operate at a very wide range of PFs, even 
under low irradiance conditions (0.05 kW/m2), meaning it is able 
to operate at practically any PF required by autonomous or 
centralized controls. 

 

Fig. 3. Inverter fault current magnitude vs. irradiance (i.e., PPre) at unity PF.  

 

Fig. 4. Inverter fault current magnitude vs. PF (VF = 0.8 p.u.). 

While other inverters may have stricter limitations that are 
more aligned with the minimum requirements in IEEE 1547 [7], 
the capabilities depicted in Fig. 4 would still represent the more 
interesting case in terms of protection system impacts since it 
essentially has the widest possible operating range of PPre and 
PF; also, IEEE Std P2800-2022 recommends that large-scale 
PV inverters be able to meet minimum reactive power 
capabilities at all active power output levels (including at zero) 

[21], so it is conceivable that future iterations of distribution 
interconnection standards might follow similar trends. 

IV. METHODS 

The remainder of the paper analyzes the differences between 
conventional static fault studies and time-series fault studies for 
evaluating protection system impacts associated with PV HCA. 
The following subsections describe the test circuit, introduce the 
protection system impact metrics evaluated, and present the 
methodologies for the static and time-series fault studies.  

A. Test Circuit 

The test circuit depicted in Fig. 5 was created to showcase 
some of the potential impacts of PV on protection devices and 
how those impacts vary throughout time as the PV output and 
grid conditions change. Note that the PV system was placed near 
the substation so that the voltage it experiences during a fault 
would be high enough for the PV inverter to ride through (i.e., 
>0.5 p.u.). Also, the closer the PV is to the substation, the greater 
the potential there is for desensitization of substation relays to 
occur.  

The circuit was modeled in OpenDSS [20] and represents a 
5 km long distribution feeder that contains two protective 
devices (a substation relay and a recloser), an aggregated load at 
the end of the feeder, and a large PV system with a grid-
following inverter connected through a step-up transformer 
located 1 km downstream of the substation. The feeder is 
supplied by a voltage source that represents the sub-transmission 
system and the voltage on the feeder is regulated by a load-tap 
changer (LTC) on the substation transformer. The fault location 
(between the recloser and load, as shown in Fig. 5) and 
characteristics (a 3-line-to-ground, or 3LG, fault with 1-ohm 
resistance) were held constant for all static and time-series fault 
studies. This work focuses on  3LG faults since single-line-to-
ground faults are generally detected by the ground overcurrent 
elements.  The 3LG faults are the most extreme fault currents 
seen, and are the most susceptible to any desensitization or 
impacts due to the balanced PV current injections. 

 

Fig. 5. Diagram of test circuit used for static and time-series fault studies. 

To accommodate the time-series simulations, each of the 
time-varying elements in the circuit was assigned yearlong 
profiles with 15-minute resolutions that dictate the parameters 
of each element at every time point of the year. The time-varying 
elements in the circuit included the substation voltage source, 
the PV array output, and the aggregated load. For the time-series 
analyses, the PV inverter was set to operate in autonomous Volt-
VAR mode following a slightly modified version of the 
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Category B default settings [7] that allowed for maximum VAR 
injection and absorption at 0.95 and 1.05 p.u. voltage, 
respectively, as opposed to 0.92 and 1.08 p.u. This mode was 
selected to enable the inverter PF to vary over time (as a function 
of grid voltage and PV array power). 

B. Protection System Impact Metrics 

Two protection system impact metrics were selected to 
compare the results from the static and time-series fault studies: 
desensitization and interrupt capability change, both of which 
are measured in amps and are commonly evaluated in PV HCA. 
It was assumed that the protection devices were perfectly 
coordinated to detect and isolate faults before the PV system was 
installed. Therefore, the “PV Off” case represented the baseline 
fault current magnitude, |IFBaseline|. Both metrics were tracked for 
each of the two protective devices in Fig. 5.  

Desensitization refers to the degree to which a protective 
device is less able to detect a fault. This metric is associated with 
the “minimum pick-up” current setting of a protective device, 
which specifies the current magnitude threshold that triggers the 
device. In other words, the device will not act if it senses currents 
below this threshold. Generally, distribution protection devices 
and set so that they will be able to detect and trip for a fault at 
the end of the feeder. When PV systems inject current during a 
fault, the fault current seen by a protective device may be 
reduced, meaning the device has become at least partially 
desensitized to the fault, or completely desensitized if the fault 
current is reduced below its minimum pick-up setting. For this 
work, IDesensitization is defined in (9) as: 

 𝐼𝐷𝑒𝑠𝑒𝑛𝑠𝑖𝑡𝑖𝑧𝑎𝑡𝑖𝑜𝑛 = 𝑚𝑖𝑛(|𝐼𝐹|) − |𝐼𝐹𝐵𝑎𝑠𝑒𝑙𝑖𝑛𝑒
| (9) 

 On the other hand, current injections from PV systems can 
also increase the fault current seen by protective devices. The 
interrupt capability metric is associated with the physical device 
parameters that determine the largest current magnitude it can 
safely and reliably interrupt. If the fault current exceeds this 
threshold, a different protective device may respond instead and 
disconnect more customers than required, or the device will 
attempt to operate, risking device damage and/or failure. For this 
work, the interrupt capability change (∆IInterrupt) is defined in 
(10) as: 

 Δ𝐼𝐼𝑛𝑡𝑒𝑟𝑟𝑢𝑝𝑡 = max(|𝐼𝐹|) − |𝐼𝐹𝐵𝑎𝑠𝑒𝑙𝑖𝑛𝑒
| (10) 

Since the PV system in Fig. 5 has a grid-following inverter, 
it injects balanced currents across all three phases [19]. 
Therefore, to simplify the analyses, the protection metrics are 
reported for one of the phase elements (Phase A). 

V. RESULTS 

A. Static Fault Analysis 

First, the static fault studies were conducted on the test 
circuit from Fig. 5 to determine the baseline fault current, 
|IFBaseline|, in the circuit (i.e., without any PV current injections). 
For this case, the fault current in the circuit was 1,837 A; since 
the relay and recloser are in series with one another and the PV 
system was off, the fault current was approximately the same for 
both devices aside from some losses. This result is represented 
as the horizontal dotted line “PV off” in Fig. 6.  

The next test case represented the typical PV parameters 
used for evaluating protection impacts in HCA, in which the PV 
system is operating at full rated capacity (Irradiance = 1.0 
kW/m2) and unity PF. The results of each device for this case 
are represented by the intersection to the vertical dashed line 
“PV on (HCA)” in Fig. 6. In this case, the PV system injected 
751.8 A of fault current in phase with the voltage at the node 
between the relay and recloser. For the plots on the right, note 
that the PV system had a DC/AC ratio of 1.3, so the inverter was 
operating at full capacity for any irradiance above 0.77 kW/m2. 
Compared to the baseline scenario, less fault current was 
supplied from the substation, so the relay fault current was 
reduced to 1,619 A, or desensitized by 218 A (13.47%). The PV 
fault contribution also led to an increase in fault voltage 
compared to the baseline scenario, which increased the fault 
current through the recloser to 1,917 A, resulting in a ∆IInterrupt of 
80 A (4.17%). For context, the EPRI DRIVE tool for 
streamlined PV HCA [22] uses a default value of 10% to flag 
deviations in fault currents caused by PV injections.   

In addition to the “PV off” and “PV on (HCA)” cases, static 
fault studies were conducted for a range of PV inverter PF 
conditions (left column plots in Fig. 6.) and irradiance levels 
(right column plots in Fig. 6.). Unlike the results in Fig. 2-Fig. 
4, the inverter PCC voltage (bottom plots in Fig. 6) was 
dependent on the fault resistance and location—not directly 
controlled. These additional fault studies were intended to 
highlight just a portion of the potential impacts to relay and 
recloser fault currents, since the PV inverter can operate at 
essentially any combination of irradiance and PF.  

 

Fig. 6. Static fault study results depicting the impacts of time-varying PV 

parameters. The “PV on (HCA)” line highlights the conditions used for HCA, 

where PF=1 and Irradiance=1 kW/m2 and the intersections with this line 

represent the results for each device.  

As seen in the top left plot of Fig. 6, there were some PF 
values that caused more relay desensitization than the “PV on 
(HCA)” case, some that caused less, and others that resulted in 
larger fault currents through the relay than through the recloser. 
Some test conditions resulted in fault voltages that would have 



 

required momentary cessation (i.e., <0.50 p.u.) [7], but these 
data points were included to show what would have happened if 
the inverter kept injecting fault current. Large-scale PV inverters 
connected to the transmission system should now be able to ride 
through voltages as low as 0.10 p.u. [21], so if similar 
requirements are adopted for distribution system 
interconnections, the range of potential protection systems 
impacts would expand. This same plot also highlights that the 
PV fault current angle alone can impact protection devices, 
which is in line with previous discussions [6]; from unity PF to 
-0.87, the PV fault current magnitude was at its limit, yet the 
relay and recloser fault currents continued to change.  

B. Time-Series Fault Analysis 

The static fault results in Fig. 6 are useful in analyzing the 
complex relationships between PV parameters and fault currents 
in a given test circuit, but they do not provide practical bounds 
for the combinations of irradiance and PF conditions that a PV 
inverter may operate at. Since the PV inverter PF may be 
dependent on atmospheric conditions, grid conditions, or 
centralized control objectives, time-series analysis is required. 
In this work, the PV inverter was set to operate in autonomous 
Volt-VAR mode with VAR priority, meaning the PF would 
change with the grid voltage at the PV inverter terminals as well 
as with the input power to the PV array.  

Overall, the time-series fault analysis was accomplished 
with a two-step approach. First, a quasi-static time-series 
(QSTS) simulation was conducted on the circuit with time steps 
of 15 minutes for every time point of the year (35,040 total time 
points), but without any faults applied. In QSTS simulations, the 
solution of one time point serves as the initial state for the next, 
so the entire year was simulated consecutively while PV 
parameters and grid state variables were recorded. Thus, the 
results from this simulation provided the pre-fault conditions for 
every time point of the year. Next, fault studies were conducted 
for each of these time points after manually adjusting the circuit 
corresponding to the pre-fault conditions at that time, while fault 
currents and voltages throughout the circuit were recorded.  

Results from the initial QSTS simulation are presented in 
Fig. 7, which shows the cumulative distribution function (CDF) 
plots for PV PF and real power output after filtering out 
nighttime data points when the PV is off. As anticipated, the PV 
inverter only operated at its full power output for less than 25% 
of the daylight hours throughout the year. This figure also shows 
that the PV inverter operated with PFs as low as 0.2 (inductive) 
but did not operate at any capacitive PFs. While IEEE 1547 says 
that the minimum reactive power requirements of an inverter do 
not require it to be able to handle 0.2 PF, the hardware tests 
showed that the inverter had no problem operating even very 
close to a power factor of zero. 

An example of the time-series fault study results is presented 
in Fig. 8, which shows two consecutive days from the analysis 
selected at random. The first day highlights the variability 
associated with distributed PV, where the possible fault current 
rises and falls throughout the day as clouds pass over the PV 
array. In contrast, the second day depicts clear sky conditions for 
which the PV is able to inject its maximum current for a 
significant portion of the daylight hours. However, the most 
consequential time points on both days were actually in the early 

mornings and late afternoons when PV fault current magnitude 
was relatively low (see the zoomed-in section of Fig. 8); during 
these time periods, the recloser was briefly desensitized and the 
relay fault current is increased—the opposite of the behavior 
over the remaining time periods of the day. In these cases, even 
though the PV fault current magnitude was low, the PF required 
by the Volt-VAR control at those times was fairly extreme and 
ended up having an impact on the protection devices. 

 

Fig. 7. Cumulative distribution plot of time-varying PV parameters from the 

pre-fault QSTS simulation.   

 

Fig. 8. Time-series fault study results for two random consecutive days. 

The time-series fault behavior of the PV inverter for the rest 
of the year is summarized in Fig. 9. This figure shows all the 
combinations of fault current magnitudes and angles measured 
over the year, while the color of the pixel expresses the total 
duration of that combination (pixels in black represent 
combinations that did not occur). There were a wide variety of 
magnitude and angle combinations throughout the year but just 
a few current-limited combinations made up a significant 
portion of the total duration. Interestingly, none of the current-
limited data points occurred at unity PF (i.e., with a fault current 
angle of 0°).  



 

 

Fig. 9. Heatmap of the amount of time during the year that the PV inverter fault 

contributions would have been at that magnitude and angle. 

C. Static vs. Time-series Analysis 

The static and time-series fault study results for the relay and 
recloser fault currents are presented in Fig. 10, where the static 
results are represented by the horizontal lines and the time-series 
results are represented by CDF plots. Since the PV fault 
contribution generally had the opposite impact on the recloser 
compared to the relay, the recloser CDF is plotted in descending 
order to clarify the analyses. The dashed lines for the relay and 
recloser and black dotted “PV Off (Static)” line correspond to 
the “PV on (HCA)” and “PV off” results from Fig. 6, 
respectively. The results in Fig. 10 were used to evaluate the 
protection impact metrics from Section IV. B., which are 
summarized in Table I.  For the relay desensitization impacts, 
the static fault study overestimated the time-series results by 27 
A. However, this overestimation is likely acceptable since it is 
in the ballpark of the headroom that is typically applied when 
coordinating settings for protection devices. For impacts to 
interrupt capabilities, the static results detected no change, but 
the time-series study found an increase of 24 A. Although the 
magnitude of this discrepancy was not large in this case, it does 
indicate that the conventional methods may not sufficiently 
capture certain impacts.  

 

Fig. 10. Comparison of PV impacts on protection devices evaluated with static 

and time-series fault studies. 

TABLE I. PROTECTION IMPACT METRIC COMPARISON 

Device 
IDesensitization 

(static) 

IDesensitization 

(time-series) 

∆IInterrupt 
(static) 

∆IInterrupt 
(time-series) 

Relay 218 A 191 A 0 A 24 A 

Recloser 0 A 42 A 80 A 75 A 

The takeaways for the recloser impacts were similar but for 
the opposite metrics. The static fault study slightly 
overestimated the change in interrupt capability (by just 5 A), 
but did not capture any of the desensitizing impacts of the PV 
fault contribution (42 A). Again, while the differences in 
magnitudes of the metrics may not be alarming in this case, it 
may be prudent to include additional scenarios to ensure static 
fault studies sufficiently capture all relevant protection impacts 
of distributed PV, particularly when grid-support functions or 
other advanced control objectives will be implemented.   

VI. DISCUSSION 

Although this work was not intended to cover all potential 
PV impacts on protection systems, there were some 
observations that could be applicable to the broader field. For 
instance, there was a significant difference between the actual 
current limit of the inverter tested in Section III. B. (1.625 p.u.) 
compared to typical values used to represent the current (~1.2 
p.u.). So, if the information regarding a current limit of an 
inverter is missing from an inverter’s technical datasheet, 
conventional assumptions may cause issues. Similarly, certain 
inverters limit their output current based on pre-fault operating 
conditions, yet the way in which the current limit is applied is 
also not required to be explained on datasheets. 

The results in this work do indicate that time-series fault 
studies could provide additional value; the increase in the 
maximum fault current seen by the relay and the desensitization 
experienced by the recloser would not have been captured with 
the conventional approach. While the magnitude of those 
impacts was not particularly large, it is worth noting that this 
work was limited to a single test circuit focused on one of many 
possible inverter control functions (autonomous Volt-VAR). 
Although the settings for the Volt-VAR curve enabled the 
inverter to inject or absorb reactive power, the voltages at the 
inverter PCC over the year only ever required unity PF operation 
or reactive power absorption (see Fig. 7). According to Fig. 6, 
the maximum recloser fault current could have increased 
significantly above the unity PF case if the inverter had injected 
reactive power, while the minimum relay fault current could 
have been significantly reduced. For instance, if the distribution 
system operator had initiated a conservation voltage reduction 
(CVR) event, the same autonomous Volt-VAR settings would 
have attempted to boost the voltage back up by injecting reactive 
power. It is possible that if a fault occurred during a CVR event, 
the relay would have been desensitized more than the static case 
due to the angle of the PV fault current injection due to the 
reactive power injection before the fault. Alternatively, enabling 
the inverter to provide dynamic voltage support would have also 
resulted in PV reactive power injections during any fault. In 
other words, the fact that there was not a large difference 
between the static and time-series fault studies in this case is 
partly attributed to the simulation setup and selected controls. 



 

As penetration levels of PV and other DERs increase, there 
will likely be more incentive to leverage advanced inverter 
capabilities through centralized/feeder-wide controls to improve 
grid conditions. If existing trends continue, inverters may be 
expected to ride through more extreme disturbances or even 
attempt to mitigate them. Thus, it is certainly conceivable that 
any given inverter could end up injecting its maximum fault 
current at much more extreme PFs than those shown in Fig. 9. 
So, while practical challenges of implementing full yearlong 
time-series fault studies may remain due to their relative 
complexity and computational burden, additional cases should 
be included in static fault studies to represent the most extreme 
expected combinations of fault current magnitudes and angles, 
with current limits of all simulated inverters set according to 
their actual hardware or software constraints.  

VII. CONCLUSION 

Assessing the impact of distributed PV systems and other 
DER installations on power system protection is becoming more 
crucial as penetration levels rise and as the utilization of 
advanced inverter capabilities increases. In this work, a time-
series fault study framework was proposed and implemented. 
The results were compared to the conventional static fault study 
approach for evaluating common protection constraints of PV 
HCA. Both studies utilized a validated PV fault model that was 
developed by testing a commercial off-the-shelf inverter under 
a variety of irradiances, fault voltages, and control settings. 
While the conventional static approach captured certain metrics 
well, not all PV impacts from the time-series results were 
captured. Overall, conducting time-series fault studies may be 
prohibitively burdensome in many cases, but the results in this 
work indicate that the static approach can be improved by 
including additional scenarios to analyze, ensuring protection 
systems remain reliable in the presence of distributed PV with 
advanced inverter functions enabled.  
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