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Abstract

Carbon dioxide sequestration in saline aquifers is a promising approach to reduce anthropogenic
CO; emissions and mitigate global climate change. CO> storage capacity in aquifers depends on
various factors such as interfacial tension, injection rate, viscosity ratio and characteristics of the
porous media. We investigate the effects of these variables on CO> gas and foam injection into a
brine-saturated porous medium using a glass fabricated microfluidic device. The pore network is
a representation of Washita-Fredericksburg formation located at a depth of 1,110 m that is part of
a saline aquifer located in southeast US and is currently under investigation to estimate its storage
capacity as a commercial-scale CO: storage hub. Contact angles and interfacial tensions between
different fluids are measured under the experimental conditions. The three different injection rates
are studied for each gaseous and foam injection. The displacement patterns images are captured
by a high-resolution camera with an achromatic 60MP sensor, and displacement performances are
analyzed. CO> foam injection appears to significantly increase CO- storage in the microfluidic
device (20%-40% higher compared to gas injection). Thus, CO; foam injection is a promising
approach to reduce CO> mobility and enhance storage capacity in the target formation.
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Introduction

There is an overwhelming consensus amongst climatology scientists that global climate change is
having significant and observable effects on the environment and is contributing to a number of
catastrophic events such as rising surface temperature, rising sea level, and ocean acidification
(NASA, 2018). The compounding effects of these problems poses significant risks to human life
by affecting infrastructure and interconnected economic sectors, as reported by the Fourth National
Climate Assessment (USGCRP, 2018). Anthropogenic CO> emissions make up approximately 80%
of the total U.S. greenhouse gas emission and is the most significant greenhouse gas in terms of
overall contribution to climate change.(IPCC, 2015) One promising approach to mitigate global
climate change is long-term storage of anthropogenic CO; from point sources such as coal-fired
power plants, cement plants, iron and steel plants (Leung et al., 2014). Geological CO:
sequestration in saline aquifers, depleted oil and gas reservoirs, and coalbeds, is a potentially
effective and practical approach to store CO, (Rahman, 2018; Yang et al., 2017). Deep saline
aquifers constitute an attractive subset of subsurface targets for CO: storage due to their relatively
large storage capacity and their relatively low probability of leakage of the stored CO.. For
example, the aquifer in the Statoil’s Sleipner field provides approximately 1 million tons (Mt) of
CO; storage per year and the site has not experienced any leakage since 1996 (Michael et al., 2010).

In such a geological CO; sequestration process, CO: is injected into the saline aquifer to displace
the in-situ wetting phase brine. The injected COz is stored in the aquifer through various trapping
mechanisms, namely structural trapping, residue trapping, solubility trapping and mineral
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trapping. These mechanisms operate at different time-scales and contribute to the long-term
stability of the storage process (Gershenzon et al., 2017; Rathnaweera et al., 2015; Zhao et al.,
2014). Structural and residual trapping are considered as the most immediate and significant mode
of trapping, and account for up to 95% of the storage resource (Al-Menhali and Krevor, 2016;
Bachu, 2015; Dejam and Hassanzadeh, 2018; Krevor et al., 2015). During the displacement
process, some of the resident brine, often referred to as residual brine, does not mobilize and
remains in place. This phenomenon occurs during the drainage process and is mainly due to the
relatively large contrasts of density and viscosity between CO» and the resident brine (Aryana and
Kovscek, 2012; Pini and Krevor, 2019). These effects are magnified in megaporous reservoirs and
dominate flow behaviour; hence, they hinder the CO, trapping process and may limit CO> flow
through the aquifer’s pore spaces (Li et al., 2017). Accordingly, reducing the mobility of CO; is
an important challenge, which would mitigate the aforementioned viscosity and density contrasts
and would ultimately enhance storage capacity by reducing the residual brine (Adebayo et al.,
2017; Amirian et al., 2018). Gas-mobility control methods such as CO, foam injection, water-
alternating-gas (WAGQG) injection and surfactant-alternating-gas (SAG) injection are possible
approaches to control the mobility of CO» (Cui and Bourrel, 2018; Kamal et al., 2018; Siddiqui
and Gajbhiye, 2017) Vitoonkijvanich et al. (Vitoonkijvanich et al., 2015) investigated the effects
of CO2 foam on the efficiency of CO; sequestration in a North Sea aquifer by co-injecting CO> and
surfactants. Their results suggest that foam-assisted sequestration may significantly improve the
storage efficiency at the cost of a marginal increase in water consumption compared with SAG.
Siddiqui et al.(Siddiqui and Gajbhiye, 2017) improved storage efficiency of CO> in a sandstone
core by foam flooding using co-injection with fluorosurfactant FS-51 and alpha-olefin-sulfonate
(AOS) surfactants. Thus, CO; foam injection may be a promising solution to improve displacement
efficiency and enhance CO; storage capacity in geologic formations.

Leakage of CO; and foaming additives to the surface or water-bearing formations is a substantial
risk associated with CO> foam storage in saline aquifers (Barnes et al., 2016; Singh and Islam,
2018). Nanoparticle (NP)-assisted CO, foams are introduced to improve long-term CO>
sequestration efficiency in aquifers, as well as, to prevent leakage of CO> and additives. NP-
assisted CO, foam in EOR seems effective in improving sweep efficiency and oil recovery
(Ehtesabi et al., 2014; Hendraningrat and Torseter, 2015a; Hendraningrat and Torsater, 2015b;
Xu et al., 2015). Experimental studies suggest that compared to its individual constituents, namely
CO; and water, foam improves oil recovery due to its significantly higher apparent viscosity and
reduced mobility in both homogeneous and heterogeneous porous media (Guo and Aryana, 2016;
Guo and Aryana, 2018; Guo et al., 2017). Potential storage gains, due to the use of NPs in CO»
sequestration, are thus far only investigated in a handful of studies (Aminzadeh et al., 2013; Clark
and Santiso, 2018; Yang et al., 2014). Moreover, most of the previous work is concerned with the
use of core-flooding systems as a platform to investigate CO> sequestration efficiency and long-
term CO> storage in saline aquifers (Hosseini et al., 2018; Rognmo et al., 2017).

On the other hand, a microfluidic platform coupled with high-resolution imaging offers important
advantages in real-time and direct visualization and quantification of fluid interactions in porous
media and the underlying trapping mechanisms relevant to CO; storage, and in the absence of
complicating interactions such as geochemistry (Fu, 2016; Zheng et al., 2017). This work explores
the efficacy of NP-stabilized CO> foam in improving displacement efficiency and storage capacity



of a porous medium using a glass microfluidic device in which the pore network is a representation
of the Washita-Fredericksburg formation in east-central Mississippi.

1.1. Legislative Issues

Carbon capture storage (CCS) technology — including utilization of CO» for enhanced oil recovery
and storage in deep saline and related geologic structures — is widely recognized as necessary for
major fossil fuel facilities, including both coal and natural gas, to comply with current and future
international, national and state-law climate requirements (IPCC, 2018). Internationally, both the
current Kyoto Protocol and Paris Agreement, which will replace it in 2020, are anticipated to make
use of CCS. Under the Kyoto Protocol, for example, the Clean Development Mechanism
specifically envisioned the use of the technology. Its status under the Paris Agreement remains
somewhat uncertain, and will not likely be resolved until late 2019 at the COP25 meetings (Dixon
et al.,, 2013). Major international organizations such as the International Energy Agency and
Intergovernmental Panel on Climate Change have issued favorable reports about the technology
and the need for it (IEA, 2019).

Domestically in the United States at the federal level, the U.S. Environmental Protection similarly
has built CCS technology into a variety of Clean Air Act regulatory programs (EPA, 2011). As of
early 2019, several of these programs were in the midst of revision by the current U.S. policy (EPA,
2018b). The federal government’s favorable view of the technology is unlikely to change. The U.S.
Congress, for example, continues to appropriate monies to the U.S. Department of Energy to
advance the technology (Office of Fossil Energy, 2019). And early in 2018, Congress based
amendments to the section 45Q CCS tax credit to greatly expand it (45Q, 2018). Later in 2019, the
Internal Revenue Service is expected to issue guidance under the credit.

States like California, for example, have also endorsed CCS. In early 2019, the California Air
Resources Board finalized a CCS methodology that will allow the use of the technology under that
State’s Low Carbon Fuel Standard (California Air Resources Board, 2018).

1.2. Geological Context

The largest distribution of point-sources of anthropogenic CO; are located within the southeastern
United States (EPA, 2018a). This has prompted support for regional geologic carbon storage
research. Project ECO2S, funded by the US Department of Energy (FE-0029465) under its
CarbonSAFE initiative, is one of the largest regional southeastern US carbon storage projects. It
was established to determine the feasibility of developing a regional, commercial-scale CO:
storage hub to investigate storage feasibility at the Project ECO2S study site in east-central
Mississippi. Three stratigraphic test wells were drilled through three potential saline storage
reservoirs; the Upper Cretaceous Tuscaloosa Group, the Lower Cretaceous Washita-
Fredericksburg and the Paluxy formations (D. Riestenberg, 2018). These formations are located
between depths of 1,110 to 1,750 m below the surface, which are suitable depths for supercritical
CO: injection. All three formations are characterized by interbedded sandstone and mudstone.
Petrophysical analysis from the three wells indicate targeted reservoir intervals are extremely
porous given their age and depths (geometric mean of reservoir intervals averages between 26-
29%) (D. Riestenberg, 2018). For this study, a reservoir interval was sampled from the Washita-
Fredericksburg formation from well MPC 34-1. The sampled reservoir interval is ~3.5 m thick and
consists of clean, cross-bedded sandstone (Fig.1).
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Fig. 1. Petrophysical log data from a Schlumberger Sonic Scanner log over the sampled reservoir interval (1619.1 to
1625.4 m, well MPC 34-1). Porosity estimates from the sonic log approaches 30% within the 3.7 m sand interval
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2. Method and material

This part describes the fluids, microfluidic device and experimental procedures used in this work.
2.1. Fluids

The amorphous fumed silica T30 (unmodified, 100% SiOH coverage) was received in powder
form and were gifts from Wacker-Chemie. NP dispersions were diluted to desired concentrations
with deionized (DI) water (Nanopure II, Barnstead, Dubuque) and mixed with surfactant mixture
alpha-Olefin Sulfonate (AOS) + Lauramidopropyl Betaine (LAPB) (Table 1). The brine solution
is prepared by dissolving, in DI water, sodium chloride (Sigma Aldrich) and calcium chloride
(Sigma Aldrich) with a wt% ratio of 4.4/1 and a total concentration of 85271 ppm, based on the
salinity data from the Washita-Fredericksburg formation sampled via well MPC 34-1. The
viscosity of brine was measured at 2.12cP using a spindle viscometer (DV2T, Brookfield) at a
shear rate of 195.7 s! and a temperature of 20 °C. CO> (research grade, United States Welding,
USA) and the surfactants were used as received without further treatment. Solution mixtures
including isopropanol/ethanol/water (1:1:1), 2 M HCI solution, a base solution (DI
water/NH4OH/H>O> at 5:1:1) and DI water were used to clean organic residue in the porous
medium and syringe. Each fluid was degassed (Ultrasonic bath, Fisher Scientific) for 10 mins and
filtered by a syringe filter (0.2 um, Sterlitech) prior to injection in microfluidic device.

Table 1. Surfactants used to generate CO2 foam with NPs

Type Family Name Source
Anionic Alpha-Olefin Sulfonate AOS 14-18 (AOS) 39% Stepan Co
Surfactant active

Zwitterionic Surfactants Betaine LAPB 35% active Rhodia Co

2.2. Microfluidic device

The mask of the porous medium used in fabrication of the microfluidic device was developed
based on a mosaic of Scanning Electron Microscopy (SEM) images of a thin section of the
Washita-Fredericksburg formation. Pore spaces were connected based throat size distribution data
obtained from a mercury intrusion experiment. The resulting complex network of channels was
representative of the geometries and connections of the three-dimensional sample of the formation.



Pore spaces in actual rock samples are connected in the three-dimensional space. These
connections were reflected in the resulting two-dimensional map, and as such, the overall porosity
of the map exceeded log estimates of porosity shown in Fig. 1. The map of the medium was then
etched onto a borosilicate substrate using a photo lithography technique (Stjernstrém and Roeraade,
1998). The etched substrate was thermally bonded to a blank wafer to create the microfluidic
device (Fig. 2). The total chip dimension was 2 inches x 2 inches with a pore network region of
36.39 mm x 26.39 mm and a porosity of approximately 45%. The average depth of the etched pore
network was measured at approximately 10 um, and the permeability of the microfluidic device
was measured at approximately 15 mD.

The glass microfluidic device enabled visual observation of fluid flow under high-pressure
condition without using a pressure cell. Unlike PDMS microfluidic devices the pore structure of
the glass chip does not change during fluid flow under a pressure and parameters such as flow rate,
fluid properties, and contact angle may be investigated reliably.
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Fig. 2. SEM images of the thin-section (a) and the microfluidic device (b). Trapping is further challenged in
megaporous reservoirs where buoyancy and structural trapping may dominate.

2.3. Injection Experiments

All displacement experiments were performed in the same microfluidic device. The microfluidic
device was saturated with brine solution by injecting 40 pore-volumes (PV) of dyed brine (black)
using a syringe pump (PHD Ultra, Harvard Apparatus). The outlet of microfluidic device was
connected to a Parr vessel, which collected the brine drained from the microfluidic device. An
ISCO pump (500D, Teledyne ISCO) was connected to the Parr vessel to maintain a constant
backpressure of 300 psi. Even though our injection experiments were not conducted using
pressures encountered in deep saline aquifers, the displacement of brine by gaseous CO; behaves
in a highly unstable manner similar to that of supercritical CO; and may be considered as a
reasonable proxy for the supercritical case.(Zheng et al., 2017) After each experiment, the
microfluidic device was thoroughly cleaned using a cleaning protocol in the following order: DI
water, isopropanol/ethanol/water (1:1:1), 2 M HCI solution, DI water, a basic solution (DI
water/NH4OH/H20: at 5:1:1) and DI water.

2.3.1. Gas injection

CO; was injected through one side of microfluidic device using an ISCO pump (100D, Teledyne
ISCO) at a various volumetric flowrate (q). Three injection rates were used 0.1 pL/min, 1 pL/min
and 10 uL/min which correspond Darcy velocities, 0.88 m/day, 8.8 and 88 m/day. Prior to the
injection, the entire experimental system was purged with COx to remove all air from the system.



At each flowrate, CO; was injected to displace dyed brine until CO; saturation appeared to have
reached its ultimate value.

2.3.2. Foam injection

Foam was generated by injecting the NP-surfactant solution and gaseous CO; at P = 300 psi
simultaneously into a stainless-steel tube filled with glass beads using two ISCO (pumps A and B
shown in Fig. 2). The glass beads ranged in diameter from 105 pm to 210 um. Glass beads were
washed with H>SO4/H20z (4:1) and NHsOH/H202/H>O (1:1:5) mixtures at their boiling points.
The inner diameter of the stainless-steel tube is 15 mm, and the length is 50 mm. Glass fibers were
used at both ends of the steel tube to hold the glass beads in place, and the outlet of the steel tube
was connected to an inline filter (7um, Swagelok).
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Fig. 3. Injection experiment set-up.

2.4. Data capture and processing

High-resolution images of the porous medium were captured during flow experiments using a
monochromatic 60 MP sensor. Pixel intensities were used to analyze flow behavior and recovery
rates, in other words the storage rate, in the porous medium. Recovery rates were calculated using
captured images via three main steps (Wang and Aryana, 2019): i) perspective transformation
(Szeliski, 2010); i1) exclusion of the grains, and iii) local thresholding. Perspective transformation
was performed on each image to extract the portion that corresponded to the porous medium, and
to correct minor misalignments. The transformation matrix was determined using coordinates of
four points on both the original images and their corresponding target positions. Inspection of
images revealed a slight non-uniformity in illumination across the porous medium. Therefore,
instead of a global threshold value, a local thresholding strategy was used across the medium to
delineate the two phases (Pal and Pal, 1993). Each image was partitioned into a set of sub-regions
over which illumination was relatively uniform. The kernel density estimation method (L&uter,
1988), was used to build the histogram for each sub-region, and the corresponding threshold was
determined based on Otsu’s method (Otsu, 1979).

3. Results and discussion
Dimensionless capillary numbers (Ca) and viscosity ratios (M) are calculated for the injection

experiments. Flow dynamics are determined by the interplay between capillary and viscous forces,
whose relative magnitudes are quantified via these dimensionless numbers (Lenormand et al.,



1983). The capillary number is defined as Ca = vu, /y, where v is Darcy velocity of invading
fluids, p41s its viscosity and y is the interfacial tension. M is defined as the ratio of the invading
fluid viscosity, p;, to that of the displaced fluid, u,; M = p,/u,. Depending on these two
parameters, either capillary or viscous forces dominate, leading to three basic displacement
regimes: (1) viscous fingering, (2) capillary fingering or (3) stable displacement (Lenormand and
Touboul, 1988). Based on their Ca and M numbers, the experiments are plotted on a logCa-logM
diagram, where boundaries for the three displacement regimes are shown are reported in literature
(Fig. 4). The three gas injection experiments, shown in black circles, are either in the capillary
fingering regime or in the transition regime between viscous and capillary fingering. Foam
injection experiments, shown in blue diamonds, are in the transition zone between capillary
fingering and stable displacement. The viscosity of pure CO; gas is significantly lower than the
viscosity of brine; this unfavorable viscosity contrast promotes the unstable flow patterns seen in
displacement experiments. NP-stabilized CO; foams mitigate the viscosity contrast between
invading fluids (foam) and residence fluids (brine), and thereby, reduce viscous fingering effects
and improve CO; storage capacity in saline aquifers. Thus, the study of simultaneous flow of
multiple phases in a porous medium provides valuable insights into geological carbon
sequestration in saline aquifers (Carroll et al., 2015; Zhang et al., 2011). Moreover, interactions
between the mineral surfaces, fluids, and CO: (interfacial tension and wettability) also have a
significant impact on CO2 sequestration and storage in deep saline aquifers (Kaveh et al., 2011).

3.1. Interfacial tension (IFT) and Contact angle

A high pressure and high temperature pendent drop interfacial tension cell (FDS CORP.) was used
for the measurement of contact angle and IFT. In this study, every experiment was repeated at least
3 times. The IFT and contact angles were measured at the same pressure and temperature
conditions as the flow experiments, i.e., 300 psi and 20 °C. Fig. 5 shows CO; droplets (black) on
a Borofloat glass substrate at 300 psi and at atmospheric pressure. The average contact angle of
COz in the brine solution was measured at 67.8° and 64.5°, at 300 psi and at atmospheric pressure,
respectively. Similarly, the average contact angle of CO» in the Si-LAPB+AOS solution was
measured at 28.5° and 21.7°, at 300 psi and at atmospheric pressure, respectively. Dependence of
contact angles on droplet generation and pressure may lead to a wettability change in aquifers
during CO> sequestration. This effect may influence CO; storage capacity significantly (Al-
Khdheeawi et al., 2017). The average measured IFT values between CO»-brine solution, and CO»-
Si-LAPB+AOS solution pairs under 300 psi were measured at 32.28 mN/m and 11.26 mN/m,
respectively. Values of IFT and contact angles affect capillary forces directly, which dominate two
primary trapping mechanisms for CO; storage, namely structural trapping and residual trapping
(Iglauer, 2017). This interaction is evident in the observed impact of pressure-dependent IFT and
contact angles on fluid distribution and displacement behavior in porous media (Chalbaud et al.,
2010). They strongly influence CO: injectivity, storage capacity and security (Espinoza and
Santamarina, 2010). Microfluidic displacement experiments in porous media show a notable
increase in CO; injectivity and a significant reduction in CO, mobility due to a lowered IFT
resulting from the use of Si-LAPB+AOS mixtures (Guo and Aryana, 2016), which will, in turn,
contribute to potentially significant increases in CO; storage capacity in subsurface settings.
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Fig. 4. Drainage flow regime diagram. Black dots represent experiments where COz is used as the injectant; the blue
dots represent experiments where COz foam is used as the injectant. The shaded areas are based on work by Zhang
et al. (Zhang et al., 2011) and the regimes delineated with dashed lines are based on work by Lenormand et al.
(Lenormand et al., 1988)
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Fig. 5. Image of COzdroplets in MPC brine ((a), (b)) and in LAPB+AOS surfactant ((c), (d)) before ((a), (c)) and
after pressurization ((b), (d)) under temperature conditions (20 °C).

3.2. Viscosity Measurement

The generated foam was injected into a capillary tube (L=0.83 m; D=0.000025 m) for viscosity
measurements, and the pressure drop across the tube was recorded using pressure transducers.
Foam apparent viscosity describes gas mobility reduction during foam flow, and depends strongly
on the gas fraction f; (foam quality, equation (1)) and foam texture in porous media (Rognmo et
al., 2017). Foam apparent viscosity at f is calculated using equation (2) (Eftekhari and Farajzadeh,
2017). The foam quality, f;, at which the maximum foam apparent viscosity occurs varies with
NP and surfactant concentration (Eftekhari and Farajzadeh, 2017; Rognmo et al., 2017).

fo =% (1

CIg'HIs’
(2)

KAAP
(Qg‘HIs)L’
where A is the cross-sectional area of the tube, g, and q; are injection rates of gas and liquid, k is
the absolute permeability, AP is the pressure drop across the tube with length L. The apparent foam
viscosity at a gas fraction of f;=0.70 was calculated to be piryq,, =11.44 cP.

ﬂfoam =

3.3. Gas and foam injection



The images of the displacement experiments provide an effective method to track CO> plume and
foam movement over time and to qualitatively detect distinctive displacement patterns (Fig. 6 and
Fig. 8).

3.3.1. Gas injection

Fig. 6 shows images of gas displacement in the microfluidic device where brine is displaced by
gas from left side to right side of the device. Under the injection rate of 0.1 pL/min, viscous fingers
formed and significant amounts of brine were bypassed as a result. Higher injection rates (1 pL/min
and 10 pL/min) appeared to lessen the viscous fingering effects. CO; saturation in the medium
was quantified by analyzing pixel intensities in displacement images. CO; saturation as a function
of injection time is shown in Fig. 7. Ultimate CO- saturation values of approximately 54%, 61%,
64 % were reached at volumetric injection rates of 0.1 pL/min, 1 pL/min and 10 pL/min,
respectively. Gas fingers appeared along the displacement front in the medium due to
hydrodynamic instability and unfavorable viscosity contrasts. This interfacial instability is
undesirable in geological CO; sequestration processes (Rabbani et al., 2018).
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Fig. 6. The images of displacement fronts of gas injection at: (a) 0.1 pL/min, (b) 1 pL/min and (c) 10 uL/min (black
areas are continuous foam phase).
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Fig. 7. The percentage of brine recovery from gas injection at: (a) 0.1 uL/min, (b) 1 pL/min and (c) 10 pL/min

3.3.2. Foam injection

Foam with a quality of f;,=0.70 was injected at three injection rates of 0.1 uL/min, 1 uL./min and
10 pL/min. High-resolution images were taken and analyzed to observe foam flow behavior and
CO; saturation in the microfluidic device, shown in Fig. 8. The displacement interfaces between
foam and brine appeared uniform and stable (no viscous fingering was observed). NP-stabilized



foams were highly stable and their relatively high apparent viscosity and lower mobility led to a
higher ultimate CO- saturation in the medium compared to the case of gas injection (Guo and
Aryana, 2016; Guo and Aryana, 2018; Guo et al., 2017). During the injection experiments, a
continuous foam phase was observed invading the porous medium. The response due to the use of
foam is dependent on the gas fraction (gas volume over the total volume of the foam) (Rognmo et
al., 2017), making the generation of stable foams with high gas fractions critically important to
storage process. CO» saturation values during foam injection experiments are shown in Fig. 9.
Using an injection rate of 0.1 pL/min, the ultimate CO; saturation reached approximately 87%.
Compared to gas injection, significant increases in the ultimate CO» saturation were observed in
foam injection experiments; ultimate CO; saturation values increased by 33%, 34% and 35% at
injection rates of 0.1 pL/min, 1 pL/min, and 10 pL/min, respectively. Therefore, nanoparticle-
stabilized CO»-water foam with high foam quality has the potential to increase CO: storage
capacity compared to gaseous CO; injection (Afzali et al., 2018; Harper, 2012).

Introducing NP-stabilized CO> foam into an aquifer may also mitigate the risk of leakage of the
stored CO» (Pizzocolo et al., 2017). A rapid pressure release from the outlet was conducted after
five days of foam injection and CO; foam was regenerated when CO; and the NP-surfactant fluids
flowed through the microfluidic device. To conclude, there are several potential advantages in
injecting NP-stabilized CO> foam. The surfactant solution in the foam may mix with the resident
brine (Worthen et al., 2014). After CO. foam is destabilized, the NP-surfactant solution would
remain in the pore space, and if there is sudden fracture formation in the sealing layer above, CO:
foam may be regenerated due to the resulting mixing of CO2 and NP mixtures as they flow through
the medium, which may help reduce the risk of CO, leakage (Irfan et al., 2018; Zheng et al., 2017).
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Fig. 8. The images of dlsplacement fronts of foam 1n_]ect10n at: (a) 0.1 uL/mln (b) 1 pL/mln and (c) 10 pL/min
(black areas are continuous foam phase).
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Fig. 9. The percentage of brine recovery from foam injection at: (a) 0.1 uL/min, (b) 1 uL/min and (c) 10 pL/min.
4. Conclusions

A series of injection experiments were conducted to study geological CO2 sequestration in
a saline aquifer by injecting gaseous, and NP-LAPB+AOS stabilized CO; foam into a
microfluidic device. The contact angle and interfacial tension of CO> on Borofloat glass
surrounded by brine and NP-LAPB+AOS solution were measured at the temperature and
pressure conditions used in flow experiments. Flow experiment using a microfluidic device
provided real-time visualization of CO: flow behaviour in a porous medium in the presence
of brine. The observed flow regimes of the injected CO> and CO; foam were investigated
using the corresponding capillary number and viscosity ratio values. The ultimate saturation
of COg, i.e., CO; storage capacity, exhibits significant improvements in foam injection
experiments compared to CO: injection experiments. In all foam flow experiments, the
ultimate CO; saturation values increased by over 30% compared to the CO> injection cases.
Results suggest that injection of a high-quality (f4=0.70 in this case) CO; foam has the
potential to significantly improve CO: storage capacity in an aquifer. The high foam
stability resulting from the use of NPs as a stabilizer is critical to maintaining a high foam
quality, prohibiting leakage and providing a safe geological CO> storage.
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