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DISCLAIMER

This report was prepared as an account of work sponsored by an agency of the
United States Government. Neither the United States Government nor any agency thereof,
nor any of their employees, makes any warranty, express or implied, or assumes any legal
liability or responsibility for the accuracy, completeness, or usefulness of any information,
apparatus, product, or process disclosed, or represents that its use would not infringe
privately owned rights. Reference herein to any specific commercial product, process, or
service by trade name, trademark, manufacturer, or otherwise does not necessarily
constitute or imply its endorsement, recommendation, or favoring by the United States
Government or any agency thereof. The views and opinions of authors expressed herein do
not necessarily state or reflect those of the United States Government or any agency
thereof.

INTRODUCTION

This multi-disciplinary project evaluated seal lithologies for the safety and security
of long-term geosequestration of CO,. We used integrated studies to provide qualitative
risk for potential seal failure; we integrated data sets from outcrop, core, geochemical
analysis, rock failure properties from mechanical testing, geophysical wireline log analysis,
and geomechanical modeling to understand the effects of lithologic heterogeneity and
changing mechanical properties have on the mechanical properties of the seal.

The objectives of this study were to characterize cap rock seals using natural field
analogs, available drillhole logging data and whole-rock core, geochemical and isotopic
analyses. Rock deformation experiments were carried out on collected samples to develop
better models of risk estimation for potential cap rock seal failure. We also sampled
variably faulted and fractured cap rocks to examine the impacts of mineralization and/or
alteration on the mechanical properties. We compared CO; reacted systems to non-CO;
reacted seal rock types to determine response of each to increased pore fluid pressures and
potential for the creation of unintentional hydrofractures at depth.

MAJOR RESULTS

We examined the potential impact on CO; transport of zones of deformation bands
in reservoir rock that transition to opening-mode fractures within overlying caprocks. We
performed sedimentological and petrophysical measurements were collected along an
approximately 5 m x 5 m outcrop of the Slick Rock and Earthy Members of the Entrada
Sandstone on the eastern flank of the San Rafael Swell, Utah, USA. Measured deformation
band permeability (2 mD) within the reservoir facies is about three orders of magnitude
lower than the host sandstone. Average permeability of the caprock facies (0.0005 mD) is
about seven orders of magnitude lower than the host sandstone. Aperture-based
permeability estimates of the opening-mode caprock fractures are high (3.3 9 107 mD).
High-resolution CO,—H,O transport models incorporate these permeability data at the
millimeter scale. We varied fault properties at the reservoir/caprock interface between open
fractures and deformation bands as part of a sensitivity study. Numerical modeling results
suggest that zones of deformation bands within the reservoir strongly compartmentalize



reservoir pressures largely blocking lateral, cross-fault flow of supercritical COs,.
Significant vertical CO, transport into the caprock occurred in some scenarios along
opening-mode fractures. The magnitude of this vertical CO, transport depends on the
small-scale geometry of the contact between the opening mode fracture and the zone of
deformation bands, as well as the degree to which fractures penetrate caprock. The
presence of relatively permeable units within the caprock allows storage of significant
volumes of CO,, particularly when the fracture network does not extend all the way
through the caprock.

(Petrie et al. 2014) use laboratory determined tensile and compressive rock strength
data from analog clastic rocks to determine their modified Coulomb-Griffith failure
envelopes. We examine and model the effect changes in mechanical rock properties have
on fracture gradients and the potential for failure at depth under conditions of increased
pore pressure. We combine these mechanical properties with fracture gradient analysis for
two injection scenarios using injection depth and maximum injection pressures from UIC
wells in Ohio and Oklahoma.

Material properties for each rock type results in a different failure envelope shape.
These failure envelopes can be used to predict/understand the type of mechanical failure
and the conditions under which failure will occur because of increased pore fluid pressure.
Incorporating tensile strength into fracture gradient prediction changes the slope of the
fracture gradient. Modified Mohr-Coulomb-Griffith modeling, using rock
properties derived from geomechanical testing at depths associated with UIC wells, shows
that the max injection pressures can exceed effective stress necessary to induce failure.

1) Cohesionless materials fail very near hydrostatic pressures

2) Cohesionless materials fail in shear

3) A combination of low differential stress and high “relative” tensile strength

results is tensile failure

4) Differential stress and rock properties (failure envelope shape) play a role in

development of shear, hybrid, or tensile failure.

5) Predictions presented here are made at the borehole —pressure changes some

distance away from the site of injection may also result in mechanical rock failure

especially if encountering a cohesionless pre-existing fracture or critically stressed
fault.

Maximum injection pressure data and depth of injection are based on publicly
available databases of UIC Class II wells. The calculations for various fracture gradients
account for the existing pore fluid pressure in the zone of interest, we have assumed this to
be hydrostatic pressure. Future work will focus on the incorporation of existing/current
pressure gradients to better quantify Prmax and evaluate rock failure at depth.

(Petrie and Evans, in press) characterize the variability in rock strength and the
associated changes in subsurface strain distribution that is especially important for
modeling the response of low-permeability rocks to changes in effective stress. This paper
documents the effect variations in elastic mechanical properties have on the nature and
distribution of fractures in the subsurface. Outcrop and geophysical wireline log evaluation



of the Jurassic Carmel Formation and Navajo Sandstone was used to identify mechano-
stratigraphic units and model subsurface strain distribution within sedimentary successions
and across sedimentary interfaces.

Two finite element models were constructed and populated with elastic moduli
derived from geophysical wireline data in order to understand where natural fractures form
in rocks with varying layer thickness and elastic properties. Strain distribution results
from a 3 layer and a 5-layer model are compared to the natural deformation response
visible in outcrop. We show that more fractures are expected in high strain regions and
fewer fractures in low strain regions. Strain variations are observed in both model
scenarios and occur at material interface. The simple 3-layer model results in a smoothing
of strain variations, while the 5-layer model captures strain variations that more closely
match the fracture density observed in outcrop. Results from the 5-layer model suggests
an interplay between Young’s modulus and Poisson’s ratio and that high strain regions
form in thin (1-m thick) layers with moderate Young modulus (17.2 GPa) and Poisson ratio
(0.26) values.

Outcrop observations and modeling results indicate that the potential for subsurface
failure and fluid flow would not be restricted to the low fracture strength units but can cut
vertically across interfaces of varying mechanical strength. Results from this work
indicates that these types of models can be used to identify stratigraphic layers that are
more prone to mechanical failure or identify layers that have more natural fractures or are
more likely to form induced fractures.

(Kampman et al. 2014) present the initial results of a scientific drilling project to
recover core and pressurized fluid samples from a natural CO; reservoir, near the town of
Green River, Utah. The drilling targeted a stacked sequence of CO,-charged Jurassic
sandstone reservoirs and caprocks, situated adjacent to a CO, degassing normal fault. This
site has actively leaked CO; from deep supercritical CO; reservoirs at depth ~2 km within
the basin for over 400,000 years. The project objectives were to gather samples to examine
reactive fluid flow in the reservoirs, caprocks and faults, during migration of CO, through
the geological overburden from the deep supercritical CO, reservoirs. Downhole fluid
sampling and fluid element and isotope geochemistry show that the shallow reservoirs are
being actively fed by inflow of CO,-saturated brines through the faults. Comparisons of
shallow and deep fluid geochemistry suggest that: (i) CO, and CO,-charged brines co-
migrated from the deep reservoirs, (ii) the CO, saturated brines migrating from depth
interact with significant volumes of meteoric groundwater in aquifers in the shallower
Permian and Jurassic sandstones, diluting the brine composition, and (iii) that a significant
fraction of the CO, migrating from depth is dissolved in these brine—meteoric water
mixtures, with 99% of the CO; in fluids sampled from the shallow reservoirs being derived
during fluid migration, after the fluids left their source reservoir. The *'Sr/*°Sr ratio of the
brine flowing through the faults is significantly elevated due to the addition of Sr from
silicate mineral dissolution during fluid migration. The association of bleached sandstones
in the core with CO,-rich fluids supports interpretations from elsewhere that CO,-charged
brines with CH4 or H,S reductants can dissolve hematite present within the sediment.
Analysis of fluid geochemistry and sandstone petrology suggests that the CO,-rich fluids



dissolve carbonate, hematite and gypsum in the reservoirs, as they flow away from the
faults.

Element and isotope geochemistry of fluid samples from the drillhole and Crystal
Geyser constrain mixing models which show that, within the Navajo Sandstone, the
reservoir fluids are undergoing complex mixing of: (i) CO;-saturated brine inflowing from
the fault, (i1)) CO,-undersaturated meteoric groundwater flowing through the reservoir and
(ii1) reacted CO;-charged brines flow through fracture zones in the overlying Carmel
Formation caprock, into the formations above. Such multi-scale mixing processes may
significantly improve the efficiency with which groundwaters dissolve the migrating CO,.

(Kampman et al. 2016) examined mineral reaction fronts in a CO, reservoir-
caprock system exposed to CO, over a timescale comparable with that needed for
geological carbon storage. The propagation of the reaction front is retarded by redox-
sensitive mineral dissolution reactions and carbonate precipitation, which reduces its
penetration into the caprock to 7 cm in 10° years. This distance is an order-of-magnitude
smaller than previous predictions. The results attest to the significance of transport-limited
reactions to the long-term integrity of sealing behaviour in caprocks exposed to CO,.
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Abstract

We used hydrologic models to explore the potential linkages between oil-field brine
reinjection and increases in earthquake frequency (up to My 3.26) in southeastern New
Mexico and to assess different injection management scenarios aimed at reducing the
risk of triggered seismicity. Our analysis focuses on saline water re-injection into the
basal Ellenburger Group beneath the Dagger Draw Qil field, Permian Basin. Increased
seismic frequency (>My 2) began in 2001, five years after peak injection, at an average
depth of 11 km within the basement 15 km to the west of the reinjection wells. We
considered several scenarios including assigning an effective or bulk permeability value
to the crystalline basement, including a conductive fault zone surrounded by tighter
crystalline basement rocks, and allowing permeability to decay with depth. We initially
adopted a 7 m (0.07 MPa) head increase as the threshold for triggered seismicity. Only
two scenarios produced excess heads of 7m five years after peak injection. In the first, a
hydraulic diffusivity of 0.1 m* s was assigned to the crystalline basement. In the
second, a hydraulic diffusivity of 0.3 m* s was assigned to a conductive fault zone. If
we had considered a wider range of threshold excess heads to be between 1-60m, then
the range of acceptable hydraulic diffusivities would have increased (between 0.1-0.01
m”s™ and 1-0.1 m® s for the bulk and fault zone scenarios, respectively). A
permeability-depth decay model would have also satisfied the 5-year time lag criterion.
We also tested several injection management scenarios including redistributing
injection volumes between various wells and lowering the total volume of injected



fluids. Scenarios that reduced computed excess heads by over 50% within the crystalline
basement resulted from reducing the total volume of reinjected fluids by a factor of 2 or
more.



Introduction
Zhang et al. (2013) proposed that injection of oil field brines into basal sedimentary rock

reservoirs represents a key geologic factor related to triggered seismicity within the
underlying crystalline basement. Fluid injection into a permeable, horizontally extensive
reservoir allows for the rapid radial propagation of elevated fluid pressures outward
from injection wells. In the absence of a basal confining unit, basal reservoir injection
maximizes the amount of crystalline basement surface area exposed to elevated fluid
pressures. If elevated fluid pressures within a basal reservoir encounter a relatively high
permeability fault (e.g. 10™** m?) or if the bulk permeability of the crystalline basement is
moderately high (10™ to 10** m?), then fluid pressures can propagate downward over a
period of a few years and laterally away from the injection site. If elevated fluid
pressures come into contact with a critically stressed fault, only a small pressure
increase is needed to trigger seismicity (Barton et al., 1995; Townend and Zoback,

2000).

Large, damaging, triggered earthquakes typically occur at depths of 4-6 km within the
crystalline basement and up to 10-15 km away from the injection site (e.g. Keranen et
al., 2013, 2014; Walsh and Zoback, 2015). The association between basal reservoir
injection and induced seismicity within the underlying crystalline basement has been
documented at a number of sites in Oklahoma and Arkansas (Table 1; Fig. 1; Keranen et
al. 2013, 2014; Horton, 2012). There are also a number of instances of induced
seismicity where injection occurred directly into the crystalline basement, such as in

Ohio and Colorado (Fig. 1; Table 1, Hsieh and Bredehoeft, 1981; Kim, 2012).



Prior studies have reported a wide range of fluid pressure increases thought to be
associated with triggered seismicity (Table 1). Hsieh and Bredehoeft (1981) found that
the pressure threshold associated with triggered seismicity at the Rocky Mountain
Arsenal near Denver was 320 m (3.2 MPa) at an average depth of about 5 km within the
crystalline basement. Kerenan et al. (2014) concluded that a pore pressure increase of
0.07MPa was consistent with triggered seismicity in Oklahoma. Ge et al. (2009)
estimated that filling of the Zipingpu dam with 200 m head of water (2 MPa) resulted in
a relatively small head change of 2.5 to 5 m (0.025 — 0.05 MPa) at depths of 10-20 km
below the land surface near the Wenchuan earthquake foci. Saar and Manga (2003)
concluded that even smaller head changes (about 1 m or 0.01 MPa) were required to
explain hydraulically induce earthquake swarms 4.5 km below Mt. Hood. Although oil-
field operators are required to report injection pressures at the wellhead, this doesn’t
provide much insight into pore pressures deep within the crystalline basement where
earthquakes occur. Most of the studies described above have had to rely on
mathematical modeling to infer critical pressure conditions within the crystalline
basement associated with induced seismicity due to the dearth of available pore

pressure data.

Crystalline basement rock permeability can be inferred using variety of methods,
including hydraulic tests from deep boreholes (Brace, 1984; Stober and Butcher, 2007,

Fig. 2), fracture aperture measurements on outcrops (Snow, 1968; Caine and Tomusiak,



2003; Klimczak et al. 2010), and temperature anomalies associated with regional
groundwater flow systems within the crystalline basement (e.g. Forster and Smith,
1989; Mailloux et al. 1999; Manning and Caine, 2007; Pepin et al. 2015). Synthesis
studies of deep borehole hydraulic tests suggest that crustal permeability is scale
dependent (Clauser, 1992) and decays with depth (Stober and Butcher, 2007) with non-
negligible (10™*® to 10™° m?) permeability below the brittle-ductile transition (Manning
and Ingebritsen, 1999; Ingebritsen and Gleeson, 2015; Fig. 2 curve A). Townend and
Zoback (2000) argued that the presence of hydrostatic pressure conditions and
numerous observations of temperature anomalies associated with fracture planes in
deep boreholes indicates bulk permeability of crystalline basement rocks ranging
between 10 and 10™” m? on average. Petrologists, economic geologists and
geophysicists have argued for some time that permeability can behave dynamically
within the crystalline basement. This transience takes the form of permeability increases
due to seismic activity followed by permeability reductions as a result of fluid-rock
interactions, such as pressure solution and mineral precipitation (Lowell et al. 1993;
Manga et al. 2012). Ingebritsen and Manning (2010) proposed that geologic forcing (e.g.
regional tectonic stress) could increase crustal permeability by about 2 orders of
magnitude (Fig. 2, curve B). It seems likely that the injection of large volumes of oil field
brines into basal reservoirs may provide hydrogeologists with new opportunities to

constrain dynamic crystalline basement permeability.



Southeastern New Mexico has experienced increased seismicity between 1999-2012
within the Permian basin adjacent to the Dagger Draw oil field (Edel et al. 2016; Fig. 3-
4). Seismicity within the crystalline basement in this region occurs at depths that range
from 5 to 19 km, with a mean depth of 11 km (Edel et al. 2016; Fig 1A). The epicenter of
the seismicity occurs about 85 km from the low-level nuclear Waste Isolation Pilot Plant
near Carlsbad, NM (WIPP, blue circle in Fig. 3a). Beneath the Dagger Draw oil field,
saline water is injected into the basal Ellenburger carbonate reservoir, which rests
unconformably on the crystalline basement. There are relatively high injection rates
(over 1 million barrels per month) in wells within 20 km of the seismic cluster (Fig. 4b).
In their analysis of seismicity across the USA, Weingarten et al. (2015) inferred from
analysis of regional data sets that there is a significant correlation between induced
seismicity and high injection rates (> 300,000 barrels per month). The relationship
between seismicity and brine injection is less straightforward in southeastern New
Mexico than with some of the above examples listed in Table 1. Typically, one expects to
see a close temporal correlation between seismicity and fluid injection (e.g. Hsieh and
Bredehoeft, 1981). In the case of the Dagger Draw oil field, peak injection occurred in
1996. Seismicity increased around 2001, 5 years after peak injection (Fig. 4a). Limited
regional seismic observations go back to the mid-1970s, with a larger network of 7-9
stations in place by 1998. Relocation of recent seismicity suggests hypocenters in this
region are deeper (Fig. 5) than any of the other published instances of triggered
seismicity (Table 1). Finally, the hypocenter of the seismicity is not directly beneath the

oil field but is 15 km to the west (Figs. 1 and 3). Many of the epicenters line up in a



more or less north-south trend (Fig. 3a, Fig. 5). In some scenarios presented below, we
consider the effects of a north-south oriented conductive fault zone west of the Dagger

Draw oil field.

Dagger Draw Oil Field Geology, Production and Injection History

The Dagger Draw oil field lies on the edge of the Permian Basin in southeastern New
Mexico. Production began in 1969 (Fig. 4a) primarily out of the Canyon (Missourian) and
Cisco (Virgilian) Groups that, in the Dagger Draw field, consist of upper Pennsylvanian
reefal limestones (Broadhead, 1999). The oil is stratigraphically trapped in this
carbonate unit and overlain by low-permeability shales in the Permian Hueco Fm. and
underlain by the Barnett and Woodford shales (Fig. 6; Broadhead, 1999). There are
currently 138 producing wells in the Dagger Draw field, down from a peak of 414
producing wells in 2001 (GoTech; New Mexico Oil Conservation Division database).
About 2-3 times as much brine is produced as oil by volume (Fig. 4a), generally
appearing as brackish water with TDS contents between 4,000 and 10,000 mg/l and a
maximum salinity in some areas as high as 309,000 mg/| (Balch and Muraleedharan,

2014).

Produced oil-field brine is primarily injected into the basal Ellenburger Group. There is
also some injection of oil-field brines into the overlying Montoya, Fusselman and
Wristen carbonate units. Within the Dagger Draw oil field, permitted wellhead injection

pressures for these formations range between about 1,520 m and 1,670 m for reservoir



depths ranging between 3.3 and 3.6 km (New Mexico Qil Conservation Division, 2016).
The Ellenburger thickness in New Mexico ranges from about 1 to 70 m (Holtz and
Kerans, 1992). Ellenburger Limestone thickness increases to the southeast in Texas (Fig.
6; Wright, 1979). Porosity varies from 0.01 to 0.2 with an average of about 0.06. Core
permeability values range from 2 to 100 mD (10™" to 10™** m?; Loucks, 2003). The
Ellenburger experienced multiple episodes of karstification and dolomitization which
likely enhanced its effective formation permeability above core measurements (Cox et
al., 1998 ; Broadhead, 1999). In our numerical sensitivity study, we assign permeabilities
to the Ellenburger ranging from 10 to 10™ m?. If bulk permeability is higher than 1000
mD due to the karst- and solution-enhanced porosity, the results presented (using 10™2

m?) here would be an upper bound on calculated excess pressures.

Initial oil and produced water production was low until the early 1990s when the field
was redeveloped. Peak production was in 1996 and the field has seen declining
production ever since. The Dagger Draw field initially consisted of two fields, Dagger
Draw North (DDN) and Dagger Draw South (DDS; Fig. 3b). The fields were originally
developed separately and were thought to have independent geologic boundaries. Low
permeable Upper Pennsylvanian carbonates in the uppermost part of the Cisco section
and the overlying Hueco Fm. provide the top seal for the Upper Pennsylvanian reservoir
at Dagger Draw. The Woodford Shale (Devonian) provides the top seal for the Wristen
(Silurian) carbonates. Carbonate reservoirs in the Fusselman (Silurian; underlies the

Wristen), the Montoya, and the Ellenburger limestones are self-sealed by impermeable



carbonate strata within those units. The Hueco Fm., the Barnett and Woodford Shales
with the intervening Lower Mississippian limestone form the top seal for the
Ellenburger, Montoya, Fusselman and Wristen carbonate sequence in the Dagger Draw

area.

We focus our analysis on 83 reinjection wells within 20 km of the seismicity in Eddy
County, New Mexico. Oil and water production data was taken from New Mexico Qil
Conservation Division reports (Annual Report of the New Mexico Oil and Gas
Engineering Commission Inc., 1969-2003) as well as the GoTech database (2004-2013).
Monthly production data of oil, gas and water were summed for all wells in each
Township/Range section and then compared to the monthly earthquake frequency (Mg
> 2; Fig. 4a). For our modeling effort, the 83 individual oil field brine reinjection wells
were lumped into 15 regions (injection nodes) by township and range (Table 2). That is,
the 83 injection wells were represented by consolidating them into 15 injection nodes in
our model. For some injection nodes, peak re-injection rates of exceeded 1 million
barrels per month (Figure 4b). The approximate center of seismic activity coincides with

T20S R23E in western Eddy County NM 15 km west of the Dagger Draw oil field (Fig. 3).

Analysis of Seismic and Oil Field Reinjection Data
Edel et al. (2016) analyzed the hypocenter locations of earthquakes in the vicinity of the
Dagger Draw oil field between 1962 and 2013. Prior to 1998, the number of New Mexico

Tech (Socorro) Seismic network seismic stations was relatively low. Seven to nine



vertical-component short-period seismic stations, began operating in 1998. Edel et al.
(2016) relocated earthquakes from 2008-2011 using data from this network as well as
the 3-component broadband EarthScope Flexible Array (SIEDCAR) campaign (Fig. 3a).
Relocated seismic events cluster in an area of about 10-km diameter with its center
located approximately 15 km from the nearest injection wells of the Dagger Draw oil
field. The majority of earthquakes occurred at 10 - 12 km depth (Fig. 5) with depth
errors between 1.4 - 6 km. Seismic events prior to 2008 were not relocated. Some of the
hypocenters appear to line up along a high-angle fault plane. Edel et al. (2016) noted
that there is a lag of at least 5 years between peak injection in 1996 and increases in
seismicity frequency 15 km to the west of the Dagger Draw oil field in 2001 (Fig. 4a).
Edel (2015) hypothesized that a conductive fault zone with a variable dip between 45-
80 may provide a conduit for elevated fluid pressures. Given the long lateral distance
(15 km) and large depth (11 km) between the earthquake hypocenters and the Dagger
Draw oil field injection wells, it seems plausible that a significant lag occurred between

the time of peak injection and the time when seismicity increased.

Purpose of Study

The main goal of this study is to assess what reservoir and crystalline basement
permeability scenarios could produce a 5-year time lag of fluid pressure increases at a
depth of 11 km in the crystalline basement to the west of the Dagger Draw oil field
above 0.07 MPa (7 m of excess head). We do not have measured pressure data within

the crystalline basement beneath the Dagger Draw oil field to establish the 7 m head



threshold. However, this head value falls within the range of what has been used by
prior studies as a triggered seismicity threshold. A secondary goal of this study is to
assess different pressure management scenarios that might reduce pressures within the
crystalline basement by redistributing and/or lowering the injection rates at various
reinjection wells. In the absence of pressure data within the crystalline basement,
hydrologic modeling represents a powerful tool to address these questions. However,
hydrologic model results are non-unique and can’t be validated (Konikow and
Bredehoeft, 1992; Oreskes, et al. 1994). There is also uncertainty in representing
permeability of the crystalline basement as a bulk parameter as opposed to a discrete

fracture network.

Methods

We developed a three-dimensional hydrogeologic model to simulate injection into the
Ellenburger Group at Dagger Draw (Fig. 7) and pressure diffusion into the crystalline
basement using the United States Geological Survey’s groundwater model, MODFLOW
(Harbaugh and McDonald, 1996). Bulk crystalline basement permeability is related to
the square of the aperture spacing of inter-connected fracture planes (Snow, 1968;
Schwartz and Zhang, 2003). Because of the large spatial length scales represented in this
study, it was not computationally possible to represent a distributed fracture network
(Bogdanov et al., 2003; Neuman, 2005). MODFLOW solves the following groundwater

flow equation:
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where h is the freshwater hydraulic head [L], is the hydraulic conductivity tensor [L th,

S, is specific storage [L™'], Q is fluid injection source term [t™'], and t is time [t].

We imposed a constant head boundary (h = 1100m) along the top of the model domain
(Fig. 7). This value represents an average land surface elevation for this part of the
Permian Basin. We did this so that the effects of injection could be more conspicuous.
Additionally, a specified head boundary condition was set along the north, west, south,
and west-northeast side boundaries (h = 1100m). If we had imposed head gradient
across the model domain’s lateral boundaries reflecting topographic variations in the
water table, then it would have been more difficult to visualize head changes due to
injection as opposed to head changes cause by lateral flow. A no-flux boundary was set
along the base of the model and along the southwest boundary, where a relatively large
displacement fault was observed in the surface geologic map of Eddy County, NM. The
no-flux boundary allows heads to build up higher than they would be if the fault were
absent. Overall, these boundary conditions are somewhat idealized. We set the domain
far enough away from the injection wells that, with the exception of the no-flux
southwest boundary, the simulated head increases were not significantly affected by

the constant head boundaries.
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The total vertical thickness of the model is 21.1 km. In plan view, the model domain
footprint is 200 x 200 km. A uniform lateral grid discretization was used in this study.
Preliminary simulations using locally refined (telescoping) grids failed to converge when
large permeability contrasts were represented. When a uniform grid was used, no
convergence issues were encountered. We used a total of 95 columns, 100 rows, and 24
layers to represent the basin sedimentary rocks (maximum depth 4.4 km) and the
underlying crystalline basement. Using a uniform grid allowed us to represent a greater
than 5 order of magnitude contrast in hydraulic conductivity between the Ellenberger
reservoir (0.86 m/day) and the Barnett Shale (0.000003 m/day). Each finite difference
cell had lateral dimensions of about 2.1 by 2.3 km (®x by ®y, respectively). Vertical cell
size varies considerably. We lumped the Barnett and Woodford Shales into a single 100
m-thick confining unit that was discretized using 5 layers (®z = 20m). We lumped the
Ellenburger Montoya, Fusselman and Wristen carbonate units into a single layer. The
layer thickness varied from 1 to 247 m with an average thickness of 85m. All injection
took place in this layer. A total of 15 layers were used to represent the crystalline
basement. The thickness of each crystalline basement layer varied from about 870 m to

1280 m.

An important concern when using numerical models is whether or not the solution
domain is sufficiently discretized to accurately capture the hydrodynamics of a given
problem. If increasing grid refinement causes significant changes in computed hydraulic

heads, then the discretization should be increased. To assess how grid size affected

12



simulated heads, we varied the lateral discretization by a factor of 3 (see Appendix for
details). We found that increasing the lateral discretization of the reservoir from about 2
km on a side (100 x 100 cells) to about 730 m on a side (300 x 300 cells) resulted in a
20% increase in the maximum computed heads in the injection well centers. Near the
no-flow boundary, head changes were largely unchanged for the three model runs (see

appendix).

Because some of the earthquake hypocenters lined up, more or less, along a sub-vertical
planar surface (Fig. 5), we constructed two hydrologic models that included a relatively
permeable (10" to 10 m?) vertical fault plane. These two simulations included a
north-south trending vertical fault zone of one cell width and 46 km in length (north-

south) within the crystalline basement.

The models were run using a time step of one month for 45 years (540 months)
between 1969 and 2013 using production data from the reinjection wells within a 20 km
radius of the seismic cluster. Monthly oil field brine production from the 416 production
wells were reinjected into the Ellenburger group limestone layer using 15 wells for each
model simulation. The maximum and average injection rates for each of the 15 well

centers are listed in Table 2.

We systematically varied the permeability of the crystalline basement and reservoir in a

sensitivity study to determine what range of permeabilities could plausibly lead to head
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changes that could trigger seismicity (Table 3). The specific storage was not varied in the
sensitivity study between model runs nor was the permeability of the three uppermost
units (Table 4). Cross-sectional and plan-view model results are discussed below for 15
scenarios. We monitored head changes at 11 km depth in the center of the region of
seismicity and within the Ellenburger Group (red dots in cross-section at the bottom of

Fig. 7).

Results

Effects of Crystalline Basement Permeability Variations (Scenarios 1-4)

We begin our analysis by considering how variations in bulk crystalline basement
permeability affect the downward propagation of the fluid pore pressure. We varied the
bulk permeability of the crystalline basement between 10" to 10 m®. The
permeability values we have used in this study are one order of magnitude higher than
what are considered typical conditions by Townend and Zoback (2000) for the crystalline

basement.

While our model is three-dimensional, we focus our analysis on the head changes within
the crystalline basement along an east-west cross-section A-A’ (Fig. 7). In all simulations,
pore pressure increases are due to oil-field brine injection within the Ellenburger Group
(including the Montoya, Fusselman and Wristen carbonates) over the time period
between 1969-2013 (Fig. 8). Production in the overlying Pennsylvanian limestone

reservoir unit was neglected. In all of these simulations, the Ellenburger permeability is

14



set at 10™* m? and the overlying confining unit (including the Hueco Fm, Woodford and

Barnett Shales) was set at 3x10™® m?.

The depth of the pressure envelope propagation (here estimated using the 7 m head
contour) into the crystalline basement is strongly controlled by crystalline basement
permeability. For all scenarios, pore pressure propagation continues downward after
peak injection in 1996 (Figs. 8a-c) and when seismicity began to increase in 2001 (Figs.
8d-f). The 7 m excess head contour extends to a depth of about 4 km below the base of
the Ellenburger in 2001 when the crystalline basement permeability is set to 10™® m?
(Fig. 8d). When the permeability of the crystalline basement was increased to 3x10* m?
(Fig. 8e), the 7 m excess head contour extends to 10 km below base of the Ellenburger
in 2001. When permeability is increased to 10> m?, the 7 m excess head contour
extends to 12 km below the base of the Ellenburger, extending beyond the centroid of

seismicity at the monitoring point located at 11 km depth (Fig. 8f).

Simulated injection pressure within the crystalline basement at the monitoring point at
11 km depth (i.e. the centroid of seismicity) for these three simulations are presented in
Figure 9. Using a bulk basement permeability of 10> m? resulted in excess heads
reaching about 7 m five years after peak injection. For this scenario, excess heads
continued to build up to 30 m by 2013 (16,450 days). Using a bulk crystalline basement
permeability of 3x10™® m? required 17 years beyond the time of peak injection (1996)

for excess heads to build up to 7m at the centroid of seismicity. When the crystalline
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basement permeability was set at 10™° m?, the results showed that excess heads of only

1.5 m above hydrostatic conditions by the end of the simulation in 2013.

Computed excess heads within the reservoir at the monitoring point 5 km to the east of
the injection wells within the Ellenburger reservoir decline from about 280 m to 260 m
as the crystalline basement permeability increases from 10"°to 10> m? (Fig. 10). This is
presumably due to increase leakage of fluids into the crystalline basement. For both
cases, there is little discernable lag time between peak injection in 1996 and the timing
of maximum pressure within the reservoir (Fig. 10). Maximum reservoir heads (not
shown, 600 m) were about 100 times higher than head levels within the crystalline
basement at a depth of 11 km (Fig. 9). Overall, peak reservoir fluid pressures decreased
due to vertical leakage as crystalline basement permeability increased from 10™° to 10™

m? in the simulations (Fig. 10).

Effects of Reservoir Permeability Variations (Scenarios 5-7)

We next considered the effects of varying reservoir permeability (Ellenburger Group)
while holding the bulk crystalline basement permeability constant (10> m?). As noted
above, core permeability measurements for the Ellenburger vary between about 10 to
10" m’. A basin-scale effective permeability would likely be higher than 10™* m* given

the multiple episodes of karstification and diagenesis that this formation experienced.
When high reservoir permeability was assigned in our model for the Ellenburger (10

m?), there is significant overlap in pressure envelopes between individual injection
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centers as well as a maximum head of about 600 m (Fig. 11a, 11d). As reservoir
permeability decreased to 10™* m?, simulated reservoir heads exceeded 2000 m at the
injection well centers. This would have exceeded the permitted injection pressures for
many of the wells within the Dagger Draw oil field (1520m to 1670m). As the contrast
between reservoir and crystalline basement permeability decreases, lateral pressure
propagation within the reservoir decreases and the pressure envelope becomes much
more spherical in shape (compare Fig. 12a to Fig. 12c). Reduction in reservoir
permeability had surprisingly little effect on the magnitude of the pressures within the
crystalline basement as well as the timing of the head increase associate with

earthquake triggering (Fig. 13).

Effects of Conductive Faults and Permeability Decay with Depth (Scenarios 8-10)
Treating permeability as a constant to a depth of 20 km seems a bit contrived for
Precambrian crystalline rocks. As noted above, we assume that crystalline basement
permeability can be represented as a bulk continuum property. Although questioned by
some (e.g. Ranjram et al. 2015), numerous studies argue that permeability decreases
with depth (Manning and Ingebritsen, 1999; Stober and Bucher, 2007; Ingebritsen and
Manning, 2010). In two scenarios, we allowed crystalline-basement permeability to
decay with depth using the relationship presented by Manning and Ingebritsen (1995)
and Ingebritsen and Manning (2010):

k= 10! L) (2a)

k = 10!!"!!.!!"#!"(!) (zb)

17



where k is permeability of the crystalline basement in m” and d is depth in km. Equation
2b is considered more applicable to stable continental crust while 2a is considered to be
more representative of the crust in tectonically active regions. The Permian Basin in SE

New Mexico is considered to be a tectonically stable region. It is unclear whether or not
elevated fluid pressures associated with brine re-injection could have a similar effect on

seismicity as elevated tectonic stresses.

We also considered the presence of a vertical conductive fault (between 10 to 10"
m?) centered in the region of increased seismicity (Fig. 14a, 14b, 14e, 14f). The fault
zone was surrounded by a lower-permeability crystalline basement (10™® m?). As noted
above, it is plausible that the clustering of earthquake epicenters along a north-south

region may be indicative of a wide conductive fault zone.

The presence of a permeable fault zone surrounded by a lower-permeability crystalline
basement matrix (10™*° m?) facilitated the propagation of elevated pore pressures
downward along the fault to the base of the model domain. The pressure anomaly
extended outwards perpendicular to the fault zone (Fig. 14a, 14b, 14e, 14f). The depth
of propagation of the pressure front in the fault zone is sensitive to fault permeability
(compare Fig. 14a to 14b). Using a fault permeability of 10™* m? allowed the pressure
front to propagate downward to a depth of 11 km relatively quickly. For this scenario,
excess heads exceeded the 7 m threshold even before peak injection occurred (Fig. 15).

Had we used a critical head threshold of 50 m, this scenario would have produced a 5-
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year lag between peak injection and seismicity. Using a fault permeability one order of
magnitude lower (10™ m?) resulted in modest head increase of less than 1 m during the
simulation period (Fig. 15). We also ran one additional scenario setting the fault
permeability equal to 3x10™" m?. This intermediate fault permeability scenario was able

to reproduce both the 5-year lag and the 7 MPa pressure increase.

Next, we explored two scenarios of permeability decreasing with depth. In the first
scenario, the permeability decayed from 10*® to 10" m? (Fig. 14c, 14g). This scenario
is consistent with crustal rocks in tectonically active regions (Ingebritsen and Manning,
2010) and we refer to this as the Ingebritsen-Manning (Ing-Man) scenario. In a second
scenario, more consistent with a stable continental crust (Manning and Ingebritsen,
1998), the permeability was varied from 10810 103 m? (Fig. 14d, 14h). We refer to
this as the Manning-Ingebritsen scenario (Man-Ing). The Ingebritsen-Manning scenario
(dynamic crust) permitted the propagation of pore pressures in excess of 7 m downward
to the centroid of seismicity by 2001 (Fig. 14g). This was not the case for the Manning-
Ingebristen (stable crust) scenario (Fig. 14h). However, neither the Manning-Ingebritsen
(Man-Ing, Fig. 15) nor the Ingebritsen Manning (Ing-Man, Fig. 15) crystalline basement
permeability scenarios predicted head increases of 7 m 5 years after peak injection at
the centroid of seismicity (Fig. 15). It is likely that some intermediate permeability-depth
decay relationship in between those presented in Figure 14 would result in a head

change of 7m, 5 years after peak injection at the centroid of seismicity.
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Pressure Management Scenarios (Scenarios 11-13)

Oil-field brine reinjection wells are typically repurposed from exploration boreholes or
wells from mature oil fields that are no longer productive. Their proximity to active
production wells is one of the key factors in deciding which wells are used for
reinjection of oil-field brines. Transportation expenses required for trucking or piping
produced fluids from an active production well to the reinjection well is one of the main
costs of reinjection. As noted above, the volumetric fluid injection rate is clearly an
important factor in triggering seismicity (Keranen et al. 2014; Weingarten et al., 2015;
Walsh and Zoback, 2015). Within the carbon capture and subsurface storage
community, it has been proposed that basin-scale injection of CO, will lead to elevated
pore pressures (Person et al., 2010) and this could result in induced seismicity (Zoback
and Gorelick, 2013). Management strategies have recently been proposed to reduce
high pressures in reservoirs where supercritical CO, is being injected in order to prevent

hydraulic fracturing and vertical (upward) leakage of saline fluids (Buscheck et al. 2012).

Here we consider the potential benefits of redistribution and reduction of injection rates
in order to minimize downward fluid propagation and the buildup of fluid pressures
within the underlying crystalline basement. In all of these scenarios, the permeability of
the crystalline basement was set at 10> m” and the Ellenburger reservoir permeability
was set at 102 m?. The “base case” (Base), which is used for comparison purposes, is

identical to the earlier scenario presented in Figure 11a and 11d (reproduced here in Fig.
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16a, 16d). We ran four simulations considering three different injection and

redistribution strategies.

In the first two cases, we redistributed the volume of fluid injected at the 15 reinjection
wells. The total volume of fluids injected per time step into the Dagger Draw oil field
was the same as in all base case. In the first management scenario considered (Fig. 16b,
16e), all of the 15 injection well centers used the same average injection rate (“Ave”)
per time step. In this scenario, peak injection still occurs in 1996 but the injection rates
are evenly distributed across all the wells at any given time step. Relative to the base
case, this resulted in injection rates decreasing in some wells and increasing in others.
The computed reservoir head distribution does not change dramatically from the base
case (“Obs”, Fig. 17) but the maximum head changes quite significantly (i.e. contours
above 400m are absent in Figs. 16b, 16e). Within the crystalline basement, heads are
only reduced by several meters due to this redistribution in injection rates (Fig. 17). Next
we weighted the injection rates such that wells closest to the southwestern boundary
fault (i.e. the no-flow boundary) received about half as much oil-field brine as wells
furthest away (to the northeast). This was done by creating weights for each well’s
pumping rates and injection rates vary linearly with distance from the southwest
boundary. As with the “Ave” scenario, the total amount of fluids injected remained the
same as in the base case. The computed excess head increase at the centroid of
seismicity are only two meters less than the “Ave” scenario (Wgt, Fig. 16c, 16f; Wgt line,

Fig. 17). This was somewhat surprising. Reducing injection rates by 50% and 90% had
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the most dramatic decrease in simulated fluid pressure at the crystalline basement
monitoring point (lines 50% and 90%, Fig. 17). These results argue that it is not how you
inject but how much you inject that plays the most important role in pressure
management. These results indicate that managing rates and volumes of injectate are

critical to reducing the potential of induced seismicity.

Discussion

How do our estimates of crystalline basement permeability reported here compare to
the other modeling studies that have tried to estimate fluid pressures within the
crystalline basement? Figure 2 presents crystalline basement hydraulic diffusivity versus
depth comparing our results (grey boxes) to those from Hsieh and Bredehoeft (1981)
and Keranen et al. (2014). We also included crystalline basement hydraulic diffusivity
estimates from studies that investigated triggered seismicity not related to saline water
re-injection including Saar and Manga (2003) and Ge et al. (2009). We used hydraulic
diffusivity rather than permeability because pressure diffusion rates are controlled by
both permeability and rock/fluid compressibility (and hence, specific storage). The
hydraulic diffusivities (K/Ss) reported in this study the bulk crystalline basement and for
a conductive fault zone are about 1-2 orders of magnitude lower than those reported by
prior studies of triggered seismicity associated with brine re-injection. They are in the
same range as those reported by Saar and Manga (2003) and Ge et al. (2009). This

seems plausible since the centroid of seismicity is 15 km to the west of the Dagger Draw
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oil field and is deeper than the triggered seismicity reported at these other sites (Table

1).

Only two scenarios presented above produced elevated pore pressures above 7m five
years after peak injection. None of the scenarios presented resulted in a head increase
greater than 65 m five years after peak injection in 2001. If we had relaxed the 7m
metric for triggered seismicity and assumed an elevated head increase between 1 to 60
m could trigger seismicity, then several additional permeability scenarios would have
satisfied the 5-year lag time criteria. Using this approach, we find a range of
permeability scenarios that could satisfy our criteria. These included a permeability
range between 10" to 10 m? assuming a homogeneous crust and 10" to 10> m? for
pressure migration downward along a conductive vertical fault. Allowing permeability to
decay with depth between 10*® to 10"” m? (Ing-Man, Fig. 15) would also have

produced excess heads of about 15 m at 11 km depth, five years after peak injection.

How accurate are the estimates of maximum excess heads reported here? As noted in
the methods section, we used a relatively coarse grid (®x =2.1 km, ®y=2.3km) in this
study. Actual wellhead pressures could be 20% higher than what is reported if a more
refined grid was used (®x = ®y = 0.7km). It has also been known for some time that
numerical models systematically under predict wellhead pressures. We can obtain a

better estimate of actual well head pressure by using a Peacman correction

(Peacman, 1978):
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0.2
= ®h cell +£ ln( ®x )

oh 2867 v 3)

well

where ®hwen is the estimated drawdown (positive) at the well, ®hcen is the computed

drawdown (initial - current head; positive) at the cell, r is the distance from the well

to the cell and ®x is the cell dimension.

If we consider the worst case scenario and assume that the injection well very close
to the finite difference node (here we assume 14 cm; the diameter of typical of salt
water disposal wells within the Dagger Draw oil field), and using the conditions
described in the above base scenario for the Ellenburger group (10-12 m2, Ss = 10-¢
m-1), and using a maximum pumping rate of 10¢ barrels/month (52,300 m3/day),
this would result in a maximum well head pressure of 98 m above the computed
nodal head. Since the maximum head for the base case scenario is about 600m, our
the maximum well head pressures for the base case scenario is about 700m which
is still below the permitted well head pressures for the Dagger Draw oil field (1520m

to 1670m).

This is not the first study to propose that a lag may exist between injection and
seismicity — a similar lag between increases in injection and the onset of seismic activity
was observed near Jones and Prague, Oklahoma (Walsh and Zoback, 2015). Ge et al.

(2009) reported that there was a 2.7 year lag between the filling of the Zipingpu
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Reservoir and the Wenchuan earthquake (M,, =7.9) which occurred at an estimated
depth of between 10-20 km. If the Dagger Draw seismicity is in fact induced by the
injection of the oilfield wastewater, then it represents the deepest example of triggered

earthquakes associated with brine reinjection into basal sedimentary reservoirs to date.

Trying to reduce pore pressure buildup by optimizing reinjection rates, either by
injecting at the same volume of fluid at each well or decreasing the injection rates in
wells closest to a no-flow boundary, was found to have a second-order effect on
simulated fluid pressure increases at the crystalline basement monitoring point. More
dramatic pressure maintenance scenarios involving significant reduction (by 50%) of the
volume of injected fluids would need to be considered. Reduction in the volumes of
reinjected fluids through desalination of oil-field brines represents an attractive
management option in the water-scarce Southwestern USA (Balch and Muraleedharan,
2014). Balch and Muraleedharan (2014) pilot desalination study estimated that the cost
of disposal of produced oilfield brines dropped from as high as $2.5/barrel to

S0.31/barrel.

Conclusions

Hydrologic modeling was used to in this study to test the hypothesis that increased rates
of seismicity at 11 km depth within the crystalline basement 15 km west of the Dagger
Draw oil field is the result of saline water injection into the basal Ellenburger reservoir.

We considered several scenarios including assigning an effective or bulk permeability
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value to the crystalline basement, including a conductive fault zone surrounded by
tighter crystalline basement rocks, and allowing permeability to decay with depth. We
found that the observed lag-time between peak injection in 1996 and the onset of
increase seismicity in 2001 can be explained by the time required for the pressure front
to migrate through the crystalline basement. We assumed a 7 m head increase as a
threshold for induced seismicity. The 5-year lag time helps constrain the permeability of
the crystalline basement. If the crystalline basement was assigned a bulk permeability
higher than 10> m?, then delay between peak injection and seismicity would have been
shorter than 5 years. Choosing a bulk permeability less than 10™® m” would not permit
pressures to build sufficiently to induce seismicity. If a permeable fault-zone is present,
it’s permeability needs to be about 3x10™"> m®. We also tested several different
pressure management scenarios varying the injection rates in wells as well as reducing
the total volume of fluid injected. Pressure management scenarios that reduced
computed excess heads by over 50% within the crystalline basement resulted from
reducing the total volume of reinjected fluids by a factor of 2 or more. Redistributing
the volume of injected fluid between individual wells did not have a significant impact

on fluid pressures within the crystalline basement.
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Appendix

Effects of Model Discretization on Simulated Head Increases and Estimates of
Well Head Pressures

The Dagger Draw model domain presented in this manuscript had large lateral
length scales (about 200 km by 200 km). Given the number of vertical layers
required to represent pressure diffusion in the crystalline basement (15, average ®z
~ 1105 m), this required us to use a relatively coarse lateral discretization (95 x
100; ®x ~ 2100m; ®y ~ 2300m). Preliminary model runs that used grid refinement
(i.e. a telescoping mesh) near the pumping wells failed to converge when a large

(105) permeability contrast was used.

Here, we present a sensitivity study to assess how simulated head increases and
patterns within the Ellenberger due to fluid injection are influenced by grid size. We
used the same model domain geometry, number of injection wells, and lateral
boundary conditions for this exercise as was used in the paper. We fixed the
reservoir thickness at a constant value of 85 m. The reservoir hydraulic conductivity
(K) was set at 0.86 m/day (10-12m?). We also used a constant injection rate for each
well (2000 m3/day). A specific storage (Ss) coefficient of 10-° m'! was used. A time
step size of 0.3416 days was used in the simulations presented. These parameters

are typical of many of the simulations presented in the paper.

Simulated hydraulic heads for three different discretization levels are presented in

Figure Al. The coarsest discretization is similar to what we used in our paper. For



the finest level of discretization, the maximum computed heads are about 20% of
higher when compared to the coarsest grid. After 1 month, the maximum simulated
head within the Ellenberger reservoir oil field increased from 19.3 m to 23.7 m
(18%) between the coarse (100x100) and most refined (300x300) discretization
(Table 1; Fig. Ala-Alc). After 1 year, the maximum head increased from 60.6 m to
64.7 m (6%; Table A1; Fig. A1d-A1f). There was little change in simulated heads
adjacent to the no flow boundary between the coarsest and finest discretization
runs (18.7 m to 17.89 m, Table A1; see dark square in Figure A1 for location of the

monitoring point). The patterns of head increases are nearly identical.

Computational limitations prevented us from also exploring the effects of changes in
vertical discretization on simulated heads within the crystalline basement.
However, the average vertical discretization within the crystalline basement
(MODFLOW layers 10-24) was 1105 m. This roughly corresponds to the 200 x 200
lateral discretization scenario. We conclude that the discretization used in our
model likely under predicts the maximum heads by at least 20% near the injection

wells but has little effect on simulated heads at distances greater than 10 km.



Table A1. Summary of Model Discretization Sensitivity Study

Maximum | Maximum | Head Increase

Number Simulated | Simulated | (m) at No Flow
of Nodes | Average lateral | Head (m) | Head (m) | Boundary After
in x-, y- (®x, ®y) Cell after 1 after 1 year 1 year
direction Size (m) month

100 2204 19.3 60.6 18.7

200 1102 21.8 62.7 18

300 735 23.7 64.7 17.98




Figure A1. Simulated head increases in Ellenburger reservoir after 1 month (A-C) and
1 year (D-F) using three different grid resolutions (100 x 100, 200 x 200, 300 x 300). A
constant injection rate of 2000 m? day! was assigned to each well. The permeability
and specific storage coefficient assigned to the Ellenuburger reservoir was 10-12 m?
and 10-° m, respectively. Hydraulic boundary conditions are the same as what was
used in this study elsewhere. Maximum heads and heads near the fault zone (see
square) are reported in Table S1.



Table 1. Injection, seismicity, and fluid pressure data from case studies documenting

Instances of induced seismicity across the USA.

Maximum
Max. *Maximum Well Head Lateral
Basal Earthquake Cumulative Fluid Distance
] ] Magnitude / | Injection Rate Pressure Between
Location Reservoir rye ..
Name Average (Millions Increase Injection
Hypocenter Barrels (MPa) Wells and
Depth (km) /month) Seismicity
(km)
1 .
Youngstown, | Crystalline "
OH Basement 39/3.7 0.15 7 1
2Sjones OK | Arouckle 3/4.5 18 1 35
Limestone
3Guy AK Ozark 47/5 1.8 11.8 15
A kl
“Sprague, Ok | rouckle 57/5 0.6 3.7 15
Limestone
Dagger Draw, | Ellenberger
NM Limestone 3.2/11 3 i 15
Rocky .
Mountain | C'Ystalline 5.5/5 0.19 7.2 5
Basement
Arsenal

'Kim (2013), single injection well production reported, North Star-1; Keranen et al.
(2014); *Horton (2012); *Keranen et al. (2013); >Walsh and Zoback (2015)

*Cumulative injection refers here to the summation of injection rates of all wells within
a given area of study (spatial summation). That said, we note that the Youngstown, Ohio
study of Kim (2013) only presented injection data for 1 well.




Table 2. Locations, re-injection rates, and lateral distance to the center of seismicity for
each of the 15 injection well centers. The township (T) and range (R ) of each injection
center is indicated by the ID.

Maximum Average
Section Easting Northing (Barrels/ (Barrels/ Distance
ID (m) (m) month) month) (km)

T22S

R26E 567254 3581357 2.0E+05 4.57E+04 44
T22S

R24E 548426 3586558 1.0E+07 3.17E+06 25

T2S

2R23E 540024 3585734 5.0E+05 1.32E+05 20
T21R26 566023 3596084 8.0E+04 1.88E+04 38
T21R25 557571 3597820 2.0E+06 4.05E+05 29
T21R24 546987 3590619 1.0E+07 2.81E+06 22
T20R25 546535 3607245 3.0E+06 7.85E+05 18
T20R24 539417 3605254 3.0E+06 6.30E+05 11
T19R26 555433 3613893 1.0E+06 2.62E+05 29
T19R25 546645 3612400 1.0E+06 2.51E+05 20
T19R24 541546 3614440 3.0E+05 6.43E+04 17
T18R26 560699 3624065 2.0E+05 3.91E+04 38
T18R25 552183 3618446 2.0E+05 3.46E+04 28
T17R25 551112 3630933 3.0E+04 6.32E+03 36
T21R23 538540 3591748 7.0E+05 9.64E+04 15




Table 3. Permeability (in m?) using in different hydrologic model runs (scenarios) for
select units.

Ellenburger | Crystalline | Fault
Scenario | Limestone Basement | Zone Figures
1 10" 10™° - 8a,8d, 9, 10
2 10" 3x10 - 8b,8¢e, 9, 10
8¢, 8f, 9, 10, 11a, 11d, 12a,
3 10" 10" - 12d, 13, 16a, 16d, 17
4 10" 10" - 11b, 11e, 12b, 12e,13
5 10 10" - 11c, 11f, 12¢, 12f, 13
6 10" 10 10" 14a, 14e, 15
7 10" 10" 102 14b, 14f, 15
10 10" 10810 | - 14c, 14g, 15
11 10" 10'%-10"° | - 14d, 14h, 15
12-15 10™"? 10" - 16, 17

Table 4. Hydrogeologic properties for hydrostratigraphic units not varied between model
runs.

Formation Name k (m?) S¢(m™)
Upper Permian (Layer 1) 3x10™" 10°
Upper Pennsylvanian (Layer 2) 102 10°
Barnet Shale (Layers 3-8) 3x10® 107
Ellenburger Reservoir (Layer 9) 10°
Crystalline Basement (Layers 10-24) 10”7



Figure 1. Generalized geologic cross sections showing locations of oil-field brine
reinjection wells and associated seismicity within the crystalline basement in New

Mexico (A, Edel et al., 2016), Arkansas (B; Horton, 2012); Ohio (C; Kim, 2013) ; and
Oklahoma (D, Kerenan et al., 2013).



Figure 2. Hydraulic diffusivities derived from model reconstructions of triggered
seismisity studies and inferred from geophysical, petrological, and geophysical data
(black & blue lines). The red Permeability-depth curve is from Manning and Ingebritsen
(1999). The blue permeability decay curve is from Ingebritsen and Manning (2010). The
permeability axis assumes a specific storage coefficient of 10° m™. The grey boxes are
hydraulic diffusivities reported in this study for the Dagger Draw oil field in southeastern
New Mexico.



Figure 3. (A) Study area
map showing WIPP
seismic (red triangles),
SIEDCAR (purple
triangles), Socorro
Seismic network (SSN,
green triangles)
location of the WIPP
site and Dagger Draw
(dark green blob) oil
field in Eddy County,
New Mexico. The
location of the WIPP
site is indicated by the
blue circle. (B)
Relocated epicenters
(small red circles) for
203 earthquakes
between 2008/09-
2010/07 relative to the
location of the Dagger
Draw oil field. Oil field
locations (green shaded
areas) are courtesy of
the New Mexico Bureau
of Geology, reservoir
outline from Speer
(1993).



Figure 4. (A) Annual production of oil and saline brines (water) from the Dagger Draw Oil
Field, Permian Basin and seismic events greater than M2. (B) Average and maximum
injection rates for the 15 injection well centers versus distance from the centers to the
centroid of seismicity (after Edel et al., 2016).
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Figure 5. Three-dimensional view (looking north) showing relocated hypocenter depths
for seismicity from 2008/09-2010/07 adjacent to the Dagger Draw Oil Field, Permian
Basin, New Mexico. Sphere size indicates magnitude (up to My3.2). Depth errors range
between 1.4 - 6 km. Hypocenter data from Edel et al. (2016). Black surface indicates
position of fault plane used in hydrogeologic model.



Figure 6. Contour map of crystalline
basement elevation (in m, sea level
datum) surrounding the Dagger
Draw oil field in southeastern, NM.
The locations of the 83 oil-field brine
reinjection wells (purple circles) and
seismicity (green triangles) is shown
on the contour map. A geologic
cross-section across the Dagger
Draw oil filed is also shown. Oil
production occurs primarily within
Pennsylvanian carbonates (Penn Ls,
yellow). Qil-field-brine reinjection
occurs in the basal Ellenberger
Group (El), Montoya Limestone (Mt),
and Fusselman and Wristen
limestone units (Fu-Ws, yellow).
Additional geologic units include: Brn
Sh, Barnett Shale (gray); Wd Sh,
Woodford Shale (gray); Hc Hueco
Formation; Ab Abo formation; Ys,
Yeso Formation,; Gl, Glorietta
Sandstone; Sn An, San Adres
formation; Art, Artesia Group. Red
numbered lines show well control; 1-
Southern Union Production Corp. No.
1 Elliot, 24-18S-23E; 2- Yates
Petroleum No. 3 Roy AET WD, 7-19S-
25E; 3- Yates Drig. No. 1 Rodke AOY
21-195-25E; 4- Northern Natural
Gas, No. 1 Moutray, 6-205-26E; 5- S.
P. Yates No. 4, Pecos River Deep
Unit, 11-20S-26E; 6 Oxy USA No. 1
Govt NBFD 11-20S-26E. Plan view
map shows approximate location of
cross section, production wells (red
squares) and seismicity (green
triangles). Injection interval
illustrated schematically using red
rectangle at the bottom of two wells.



Figure 7. Three dimensional view of Modflow finite difference grid and East-West cross
section A-A’ showing locations of two monitoring points used in sensitivity study. The red
squares the lateral position of the reinjection wells within the Ellenburger Limestone
(layer 9) projected up onto the top layer. The thin orange line denotes the lateral
position of a relatively high permeability fault zone within the crystalline basement
projected up onto the top layer (layers 10-25).
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Figure 8. Sensitivity study showing effect of changes in crystalline basement permeability
on simulated excess heads during peak injection (1996.5, left column) and the onset of
seismicity (2001, right column). The reservoir permeability in all of these simulations was
set at 102 m? (1000 mD). Vertical exaggeration is 3. The first head contour is 7 m.
Subsequent contour intervals are 29.5 m (i.e. 7 m, 36.5 m, 66 m, 95.5m, 125 m, ..., etc.).
Within the region of injection, the top of the Ellenburger reservoir has a depth range
between about 1900 m to 2700m below land surface.
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Figure 9. Changes in excess head through time for three different crystalline basement
permeability scenarios (10" m?, 3x10™*® and 10° m’) monitored at the center of
seismicity within the crystalline basement (11 km depth) point shown in inset. Lines show
simulated excess heads for the different basement permeability scenarios from Figure 8.
The bar graph presents the number of earthquakes each year from 1960 to greater than
My >2. The origin of the time axis is January 1, 1969. The origin of the time axis is
January 1, 1969. Peak injection (P) occurred after 10037 days (1996.5). The onset of
increased seismic frequency (0S) began in 2001.
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Figure 10. Changes in excess head through time for two different crystalline basement
permeability scenarios (10" m? and 10™® m?) within the Ellenburger reservoir
monitoring point shown in the inset. In both simulations, the reservoir permeability was
set at 102 m’. Lines show simulated excess heads for different basement permeability.
The bar graph presents the number of earthquakes each year from 1960 to greater than
My >2. The origin of the time axis is January 1, 1969. Peak injection (P) occurred after
10037 days (1996.5). The onset of increased seismic frequency (0S) began in 2001.
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Figure 11. Plan view map showing effects of changes in reservoir permeability on
simulated excess heads during peak injection (1996.5, left column) and peak seismicity
(2001, right column). The crystalline basement permeability in all of these simulations
was set at 10> m’ (1 mD). The yellow squares denote the injection well locations. The
red circle denotes the center of seismicity. Subsequent contour intervals are 29.5 m (i.e
m, 36.5m, 66 m, 95.5m, 125 m, ...).
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Figure 12. Sensitivity study showing effect of changes in reservoir basement permeability
on computed excess heads during peak injection (1996.5, left column) and peak
seismicity (2001, right column). The reservoir permeability in all of these simulations was
set at 102 m? (1000 mD). Vertical exaggeration is 3. Subsequent contour intervals are
29.5m (i.e. 7m, 36.5m, 66 m, 95.5 m, 125 m, ...). Within the region of injection, the top
of the Ellenburger reservoir has a depth range between about 1900 m to 2700m below
land surface.
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Figure 13. Effects of changes in reservoir permeability on changes in excess head through
time at crystalline basement monitoring point shown in inset. Lines show simulated
excess heads for different basement permeability. The bar graph presents the number of
earthquakes each year from 1960 to greater than My >2. The origin of the time axis is
January 1, 1969. Peak injection (P) occurred after 10037 days (1996.5). The onset of
increased seismic frequency (0S) began in 2001.
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Figure 14. Sensitivity study showing effect of changes in crystalline basement
permeability on computed excess heads during peak injection (left column) and peak
seismicity (right column). The reservoir permeability in all of these simulations was set at
102 m? (1000 mD). The following scenarios are considered here: high permeability
crystalline basement fault Figures A & D; A weathered zone at the top of the and a high
permeability crystalline basement fault beneath the weathered zone, Figures B & E; and
Ingebritsen and Manning (2010) permeability decay with depth imposed within the
crystalline basement. Vertical exaggeration is 3. Subsequent contour intervals are 29.5 m
(i,e. 7m, 36.5m, 66 m, 95.5m, 125 m, ...).
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Figure 15. Changes in excess head through time at crystalline basement monitoring
point shown in inset. Lines show simulated excess heads for different basement
permeability scenarios including the presence of a high permeability (10"? m?) fault
zone, permeability decay with depth using the relationship presented by Ingebritsen and
Manning (2010) and the presence of a relatively low permeability (10° m?) weathered
zone at the top of the crystalline basement cutting across a fault zone. The bar graph
presents the number of earthquakes each year from 1960 to greater than My >2. The
origin of the time axis is January 1, 1969. Peak injection (P) occurred after 10037 days
(1996.5). The onset of increased seismic frequency (OS) began in 2001.
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Figure 16. Plan view map showing effects of changes in reservoir injection rates
strategies on computed excess heads during peak injection (left column) and peak
seismicity (right column). The crystalline basement permeability in all of these
simulations was set at 10> m? (1 mD) and the reservoir permeability was 10> m? (1000
mbD). The yellow squares denote the injection well locations. The red circle denotes the
center of seismicity. The injection scenarios considered include the observed (Obs),
average (Abs), and weighted by distance from no flow (southwest) assumed to represent
a fault zone (Wgt). Subsequent contour intervals are 29.5 m (i.e. 7 m, 36.5 m, 66 m, 95.5
m, 125 m, ... etc.). The top of the Ellenburger reservoir has a depth range between about
2430 m to 5250m below land surface.
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Figure 17. Computed changes in excess head through time in response to different
injection strategies evaluated at crystalline basement monitoring point shown in
inset. Lines show simulated excess heads for different injection scenarios including
the

observed injection rates (Obs), the average injection rates (Ave), weighted injection
rates (Wgt) with higher weights given to wells located furthest from the (southwest)
no-flow boundary, a fifty percent reduction in the observed injection rates (50%), a
ninety percent reduction in the observed injection rates (90%). In all model runs, the
permeability of the crystalline basement was permeability was 10> m” and the
Ellenberger reservoir was 10> m?. The bar graph presents the number of earthquakes
each year from 1960 to greater than My >2. The origin of the time axis is January 1,
1969. Peak injection (P) occurred after 10037 days (1996.5). The onset of increased
seismic frequency (0S) began in 2001.
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ABSTRACT

In the brittle crust the distribution of natural rock fractures and their failure
modes are a function of rock strength and its interactions between overburden pressure,
pore-fluid pressure, and tectonic loading. The characterization of variability in rock
strength and the associated changes in subsurface strain distribution is especially
important for modeling the response of low-permeability rocks to changes in effective
stress. This paper documents the effect variations in elastic mechanical properties have
on the nature and distribution of fractures in the subsurface. Outcrop and geophysical
wireline log evaluation of the Jurassic Carmel Formation and Navajo Sandstone was
used to identify mechano-stratigraphic units and model subsurface strain distribution

within sedimentary successions and across sedimentary interfaces.

Two finite element models were constructed and populated with elastic moduli
derived from geophysical wireline data in order to understand where natural fractures
form in rocks with varying layer thickness and elastic properties. Strain distribution
results from a 3 layer and a 5-layer model are compared to the natural deformation
response visible in outcrop. Model results show that more fractures are expected in high
strain regions and fewer fractures in low strain regions. Strain variations are observed in
both model scenarios and occur at material interface. The simple 3-layer model results
in a smoothing of strain variations, while the 5-layer model captures strain variations that
more closely match the fracture density observed in outcrop. Results from the 5-layer
model suggests an interplay between Young’s modulus and Poisson’s ratio and that high
strain regions form in thin (1-m thick) layers with moderate Young modulus (17.2 GPa)

and Poisson ratio (0.26) values.
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Outcrop observations and modeling results indicate that the potential for
subsurface failure and fluid flow would not be restricted to the low fracture strength units
but can cut vertically across interfaces of varying mechanical strength. Results from this
work indicates that these types of models can be used to identify stratigraphic layers that
are more prone to mechanical failure or identify layers that have more natural fractures

or are more likely to form induced fractures.

INTRODUCTION

Interest in the mechanical behavior of fine-grained siltstone and mudstone
successions stems from various geo-engineering applications, where these lithologies
typically act as “impermeable” capillary seals in conventional petroleum systems or as
top seals of subsurface waste repositories (Herzog, 2001 ; Warpinski et al., 2009);
additionally organic-carbon-rich mudstone and siltstone are an increasingly important
source rock reservoirs (EIA, 2013). Understanding the mechanical response of fine-
grained heterolithic stratigraphic successions to changing stress conditions at fine spatial
scales is essential for efficient development of unconventional resources and ensuring
the security of subsurface fluid storage systems. Important unconventional reservoirs
such as the Monteny, Horn River, Haynesville, Baaken, Barnett, and Marcellus
Formations consist of thinly intercalated calcareous and siliciclastic siltstone, shale, and
very fine grained sandstones (Ainsworth, 1994; Edwards et al., 1994; Hammes et al.,
2011; Pyle et al., 2016; Slatt and Rodriguez, 2012). The lithologic variability exhibited in
such formations plays an important role in fracture propagation, mode, and distribution of
fractures in the subsurface. Vertical lithologic variability may have significant impact on

resource extraction or prevention of seal bypass. Studying the occurrence of, and
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changes in, outcrop fracture patterns and scaling these up for field-scale (km-scale)
modeling is difficult due to the lack of direct correlation between outcrop observations

and subsurface data.

This paper provides an analysis of field observations of fracture distribution
and morphology and tests the use of derived elastic properties from geophysical logs to
predict subsurface mechanical response to stress. In this case, the stress experienced
by a rock body, as an applied load, and its strain response, manifest in outcrop as
deformation features such as fractures, and derived from the finite element model as a
strain values. Finite element modeling is used to test changes in mechanical properties

at the metre scale and compare the results to observed outcrop fracture distribution.

Fractures, which include joints, veins, or small-displacement faults, occur within
fine-grained lithologies and can act as loci for fluid flow over various timescales
(Lacazette and Engelder, 1992). Open-mode fractures can propagate under low strain
conditions (Olson et al., 2009; Warpinski et al., 2009) and act as important permeable
pathways for subsurface fluid flow (Aydin, 2000; Laubach, 2003; Raduha et al., 2016;
Sibson, 1996; Warpinski et al., 1991). In stacked stratigraphic successions of variable
lithologies, fractures can terminate, bifurcate or become refracted with failure modes
(Mode | or Il) changing between layers of differing mechanical properties (Ferrill et al.,
2012; Ferrill and Morris, 2003; Larsen et al., 2010; Morris et al., 1996; Sibson, 1994,
1996, 2003). Accurate predictive geologic models of fracture prone zones or zones of
preexisting fractures can be derived from geophysical data but needs calibration with
data from outcrop and/or core. The possibility of formation of new or the reactivation of

existing fractures in fine-grained lithologies requires development of accurate

3



73

74

75

76
77
78
79
80

81

82
83
84
85
86
87
88

89

90
91
92

93

geomechanical models that utilize appropriate mechanical properties and real-world

stratigraphy.

STUDY AREA AND GEOLOGIC SETTING

The top of the Jurassic Navajo Sandstone and the overlying Carmel Formation in
central Utah are examined as a natural analog for how fractures are distributed in
heterolithic successions. The outcrop locality occurs in a road-cut adjacent to |-70 (38°
51'0.60"N, 110°54'14.48"W), on the western limb of the San Rafael Swell, Utah and
shows evidence for past fluid migration and fracture propagation at the sub-metre scale

across mechanically distinct sedimentary boundaries (Figure 1 and 2).

The Jurassic Carmel Formation is a fine-grained mixed siliciclastic-carbonate
sedimentary succession that at the study locality represents deposition in the near-shore
marine to sabkha environment (Figure 2) (Blakey, 1994; Caputo, 2003; Hintze and
Kowallis, 2009). The well-exposed Carmel Formation is an excellent field analog for the
study of a heterolithic, low-permeability sedimentary succession, and is the caprock seal
to the underlying Navajo Sandstone (Figure 2). The Navajo Sandstone is a high
permeability aquifer and hydrocarbon reservoir deposited as part of an extensive

Jurassic erg system (Blakey, 1994).

The San Rafael Swell is an asymmetric, east-vergent, doubly plunging anticline
with a NNE-trending hinge-line (Bump and Davis, 2003; Davis and Bump, 2009; Gilluly,
1929). The San Rafael Swell developed from ~93 Ma to 58 Ma (Fouch et al., 1983;

Guiseppe and Heller, 1998; Lawton, 1985; Molenaar and Cobban, 1991; Shipton and



94

95

96
97
98
99
100
101
102
103
104

105

106
107
108
109
110
111

112

113

114

115

Cowie, 2001), due to east-west directed compression during the Sevier and Laramide

orogenic events.

Within the San Rafael Swell normal and normal-oblique faults strike WNW across
most of the San Rafael Swell and ENE in the southern portion. Normal faults strike NNE
around the outcrop location along the western limb of the San Rafael Swell (Figure 1)
(Bump and Davis, 2003; Doelling, 2002; Kelley and Clinton, 1960; Krantz, 1988; Shipton
and Cowie, 2001; Witkind, 1988). This change in extension direction in the northwestern
portion of the San Rafael Swell is likely associated with a change in stress field from that
of the Colorado Plateau, which is dominant across most of the structure to the Basin and
Range on its northwest flank (Heidbach et al., 2008; S. Janecke, 2013, personal
communication). Modern maximum principal stress orientation along the western limb of

the San Rafael Swell are NNE (~008° Az) (Heidbach et al., 2008).

This paper presents results from finite element analysis of geomechanical
models that are based on field observation of mechanical stratigraphy and dynamic
elastic moduli derived from geophysical borehole data over the reservoir seal interface
and an interbedded seal with variable lithologies. These models evaluate the strain
distribution within the modeled locked mechanical interfaces under a given load and do
not attempt to represent tectonic loads associated with formation of the San Rafael

Swell.

METHODS

The response of mixed carbonate-clastic successions is examined by populating

numerical-mechanical models with data derived from surface exposures and nearby
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boreholes. The Carmel Formation was chosen for evaluation because of its thin
intercalated nature of alternating limestone, mudstone, siltstone and shale as well as
evidence for subsurface mechanical failure and fluid flow (Figure 3). Additionally,
publically available geophysical bore hole data across the Navajo Sandstone and
Carmel Formation allowed us to derived elastic moduli using geophysical wireline log

data from offset boreholes (Petrie et al., 2012).

Results from geomechanical models are based on outcrop and geophysical
wireline analysis over the basal 9 m of the Carmel Formation (caprock seal) and upper 3
m of the underlying Navajo Sandstone (reservoir) (Figure 4) (Petrie et al., 2012). The
models and outcrop data presented here evaluate interfaces that are below resolution
limits of most seismic reflection data (<10m) but are resolvable with borehole geophysics
(61 cm). These models consider the impact of variation of two parametres on rock
behaviors: changes in elastic properties and unit thicknesses within a stacked
succession. Variations in local stress orientations and/or tensile stresses at the fracture
tip have been considered by previous workers (Gudmundsson, 2009; Larsen et al.,

2010).

The dynamic elastic moduli, Young’s modulus and Poisson’s ratio, calculated
from geophysical wireline logs are used to quantify the elastic mechanical properties of
the lower Carmel Formation and upper Navajo Sandstone. These dynamic elastic
moduli are combined with the outcrop based mechano-stratigraphic interpretations to
evaluate the potential for deformation (manifested as fractures) to exist in the subsurface
(Petrie, et al., 2012). A history matching technique is used to compare finite element

model (FEM) results to observed and measured field data (Schlumberger Oil Field
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Glossary, 2013), in this paper the modeled strain distribution is compared to the
deformation features observed in outcrop to understand the model fit and its potential

predictive abilities.

OUTCROP METHODS

Fracture inventory data were collected at the outcrop location using scanlines,
2x2 m window surveys, and photogrammetry. These data include fracture orientation,
distribution, termination, length and mineralization (La Pointe and Priest, 1983), in
addition to field-derived compressive strength and permeability data. An N-type Schmidt
hammer was used to collect estimates of unconfined compressive strength over the
stratigraphic section; detailed methodology for these measurements are given in Selby
(1993) and Petrie et al., (2012). Outcrop permeability data was collected using a
TinyPerm Il field permeameter (NER, 2012). Both the outcrop derived permeability and
compressive strength measurements were obtained on clean surfaces away from cracks
or outcrop edges to limit the effects of adjacent free surfaces. The outcrop data were
used to identify mechano-stratigraphic divisions but likely overestimate permeability

(Fossen et al., 2011), and underestimate compressive strength (Selby, 1993).

By combining these outcrop datasets, areas within the heterolithic seal were
identified where changes in lithology(s) results in significant changes in deformation
behavior. Each mechano-stratigraphic unit shows a similarity in fracture distribution,
permeability, unconfined compressive rock strength and stratigraphic stacking pattern

(Figure 4).

MODELING METHODS
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The finite element modeling (FEM) method was used to examine how changes in
mechanical properties at the reservoir-seal interface and across sedimentologic
boundaries within the seal effect strain distribution. The free student version of
AbaqusFEA® (DassaultSystemes, 2011), a finite element analysis (FEA) software
program, was used to create geomechanical models for an elastic, deformable, layered-
solids. In this version of AbaqusFEA® the model domain is limited to analysis of 1000
nodes and following engineering convention the resultant numerical shortening strain
values are negative and extensional strain values are positive. AbaqusFEA® solves the
constitutive equations for elastic solids at nodes subjected to applied loads and the
boundary conditions. The resultant deformed block can be used to obtain strain values

at observation points anywhere within the block.

Models presented here examine a relatively small volume (12 m x5 m x 5 m)
and involve stratigraphic changes over small distances (0.25 - 1m). Data for these
models were combined with the previously defined mechano-stratigraphic observations
(Petrie et al., 2012) and the calculated dynamic elastic moduli derived from offset
exploration and production boreholes to populate the geomechanical models with rock
properties and layer thickness. The models capture the lithologic heterogeneity within
the basal 9 m of the Carmel Formation and include the upper 3 m of the underlying

Navajo Sandstone reservoir (Petrie et al., 2012).

Physical properties required for each model include; Young’s modulus, Poisson’s

ratio, magnitude of horizontal and vertical stress (loads), and layer thickness.

Elastic Moduli
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The calculation of the dynamic elastic parameters, Poisson’s ratio, and Young’s
modulus requires compressional velocity (V,) and shear velocity (Vs). Velocity data can
be obtained directly from dipole sonic logs and previous workers have establish
empirical relationships between V,, Vs, and lithology using global data sets of laboratory
measurements, seismic data, and wireline log data (Pickett, 1963; Castanga et al.,

1985).

Using data from two control wells in the Drunkards Wash field, Utah D7 (API: 43-
015-30338) and Utah D8 (API: 43-007-30431), which contain dipole sonic data, we
derive V, and V; directly from log data (Figure 5). Data from these wells are used to
evaluate the validity of deriving Vs from V, data alone (Pickett, 1963; Castanga et al.,
1985) and were then used to calculate Vs from the available V, logs in all other
boreholes (Figure 5). Evaluation of the Navajo Sandstone and Carmel Formation in
these two Drunkards Wash boreholes show three clear V-to-V; relationships that can be
grouped by their GR value ranges, with GR serving as proxy for lithology. The V,-to-Vs
relationships within these two control wells over specific GR values are comparable to
those established by previous workers for specific lithologies and mineralogies (Pickett,
1963; Castanga et al., 1985, Ellis and Singer, 2007), (for details on methodology see
Petrie et al., 2012). In the models presented here we use dynamic elastic moduli
derived from 43-015-30232 (Figure 5), the closest along strike offset borehole, ~12 km,

from the outcrop location.

Given the relationships observed in the control wells and the consistency of this
relationship with those previously published (Pickett, 1963; Castanga et al. 1985, Ellis

and Singer, 2007), we derive an estimate of shear velocity from V, and in turn calculate
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dynamic values for Poisson’s ratio, equation 1, and Young’s modulus, equation 2, for the
interval of interest using compressional velocity wireline log data alone. McCann and
Entwisle (1992) provide equations for solving Poisson’s ratio (dynamic) vq:

1 [GR2-2
Va =3 [—V ] (1)

GR2-1
and Young’s modulus (dynamic) Egq:

Eq=2%x (V)(1 = vq) (2)
The linear relationships used in the calculations of shear velocity results in Poisson’s

ratio displaying an average value over each GR interval, equation 1 (Figure 6).
Stress Magnitude

The magnitude of applied stress in the multi-layered models was estimated by
considering uniaxial strain conditions and calculating the magnitude of vertical (S,) and
horizontal (Sy) stress experienced in the subsurface at maximum burial depth. Maximum
burial depth was determine by creating a burial history curve using OSXBackStrip
(Cardozo, 2010) and is based on the compiled stratigraphic section for the San Rafael
Swell (Hinzte and Kowalis, 2009). The burial history curve is uncorrected for
compaction. Maximum stress is estimated for an Andersonian tectonic stress orientation

in a normal fault regime (Sy=01); where
Sy, = pgz (3)

Su=Sn=0,=05=(==) (S,—B) (4)

10
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p is rock density (p=2.6 g/cm?), g is the gravitational acceleration (g=9.823 m/s?), vis
Possion’s ratio , where we use a nominal value of v=0.25 for the calculation of far field
horizontal stresses, and P, is hydrostatic pore fluid pressure (Anderson, 1951; Eaton,
1969; Engelder, 1993). The magnitude of S, is based on the lithostatic load (equation 3)
and maximum burial depth estimated as 4.4 km. A uniaxial strain model is used to solve
for the horizontal stresses Sy, and Sy; where S, and Sy are equal and represent the

principal stresses o, and os.
Model Parameters

Two model scenarios were built; each based on stratigraphic thickness variations
that are too small to be detected by high resolution reflection seismic data, but in outcrop
show variability in fracture distribution and whose geophysical wireline data show clear
variations in derived elastic moduli (Figure 6). Each modelis 12 m x5 m x 5 m in total
size. Individual model layer thicknesses are based on the mechanical stratigraphy
defined by outcrop and/or elastic moduli. Each layer was built using the thickness value
and assigned material properties listed in Table 1, each layer is treated as solid cell
within the model. The layers where then assembled with locked interactions between

layers, the assembly was meshed and horizontal and vertical loads applied.
Boundary conditions

The boundary conditions and applied loads for each model scenario are identical.
Each scenario has a fixed base (0 strain) and is under vertical and horizontal loads
defined by the estimated S, (c1) and Sy, (62 and o3) values (Equations 3 & 4). The
vertical load estimate S, is 113 MPa and S;, is estimated to be 66.5 MPa (Equation 4 &

11
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Figure 6). The FEA was conducted in a single step applying the vertical and horizontal
stresses as uniform pressure to all sides except the fixed base. Since we assume Sy =
Sy, and to make the problem tractable, we consider a plane strain problem, in order to
solve exactly for stresses and strains in the model. Thus we allow no deformation
occurring in the x plane (Figure 7), where a fixed base prevents deformation. The fixed
base boundary condition means constraint on all displacements and rotation at nodes

(U1=U2=U3=UR1=UR2=UR3=0); where U are translation UR are rotation axes.

Model layers

Model | is a three-layer model based on field observations of mechanical
stratigraphy alone and Model Il is based on a combination of the outcrop-defined
mechanical stratigraphy and observed variability in calculated elastic moduli from
geophysical logs (Figure 6). The variations in physical properties (layer thickness, E,

and v) between the model scenarios are listed in Table 1.

Model | has layer thicknesses based on outcrop mechano-stratigraphic divisions.
Elastic moduli for model | were averaged from the wireline logs, that is the upper 3 m of
the Navajo Sandstone reservoir, and two divisions within the Carmel Formation of 4 m
and 5 m each (Figure 6A & Table 1). In Model | v is fixed and E varies based on

average E values over the layer thickness.

Model Il also used the average elastic moduli in the upper 3 m of the Navajo
Sandstone. Layer distribution and associated elastic moduli within the seal are based

on changes in gamma ray lithology over wireline log thickness greater than 61 cm that
12
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are also associated with shifts in Young’s modulus (210 GPa) and Poisson’s ratio
(Figure 6B & Table 1). Using these criteria two layers were added the middle of Model Il
these are associated with lithologic changes observable in GR logs within mechano-
stratigraphic unit 2 & 3. Model Il explicitly breaks out the fine-grained intervals in the Co-
Op Creek and lower Crystal Creek Members. In model I, v varies from 0.21 to 0.30 (~
25 % variation over typical values for sedimentary rocks) and E varies from 17.2 to 33.7

GPa, which is up that 50% variation for typical values in sedimentary rocks.

In each FEM scenario the grid blocks are defined by the layer thickness, and
strain values are computed at each node point where node points are defined by the
intersection points of each grid block. Strain values from the models are displayed as
the maximum principal strain (horizontal) taken at the vertical observation points near
the center of each deformed model (Figure 8 & 9). Because the lower boundary is a
fixed plane of zero strain, the model domain was configured to examine strains in the

caprocks, boundary effects occur within the basal unit.

The strain response of model layers 2 through 5 were evaluated with regard to
the elastic properties to understand the interplay between elastic moduli and resultant
deformation by employing a history matching technique, borrowed from reservoir
engineering, (Schlumberger Oil Field Glossary, 2013). This compares FEM strain
distribution results to the observed outcrop fracture distribution to understand the
importance of heterogeneity and the detail required to capture strain distributions that
are representative of the observed fracture distribution. In this case the FEM results are

used to evaluate the detail required to predict the presence of fracture or potential for
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inducing fractures. In outcrop, layers with higher fracture densities are thought to have

experienced more strain thus allowing for comparison to the model results.
RESULTS
Field Observations

At the study locality the Carmel Formation dips gently (09 + 02°W), and all 4
members are exposed in a partial section (Figures 1 and 2)(Petrie et al., 2012). The
basal portion of the Carmel Formation consists thin- to medium-bedded, quartz-bearing
pelloidal micrite, thin- to medium-bedded bioclastic wackestone, calcareous mudstone
and shale of the Co-op Creek and lower Crystal Creek Members. These fine-grained
low-permeability units (1.5x10"°to 5.2 x 10""* m?) unconformably overly the Navajo
Sandstone reservoir and are considered in this study to be the primary seal (Figures 2
and 4). Lithologic interfaces mark the boundary between mechanical units and fractures
are observed to refract, bifurcate, propagate across, or arrest at these boundaries

(Figure 3).

The uppermost portion of the Crystal Creek Member consists of medium to thick-
bedded gypsiferous sandstone, mudstone and anhydrite beds; the Crystal Creek
Member is overlain by siltstone and mudstone of the Paria River Member. At this
outcrop only the lowermost portion of the Winsor Member is exposed, which is an
interbedded micritic limestone, calcareous mudstone and siltstone. Prior analysis (Petrie
et al., 2012) characterized the entire 37-m thick section (Figure 2) and has shown that
veins cross-cut lithologic boundaries and extend up to 10 m vertically from the reservoir

seal into the overlying Carmel Formation (Petrie et al., 2012). This outcrop data

14



313
314

315

316
317
318
319
320
321
322
323
324

325

326
327
328
329
330
331
332
333
334

335

delineated 5 mechano-stratigraphic units based on similarities in fracture spacing, bed
thickness, Schmidt hammer-derived unconfined compressive strength, and air

permeability measurements (Figure 4) (Petrie et al., 2012).

Field-derived unconfined compressive rock strength and permeability estimates
vary stratigraphically within the Carmel Formation (Petrie et al., 2012). Average
compressive rock strength is lowest in the Navajo Sandstone and increases up-section
with the highest average unconfined compressive rock strength and lowest average
permeability occurring in the thinly bedded heterolithic portion of the lower Carmel
Formation (Figure 4). The lithologic heterogeneity of this portion of the Carmel
Formation imparts varied mechanical properties over scales of 10 cm to 1 m (Figure 4).
Fractures are preserved as calcite veins in the limestone lithologies or as shear fractures
in the mudstone and shale lithologies and are characterized by limonite fracture margins

and calcite or gypsum veins in the fracture center (Figure 3) (Petrie, et al., 2012).

The finite element models presented here examine the lower 9m of the seal and
upper 3 m of the reservoir encompasses mechano-stratigraphic units 1, 2, and 3 (Figure
3). The lowermost mechanical unit, unit 1, (Figure 3), is the Navajo Sandstone reservoir,
a high permeability (1.03e™" m?), thick-bedded (8 to 10 m), low fracture density (1.9
fractures per m) quartz arenite. Fractures within the Navajo Sandstone include open
joints and fault deformation bands. Unit 2 is composed of interbeds of thin-bedded
quartz-rich limestone, siltstone, mudstone, and shale; this unit coarsens and becomes
more fossiliferous upsection. Unit 2 has a much lower permeability than the underlying
reservoir interval with an average permeability of 3.55e'* m?and a higher normalized

median fracture density of 4.7 fractures per m. Unit 3 is finer-grained; has a lower
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average permeability than the other two mechanical units, (9.87e™'* m?), is more thinly
bedded and has a higher fracture density, (6.0 fractures per metre) than the underlying

unit 2 (Figure 3).

Veins, step-over fractures, refracted normal faults and bifurcated fractures are
common in mechano-stratigraphic units 2 and 3, and low angle to bedding fractures are
observed within the shale layers (Figure 3A-C). Dilational jogs are common across the
lithologic interface with calcite veins occurring in limestone facies and transitioning to
shear fractures within the over and underlying mudstone or shale facies (Figure 3D).
Calcite veins, limonite and gypsum veins are symmetric indicating that open mode and
shear fractures were the loci of fluid flow. In thin-section mechanical twins are observed
within the calcite veins and their presence indicates that fracture opening and
mineralization occurred at some depth prior to further deformation and formation of
twinning lamella. Similar near vertical calcite veins occur throughout the Carmel
Formation at this and other localities in the San Rafael (Barton, 2011; Raduha et al.,

2016).

Fractures at this outcrop exhibit two dominant strike orientations - NNW and NNE
(Figure 8). The majority of fractures within the Carmel Formation, including veins, and
fault deformation bands in the Navajo Sandstone strike NNW. Within the Carmel
Formation, the carbonate mudstone, mudstone, and siltstone horizons of the Carmel
Formation exhibit a greater dispersion in strike orientations than the limestone and

sandstone lithologies (Figure 8B).

Model Results
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The boundary conditions applied to the 3D-block models require that as in nature
they remain blocks, and as such predict changes in strain distribution and localization at
and across interfaces because of the varied mechanical properties of the rock. Both
model configurations predict localized strain transitions with strain variations across the
reservoir seal interface and in Model scenario Il at unit boundaries within the seal
(Figures 9 & 10). Edge effects at the block boundaries are noted and may be the result
of model size or applied boundary conditions, for this reason strain values were taken

near the center of each deformed model to avoid edge effects.

Model | depicts a 3-layer sequence with values of Eq and vq4 derived from wireline
logs averaged over the unit thickness defined by outcrop mechanical stratigraphy alone
(Figures 6 & 9). The lowest strain magnitude occurs within the reservoir, and increases
toward the boundary between the reservoir and overlying seal. Within the seal strain
values are similar and decreases slightly upward (Figure 9). The scale at which the
mechanical unit thickness and elastic moduli values were averaged results in
homogenization of strain values within the seal. This strain homogenization is not
supported when compared to fracture densities observed outcrop (Figure 9). However,
the higher strain values within the caprock seal relative to that of the underlying reservoir
suggest that the seal would be prone to mechanical failure, fracture formation and
propagation across the reservoir-seal interface and creation of fracture permeability

allowing fluid to flow vertically across intra-seal interfaces.

In contrast, Model Il depicts 5 layers, in which mechanical properties are based
on finer scale shifts in dynamic elastic moduli values and lithologic variations observed in
the wireline logs (Figure 6). Addition of two low E4 and moderate v4 values increases the
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heterogeneity within this model and characterizes the shale-rich layers of the lower
Carmel Formation and in the model are isolated by stiffer, more incompressible layers

(higher Eq and vq) (Figure 6).

The vertical strain profile from Model Il shows a decrease in strain magnitude
across the reservoir-seal interface and an increase in strain magnitude across the shale
layers (units 2 and 4) within the caprock seal. These results highlight the importance of
using accurate estimates of Poisson’s ratio and Young’s modulus in a stacked
stratigraphic succession. In general, rocks with larger values Young’s modulus may be
prone to fracture because they are stiffer, however as Model |l shows variation in values

of Poisson’s ratio also plays an important role in strain distribution.

Units 2 and 4 have v values higher than that of the underlying reservoir but lower
than adjacent beds within the seal, and low E relative to the reservoir and surrounding
seal. The heterogeneity in mechanical properties and the interaction between changing
values of Poisson’s ratio and Young’s modulus results in: 1) a decrease in strain values
at the reservoir-seal interface at unit 1 / unit 2 interface, 2) an increase in strain between
unit 2 and unit 3 which corresponds to an increase in observed fracture density in
outcrop, and 3) a marked increase in strain values within unit 4 (Figure 10). The strain
distribution results suggest that fractures would not necessarily tip out within the shale
layers but might propagate across boundaries potentially as shear fractures, as
observed in outcrop (Figure 2). Unit 5 has the largest values for E and v and the highest
strain values within the entire seal interval, and this is reflected in outcrop as high
fracture density within this mechano-stratigraphic unit (Figures 4). Unit 5 shows an
overall decrease in strain up-section, and this decrease in strain at the top of unit 5 may
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be a modeling artifact associated to its position within the model or due to layer

thickness (Bai and Pollard, 2000; Gross, 1993).

In Model Il abrupt changes in strain values are observed across all mechanical
unit interfaces. Using the nature of strain distribution in these models as a proxy for
fracture distribution, regions of increasing strain values across interfaces indicate layers
that are likely fractured or will fracture due to increased pore fluid pressure (reduced
effective stress), or differential stress. Model |l results capture more variability in strain
distribution as well as larger shifts in strain magnitude at and across interface
boundaries than Model I. The additional layers in this model provide an overall better

match to the observed fracture distributions in outcrop and preserve its heterogeneity.

The variability in mechanical properties in the models presented here result in
strain distributions that suggest: 1) strain magnitudes change at interface boundaries, 2)
thin shale layers do not prevent fracturing or inhibit propagation of fractures across
interface boundaries (Larsen et al., 2010; Rijken and Cooke, 2001), 3) fractures can be
widespread within a heterolithic package, and 4) the interplay between elastic moduli
and unit thickness will affect modeled strain distribution. In order to capture the natural
heterogeneity in fracture distributions realistic values of elastic moduli must be applied to

model scenarios.

Discussion

The field observations of the coincident orientation of veins and deformation
bands and fractures within the Carmel formation suggests a similar history of formation

and timing of deformation. The veins observed in the Camel Formation and the fault
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deformation bands in the Navajo Sandstone likely represent paleo-stress directions
related to the Laramide uplift and associated deformation along the western edge of the
San Rafael Swell (Anderson and Barnhard, 1986; Davis and Bump, 2009). Joints in the
Carmel Formation and Navajo Sandstone are oriented NNE this fracture set is
interpreted as reflecting the present day maximum horizontal principal stress orientation

(Figure 8) (Heidbach et al., 2008).

The calcareous siltstone, mudstone, and shale lithologies of the Carmel
Formation exhibit a greater dispersion in strike orientation of fractures (Figure 8B). This
dispersion and its association with lithology suggest that each lithology responds
differently to stress. In a stratigraphic succession with lithologic changes variable
fracture distributions are likely and will affect fracture patterns and in turn fluid flow
pathways at depth (Ferrill et al., 2012; Sibson, 1996). This may be due to the
development of tensile stress ahead of the fracture tip, rotation of localized stress
orientation at lithologic boundaries, and/or variation in elastic properties across

interfaces (Larsen et al., 2010).

Field observations suggest that stratigraphic heterogeneity has influenced the
variability in fracture pattern, rock strength and permeability throughout this exposure of
the Carmel Formation (Petrie et al., 2012). Higher fracture densities, permeability, and
compressive rock strength are observed in the thinly bedded heterolithic facies of
mechano-stratigraphic units 2 and 3 of the Carmel Formation (Figure 3), these
continuous fractures are observed as fault deformation bands in the reservoir and as

veins or shear fractures in the overlying sealing stratigraphy (Figure 3).
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Modeling results indicate that the potential for subsurface failure and fluid flow
would not be restricted to the low fracture strength units (incompressible and stiff, large v
and large E values). Comparison of the model results highlights the importance and
effect of small-scale (<1 m) stacked variations of elastic moduli and the importance
capturing E4and vy variations to model results. Understanding or predicting where
natural fractures occur or induced fractures are most likely to propagate requires
incorporation of data that is representative of stratigraphy at the sub-seismic scale. At
low effective confining pressures, mechanical failure may occur by slip across faults or
by development of open-mode or hybrid shear fracture networks, and these types of
failure are important in forming fluid-flow pathways in low-permeability rocks (Sibson,
1996) (Figure 11). Observations made in outcrop, in this and other studies, shows that
changing mechanical properties between sedimentary layers effects vertical connectivity
of fractures due to refraction and changes in failure mode as well as termination,
deflection, bifurcation and occurrence of bed parallel slip (Ferrill and Morris, 2003;
Larsen et al., 2010; Petrie et al., 2012; Raduha et al., 2016). Although the model results
presented are not used to predict failure mode they do highlight the importance of strain
distributions within and across layers of changing mechanical properties and the results
suggest that layered models can be used to identify zones of high strain and high natural
fracture densities as well as zones in which mechanical failure and fracture propagation

may occur more readily.

CONCLUSIONS
We develop a method to use field-based observations and wireline log data to

determine the elastic properties of thin-bedded rocks, and show how deformation in

21



473
474
475
476
477
478
479
480
481
482
483
484
485
486
487
488

489

490
491
492
493
494
495

496

these rocks can be modeled with finite element methods to understand rock fracture in
thin-bedded rocks. The results presented here can be used to understand the effect
variations in elastic properties have on strain distributions at and across stratigraphic
interfaces. This evaluation bridges the correlation gap between outcrop and subsurface
environments by evaluating the meso-scale (cm to m) variability observed in outcrop,
incorporating these observations into a mechano-stratigraphic framework and then to a
geomechanical model populated with borehole-derived dynamic elastic moduli.
Integration of field (analog) and subsurface datasets for appropriate modeling of the
geomechanical response of heterolithic, fine-grained, low-permeability rocks is key in
producing accurate model results. The strain distributions in the models indicate that
fractures would propagate across mechanical boundaries; this result is supported by
field observations. Variations in strain magnitudes across locked mechanical interfaces
occur in both model scenarios, suggesting that an elastic mismatch between layers can
result in significant changes to strain distribution in the subsurface. Both models
suggest that strain values vary within the different horizons, imply that the interaction
between the elastic moduli across horizons plays an important role in the distribution of

strain in the subsurface.

The more detailed model scenario, conditioned on outcrop and subsurface
constraints for the fundamental elastic moduli, is a more accurate predictor of
subsurface strain distribution and expected deformation. Comparing the outcrop fracture
distribution to the model strain results show that variability in strain distribution can be
used to predict the natural deformation response manifested as more fractures in high
strain regions. Although neither model is able to replicate some of the thin bed (< 0.5 m),

high fracture density units, the use of both mechanical stratigraphy and wireline-derived
22
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dynamic elastic moduli allowed for better overall prediction of strain distribution in the
subsurface. Elastic mismatch across interfaces leads to strain differential and the model
results highlight the importance of rock properties and the interactions between layers to

understanding subsurface fracture distribution.
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Figure and Table Captions

Figure 1. Generalized geologic map of the San Rafael Swell showing the location of
major faults and the approximate axial surface of the San Rafael Swell. The detailed
surface geology of the study area is shown on the left. Maps are modified from (Barton,
2011; Hintze and Kowallis, 2009; Hintze et al., 2000; Petrie et al., 2013)

Figure 2. Measured stratigraphic section at the outcrop location with outcrop photograph
showing the stratigraphy modeled in this paper.
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Figure 3. Outcrop photographs, vertical cross-section view, showing outcrop examples
of fracture morphology and interaction. Sketch maps based on fracture occurrence and
types are provided on the right. Photos are from the following stratigraphic locations: A
-9m,B-85m,C-6.25m,D-5m,and E-3.25m. In outcrop deformation bands are
observed in the Navajo Sandstone. Shear fractures and veins are observed in Carmel
Formation.

Figure 4. Stratigraphic column and data used to define mechano-stratigraphic units from
the Navajo Sandstone and Carmel Formation. Data shown are in the stratigraphy
modeled in this paper and the mechano-stratigraphic divisions were previously
determined from Petrie et al., 2012. Each mechano-stratigraphic units shares
similarities in bed thickness, fracture distribution, air permeability, and unconfined
compressive strength based on Schmidt Hammer rebound values.

Figure 5. Map of the sources of the borehole data used to derive elastic moduli. Data
from 43-015-30232 was used in the models presented here. Map modified from
(Doelling, 2002a; Hintze et al., 2000; Petrie et al., 2012)

Figure 6. Model layering schematic depicting the observations in outcrop and wireline
logs used to populate the model domain with mechanical properties and unit thickness.
A) Model | is a 3-layer model based on mechano-stratigraphic units identified by outcrop
analysis. B) Model Il is based on observed shifts in lithology from Gamma Ray logs, and
variations elastic properties.

Figure 7. Model configuration showing applied boundary and pressure conditions for the
FEM scenarios. A) Model | - three-layer model and B) Model Il — five-layer model. Both
models have a distribution of material properties based on layer thickness, a fixed base,
a vertical stress equal to Sv, and horizontal stress equal to Sh on all vertical margins.
No deformation occurs in the x-axis direction and a fixed base prevents all displacement
and rotation on the basal nodes.

Figure 8. A) Rose diagrams of strike orientation data showing the two fracture sets and
common orientations observed between the Navajo Sandstone and Carmel Formation.
B) Stereographic projection of poles to planes of fractures within the limestone and shale
facies of the Carmel Formation.

Figure 9. Numerical modeling results for plane strain Model I. Vertical strain profile
values derived from observation points taken near the center of the model, shown by red
line on block diagram. Fracture density from outcrop scanline data shown at far right.

Figure 10. Numerical modeling results for plane strain Model Il. Vertical strain profile
values derived from observation points taken near the center of the model, shown by red
line on block diagram. Fracture density from outcrop scanline data shown at far right.

Figure 11. Modified Mohr-Coulomb-Giriffith relationships showing interaction between
rock properties and stress. A. In outcrop, shear, extensional shear and extensional
fractures have been observed. B. Failure mode will depend on the state of stress or
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716  rock material properties (i.e. shape of the failure envelope). Purely extensional fractures
717  are limited to a small range of orientations relative to the least principal stress, and the
718  rest of the region, extensional-shear fractures are predicted. (11 and (3 are the

719  maximum and least principal stresses; Ue-s is dip of extensional shear fracture and s
720  is dip of shear fractures. (Modified from Sibson, 2006).

721

722  Table 1. Model parametres.
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