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Abstract

Production decline from wells producing from shale rocks is typically quite rapid. One possible factor responsible for
such decline is loss in fracture conductivity. This is true in the case of the Tuscaloosa Marine shale reservoir. In this
work, the stress-dependent fracture conductivity of TMS core samples is investigated using five propped cores under
varying stress conditions. In addition, the effects of static rock mechanical properties and rock mineralogy on
conductivity decline are investigated. The mineralogy of each core sample was determined by X-ray Diffraction
analysis. Fracture conductivity was measured using a Hassler-type pressure core holder with a pressure rating of
15,000 psi (103.42 MPa). Estimated rock mechanical properties showed that shale anisotropy could affect fracture
conductivity. The time decline in conductivity revealed two possible decline trends, a) decline from the reduction in
induced fracture width, and b) decline from the healing of developed micro-cracks. An exponential decline in fracture
conductivity with increasing confinement pressure was observed with an average decline rate constant of 3.15 X
1071% mPa!. While rock mineralogy did not have any clear relationship with conductivity decline, the effects of rock
mechanical properties were only important at 10.34 MPa confinement pressure and above. The observation showed
that a high Young's modulus correlate to high conductivity, whereas a high Poisson’s ratio correlate to low
conductivity. This study provides useful observations for optimizing fracture design to enhance well productivity in

the TMS.

1. Introduction

Hydraulic fracturing technology is widely used in shale well completions to improve shale rock permeability. The
fracturing process creates a network of conductive fractures which improves wellbore connectivity to the shale
formation (Jianguang et al. 2021; Meng et al. 2020; Wei and Xia 2017; Ming et al. 2017). Sustained conductivity is
achieved by use of proppants to hold open these fractures against closure stress (Xu et al. 2018). This facilitates the
efficient transport of fluids from the formation to the wellbore to achieve economic production (Lei et al. 2021;
Jianguang et al. 2021; Yun et al. 2016). However, fracture conductivity in shale formation decreases rapidly after a
few months of production (Lei et al. 2021, Yang et al. 2019). This results in a rapid production decline after a high
initial production, a trend typical of shale well production (Fan et al. 2021; Jiang et al. 2019; Yang et al. 2019).

The loss of fracture conductivity can be attributed to reduction in fracture permeability under high-stress

compaction (Wang et al. 2021; Jiang et al. 2019). The effective stress at fracture face increases during production
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because of reduction in fluid pressure. This causes not only compaction, but also proppant embedment and, in some
cases, proppant crashing (Belhaj et al. 2009; Chen et al. 2017; Luo et al. 2018; Zheng et al. 2020). Proppant embedment
and crashing reduces fracture aperture significantly and can lead to the total closure of fractures.

Fracture conductivity loss is not always as a result of reduction in aperture size but also because of proppant
and fracture fluid properties (Shaibu and Guo 2021; Wang and Elsworth 2018; Zhang and Mack 2017). Proppants are
either water-wet, oil-wet, or mixed-wet. The right proppant wettability needs to be determined to enhance hydrocarbon
flow from the fractures to the wellbore. Surface coating of proppants with nano-particles to alter the wettability have
been shown to be effective in optimizing proppants for hydraulic fracturing (Awan et al. 2021). Fracturing fluid
rheology and proppant properties affects the efficient transport and placement of proppants in created fractures. As
shown in Fig. 1, the uneven distribution of proppants in a fracture affects the closure behavior of the fracture which
ultimately affects the fracture conductivity. Deciding the optimum combination of proppant properties and fracture
fluid properties is required for effective hydrocarbon flow, and for maintaining fracture conductivity (Wang et al.
2020a; Mittal et al. 2018; Wang and Elsworth 2018).

High viscosity injection fluids may be used in longer fractures to enable injected proppants to remain
suspended for longer periods while the fluid move through the fractures (Wang and Elsworth 2018). The use of high
viscosity fluids, however, features thickening agents which presents problems of gel breaking at in-situ conditions.
The effect of gel breaking on fracture conductivity has been investigated by Wang et al 2020b and Chauhan et al.
2019. Low viscosity fluids, where proppants are most likely to fall out from suspension, could be used with high
injection rate to achieve efficient distribution of proppants. This is similar in a way to cuttings transport in horizontal
boreholes during drilling where high flowrates are used to achieve efficient cuttings transport (Khatibi et al. 2018).

Also, of significance to fracture conductivity loss is particle migration and accumulation. Particles of various
sizes could detach from the formation during long term production and accumulate within fractures (Wang et al.
2020a; Guerra et al. 2018). This forms a blockage within the fractures and in the near wellbore area, obstructing fluid
flow. All the factors related to proppants and fracturing fluids as stated above form part of operational procedures

which need to be optimized during completion design.



63
64
65
66

67
68

69
70
71
72
73
74
75
76
77
78
79
80
81
82
83
84

End of pumping Closed

A

Arches

W,(z) W(z)

Fig. 1. Cross section of a blade-shaped fracture with uneven proppant distribution at the end of pumping (left) and after fracture closure (right)
(after Wang and Elsworth 2018).

Formation mechanical properties and mineralogy also influence fracture conductivity (Jiang et al. 2019;
Zhang et al. 2015). According to Jansen et al. 2015, higher Young’s Modulus is important for maintaining fracture
width especially in unpropped fractures, by resisting deformation due to effective stress. Zhang et al. 2015 showed
through experiments that clay mineral content causes excessive proppant embedment. This is because of the
susceptibility of clay minerals to softening during rock-fluid interaction. This observation is corroborated by Zhong
et al. 2019. In shale formations with high calcite content such as the Eagle Ford shale, acid fracturing is required to
dissolve the calcite and etch flow paths (Desouky et al. 2021).

While several factors affect fracture conductivity decline, fracture closure remains the most important in
clay-rich shales such as the Tuscaloosa Marine Shale (TMS). This is due to rock-fluid interactions—the TMS has high
clay mineral content (~50 wt. %) (Ahmadov and Mokhtari et al. 2020). Such shales are highly susceptible to water
and soften at the fracture face, leading to significant proppant embedment with increasing stress. A good number of
literature exist on fracture conductivity for the major shale plays in North America. The TMS is relatively new in
terms of development with limited studies characterizing its properties. The objective of this study is to gain new
knowledge in terms of hydraulic fracture behavior under varying stress conditions. This will be useful for optimizing
fracture design to enhance well productivity and oil/gas recovery in the future.

Six TMS core samples were tested in this study under various stress conditions. Five out of the six cores were

tested successfully with the sixth core getting damaged due to existence of excessive natural fractures. The TMS has
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no outcrops and there are no commercially available cores, as such, extensive testing was limited. The experimental
procedure used in this work was therefore designed in line with available cores provided by industry partners. The
cores cannot be tested repeatedly because of ease of destruction from fluids and confinement pressure.

The mineralogy of each sample was determined using X-ray diffraction (XRD) analysis. The results indicate
that the conductivity declined exponentially with stress. While the measured fracture conductivity was affected by
rock mechanical properties, the effects of rock mineralogy was not clear. This the first reported experimental studies
on fracture conductivity of the TMS and it forms part of knowledge building on the play. It further give insights for

optimizing fracture design in the TMS reservoir.

2. Materials and methods
2.1 The Tuscaloosa Marine Shale

The Tuscaloosa Marine Shale (TMS) is an oil producing formation located across South Mississippi and Southeast
Louisiana with an estimated 7 billion barrels of unproven recoverable oil (John et al. 1997). More than 80 multi-
fractured wells have been drilled in this formation between 2007 and 2016 with approximate total oil production of
1.5 X 106 m® and gas production of 1.8 X 108 m? (Besov et al. 2017; Ezeakacha et al. 2020). Several wells in the
TMS produced oil at rates higher than 1,000 stb/d (0.00184m?*/sec). While the TMS has a high potential for oil
production, large scale field-development has been challenging owing to fast decline in well productivity (Guo and
Yang 2019) and high cost of drilling new wells. Drilling activities stopped in 2014 in the downturn of global oil price.

All TMS production wells were completed with horizontal technology and multistage hydraulic fracturing
(Marsden et al. 2017; Shaibu and Guo 2020). The fast decline in well productivity was partially attributed to the loss
of fracture conductivity (fracture width times permeability) due to fracture closure (Durham 2015; Yang and Guo

2019).

2.1.1 Geological setting.
The TMS is part of the Tuscaloosa group (Mancini and Puckett 2005) deposited across the boundary between

Louisiana and Mississippi during the Upper Cretaceous. The Tuscaloosa Group is divided in three units: the Upper
Tuscaloosa Formation, the Marine shale, and the Lower Tuscaloosa (Fig. 2a). Estimated thickness of TMS between
the Upper and Lower Tuscaloosa range from 152.4 m in southwestern Mississippi to more than 243.84 m in
southeastern Louisiana (John et al. 1997). The Tuscaloosa Group represents the fifth transgressive-regressive cycle of
the Cretaceous section, in which the TMS consists of the maximum-transgressive deposits (Mancini and Puckett
2002). The TMS is the source rock responsible for charging the underlying Lower Tuscaloosa. It is one of the few oil-
bearing shale reservoirs in the United States (Ezeakacha et al. 2020). Core samples for this study were taken from a
well in East Feliciana Parish in Louisiana (Fig. 2b).

Six core samples from the study well from different depths were used in this study (Fig. 2c). Sample C6 was
damaged during the creation of an artificial fracture for the experiments. All samples were taken from the producing

interval of the well (middle and lower TMS) and were cut from larger core samples drilled by conventional means.



121 The cores were well preserved at room conditions against absorption of moisture—they were wrapped in transparent
122 plastic stretch films and kept in large zip lock bags. All samples used for the experiments are in their original state.

123 They were neither oven dried nor saturated with any fluid. The physical properties of the cores are shown in Table 1.
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125 Figure 2—a) Regional stratigraphic column of southwest Mississippi (Rutherford 1988); b) Location of study well in East Feliciana
126 Parish, Louisiana, USA (http://sonris-www.dnr.state.la.us/gis/agsweb/IE/JSViewer/index.html?TemplateID=181) c) Core samples used
127 for the experiments. Sample C5 was already cut into two parts prior to taking the picture.
128
129 Table 1—Dimensions of core samples
Parameter C1 Cc2 C3 Cc4 [
Core depth (m) 4627.78  4628.24 4628.54 4635.80 4635.86
Length (mm) 63.5 61.7 66.0 61.0 61.5
Diameter (mm) 51.0 51.0 38.0 38.0 38.0
Weight (g) 308.9 241.8 193.0 177.2 184.5
Density (g/cm®) 2.381 1918 2.5789 2.561 2.645
130
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2.1.2 Mineralogy and petrophysical properties of the rocks.

The mineralogy of the TMS is generally dominated by clay, quartz, and calcite minerals. For the study area, these
three minerals make up 50+1.49 wt.%, 20£1.03 wt.% and 10.78+1.67 of the mineralogy respectively. Minor amounts
of plagioclase, barite, dolomite & Fe-dolomite, pyrite, K-feldspar, siderite and fluorapatite makeup the remaining
20%. The relative clays minerals include Smectite 29.644 wt.%, Illite-Mica, 34.84 wt.%, Kaolinite 21.62 wt.% and

Chlorite 13.89 wt.%. The vertical change in effective permeability, effective porosity and TOC are also shown in Fig.

3.
Matrix Permeability (um?x108) Effective Porosity (%) TOC (wt.%)
0 5 10 15 0 2 4 6 8 10 0 1 2 3
4590 1 1 1 1 1 1 1
4600 -
4610 - —eo—Upper TMS
E .
g 4620 ——Middle TMS
Q.
)]
= Lower TMS
4630 -
4640 -
4650

Figure 3—Vertical variation of petrophysical properties of study area

2.1.3 Mechanical properties of the rocks

The elastic mechanical properties for the cores were estimated from well logs using an empirical 1D geomechanical
model developed by Ruse and Mokhtari (2020) for the TMS formation (Table 2). The model accounts for the vertical
transversely isotropic (VTI) character of the formation but considers anisotropy. It employs relationships developed

from ultrasonic core data to estimate the C13 and C11 stiffness coefficients, while C33, C44, and C66 are obtained

from the readily available sonic logs. It is an elaborate procedure which has been summarized in Fig. 4.
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2020).
Table 2—Static mechanical properties of the rock samples
C1 C2 C3 C4 Cs

Horizontal Poisson ratio 0.3637 0.3878 0.3266 0.2698 0.2698
Vertical Poisson ratio 0.2806 0.2904 0.2607 0.2451 0.2428

: )
Horizontal Young’s modulus (GPa) 2593 2383 29,39 39.06 39.93

3 9
Vertical Young’s modulus (GPa) 19.26 18.99 1771 2226 22.93

2.2 Experimental setup and procedure

The experimental setup (Fig. 5) and procedure used in this study is same as that used in our previous studies (Guo et
al. 2020; Huang et al. 2020). The description and procedure are however repeated here.

In the experimental procedure, the core samples are saw-cut into two halves perpendicular to the bedding
plane (Fig. 6) wherein water wet proppants are placed. This is to ensure the proppants contact the differing bedding
planes. Water at room temperature is injected with a syringe pump (ISCO 500D) into the core through the inlet of the
pressure tapped Hassler type core holder. The length of the core holder is 56 cm with operating pressure rating of
103.42 MPa. The two ends of the core holder provide axial stress to the core. A nitrogen tank (max pressure:13.79
MPa) provides radial confining pressure while the pressure transducer rated 6.89 MPa with a resolution of 0.1%
measures pressure drop across the core. The measured pressure drop is logged onto the computer using a data
acquisition system (DAQ). Effluent fluid is collected at the outlet of the core holder with a beaker. Sources of errors
in the system could occur from leaks in the connections of the setup which could lead to a drop in radial-confining
pressure. To minimize such errors, the end caps of the core holder were secured tightly, and soapy water applied to

all connections to observe for possible bubbling. The pressure gauge is also monitored regularly. Errors in flowrate is
7



167 checked by measuring the flowrate at the outlet of the core and comparing to the rate set on the pump to ensure
168 conformity. In certain instances, air enters the pump. This is checked by compressing the fluid in the pump at constant

169 pressure. The presence of air will take an unusually long time to reach the set compression pressure.

Check Pressure
|_ Valve transducer
Core holder ISCO
500D )
" Pump Refill
Outlet Inlet tank
Core Sample -
Nitr | DAQ =
tank
w System
= “F3
Beaker }
Desktop
computer
170
171 Figure 5—Flow chart of experimental setup
172
173 Figure 6—Images of shale core before testing. Left: one half of split core with proppants (monolayer of 40/80 size proppants). Right:
174 whole core ready for testing with proppants in between showing the injection face.
175 The experimental runs and conditions are shown in Table 3. The cores almost always get damaged after each

176  experiment. C1 was damaged before maximum confining pressure could be reached. It was to serve as a control for
177 the experiments. Damaged cores are noticed when the pressure drop increases abnormally during the experiment.
178 When this happens, even reducing the injection rate does not solve the issue. The cores are very ductile because of the
179 high clay mineral content. C1 was the first core to be tested and it was done with higher size proppants (20/40 mesh).
180  The proppants size subsequently had to be reduced for other tests to reflect the sizes used in the TMS wells. A
181  monolayer of proppants was used for all experiments. This is because the core holder has a diameter limitation (5.8

182  cm) which would not permit using higher proppant concentrations. Increasing the number of proppant layers between

8



183
184
185

186

187

188

189
190

191
192

193
194
195
196
197
198
199
200
201

202
203
204
205
206
207
208

the cores means increasing the diameter of the cores. It is however expected that, higher loading of proppants should

reduce fracture conductivity decline. This is a speculation which needs further study.

Table 3—Experimental runs and conditions.

C1 Cc2 C3 C4 C5

Proppant size, 20/40 (420-840) 40/80 (177-420) 40/80 (177-420)  40/80 (177-420) 40/80 (177-420)

mesh (um)

Proppant

concentration, 0.3524 0.1762 0.1762 0.1762 0.1762
g/cm?

Confinement 3.45,6.89,10.34, 3.45,6.89,10.34, 3.45,6.89,10.34, 3.45,6.89,10.34,

3.45,4.83,6.89

pressure, MPa 13.79 13.79 13.79 13.79

Fracture conductivity was calculated using pressure drop across the core and the flow rate (Eq 1)

_ aut
G = 99.99B 0 oo (1)

Where, Cr is the fracture conductivity in um? — cm, q is the fluid injection rate in cm?/s, p is the fluid viscosity in

mPa.s, [ is the core length in cm, D is the core diameter in cm, and Ap is the pressure drop across the core in kPa.

3. Results and discussions
3.1 Time and stress dependent fracture conductivity.

Fracture conductivity declined with time and stress fall all tests as shown in Fig. 7. Hundreds of data points were
recorded at 2-minute intervals at each confinement pressure. The data points plotted is the block average of recorded
data. In the field at depths greater than 4500m—where the cores were taken from, the over-burden pressure should be
greater than 13.79 MPa. Initial tests at high confining stress damaged the core samples. The TMS cores are
characterized by significant lamination and easily fail under stress. The experiments were therefore designed at
maximum confining pressure of 13.79 Mpa. However, increasing confinement pressure should cause fracture
conductivity to decline further (Zheng et al. 2020; Mittal et al. 2018; Weaver et al. 2010). Fracture conductivity is not
a single value for any formation and it must be defined relative to in-situ stress level, and fluids and proppants

introduced into the formation. The results obtained therefore are valid per the testing conditions in the study.

The main driver of conductivity decline with time is the decrease in induced fracture width owing to proppant
embedment (Fig. 8b). The time-decline in conductivity is shown to increase and decrease at some points on the decline
curve. This is because micro-cracks likely formed due to strong capillary forces between interfaces (Fig. 8a). The
development of micro-cracks in shale was observed by Makhanov (2014) and Liu et al. (2016). It is assumed that
these cracks contribute to fluid flow which causes an increase in conductivity. Owing to the absence of proppants in
these micro-cracks, the crack width closes with time at a much faster rate than the main fractures. The samples are

characterized by high clay mineral content. It was therefore quite easy for the surfaces to soften due to clay swelling
9
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in the presence of water. Using sample C3 as an example (Fig. 7c), at 3.45 MPa confinement pressure, fracture
conductivity decreased until 50 minutes, and then there was a slight increase owing to development of micro-cracks.
When confinement pressure was increased to 6.89 MPa, the conductivity decreased again, due to reduction in propped
fracture width and possibly closure of the unpropped cracks. Samples C4 and C5 showed less evidence of crack
development in the conductivity decline with time. These samples are characterized by high vertical and horizontal

Young’s moduli as will be discussed later in Section 3.2.

The induced fracture and developed cracks were the main conduits for fluid flow and had the most impact
on conductivity. It is quite difficult to discuss matrix flow in this case as this was almost absent during the experiments.
Shales have ultra-low permeability which makes matrix flow almost impossible (Jianguang et al. 2021). In Fig. 8c a
portion of core C1 was cut open after several hours of experiments. It showed a totally dry surface. An opened cracked
region (Fig. 8d) showed a wet crack face indicating the flow of water in the crack. This supports the assumption
relatively zero matrix flow. Gas flow might present a different observation because of its smaller molecules. The TMS
is an oil-bearing formation which means that the high viscosity of oil relative to that of water used in these experiments,
will decrease the creation of micro-cracks because of reduced capillarity. This will effectively reduce fracture
conductivity. Since the experiments were conducted at room temperature, reservoir temperature conditions will likely
present two opposing effects whose tradeoff need further studies. At reservoir temperature, water-solid interfacial
tension will be reduced which affects the rate of fluid imbibition in micro-cracks. At the same time, fluid viscosity

decreases which promotes imbibition in cracks.
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Figure 7a—Measured time and stress dependent fracture conductivity of sample C1
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Figure 7e—Measured time and stress dependent fracture conductivity of sample C5

Micro-cracks

Induced
fracture

a

Figure 8—Images of sample C1 after experiments. a) Injection face showing developed micro-cracks and induced fracture. b) Fracture
face showing signs of proppant embedment. ¢) Non-cracked region of the core sample split opened. The surface remained dry indicating
that water did not move through that region. d) One of the micro-cracks of the core split opened. Evidence of water movement is seen on

the surface. The red-circled region shows dry areas, indicating that the entire surface of the crack was not fully opened to water flow.

In Fig. 7, the fracture conductivity is shown to decline exponentially with confinement pressure (linear fit to
the semi-log plot). The exponential decline of fracture conductivity in shales at increasing confinement pressure has
been observed by other authors (Lu et al. 2020; Hu et al. 2020; Enriquez-Tenorio et al. 2019; Perez Pana at el. 2016).

The conductivity declined according to the following exponential relation:

Cr = Cr(0)8 P e, 2)

Where (f,, is initial fracture conductivity in um? — cm, A is the decline rate constant, MPa™', p, is the closure pressure
in MPa and e is the exponential function.

A comparison of the fracture conductivity decline for all samples is shown in Fig. 9. The conductivity is
almost the same at 13.79 MPa confinement pressure. At 13.79 MPa, sample C2, C3, C4 and CS5 had lost conductivity
by 98.8%, 74.6%, 96.3%, and 98.3% respectively. Experiments with C1 was to serve as a control. It was therefore
tested under different conditions. It lost conductivity by only 7.6% at 6.89 MPa. The core collapsed at 10.34 MPa due

to excessive lamination. The decline rate and fitness of the conductivity decline to the exponential decline model are

12
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presented in Table 4. The values of the Pearson correlation coefficient show a good fit for the exponential model. The
average decline rate is 3.15 X 1071° mPa™! (excluding C1) for the study well based on the samples tested and under

the experimental conditions used.

Table 4—Parameters of exponential decline model

Samples Decline rate constant, Pearson correlation coefficient
P A (mPa") ()
C1 2.3 x10711 -0.9996
Cc2 4.64 x 10710 -0.9747
C3 1.23 x 1071 -0.8526
C4 3.04 x 1071 -0.89292
C5 3.69 x 10710 -0.93882

10

£

(%]

1

~

£

= 1

=

=

2

S

o

=

T

{ =

S 01+

2 L

-

-

®

fre —A—-C1 --C2 —-C3 —+—C4 =>C5
0.01 ; ' ' r ' . '

0 2 4 6 8 10 12 14 16

Confinement stress [MPa]

Figure 9—Comparison of stress dependent fracture conductivity for all samples. Sample C1 was damaged after testing at 6.89 MPa.

The samples had high clay mineral content and easily swell with DI water—this influenced the conductivity results
(Fig. 10). The measure of fracture conductivity in shales will always differ based on the fluid type used. This is because
of fluid-rock interactions. DI water is expected to react with clay minerals and soften the fracture face just as other
fluids may react with other minerals and dislodge fines or alter rock and/or proppant wettability. The swelling behavior
of TMS cores have been studied extensively by Parrikar et al. 2020. An Experimental study with Eagle Ford and
Marcellus core samples by Guerra et al. (2017) show that clay content directly influenced fracture conductivity. The
extent of effect was dependent on the relative fraction of clay minerals present. Fluid-rock interactions is inevitable
but can be controlled to achieve a desired purpose (Wang et al. 2020a; Mittal et al. 2018; Barati and Liang 2014). For
this reason, when reporting fracture conductivity of shale samples, it is appropriate to report the conditions under

which the experiments were conducted. By using clay inhibitors or saline water it is expected that embedment due to
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softening of the fracture face will be reduced. The extent of conductivity improvement will however require a separate
study to quantity that. Clay swelling is not desirable but for optimum design of a fracturing job and knowledge
building, it is relevant to understand the extent to which clay swelling affects fracture conductivity. Similarly, DI may

not be used in the field, but for research purposes and knowledge building it becomes important.

61 mm

Figure 10—Images of damaged cores. Left: Fracture face of sample C3 after testing. The rock was flaking and had produced dust owing

to swelling. Right: Injection face of sample C4 after test. The core was almost falling into pieces.

3.2 Effect of rock mechanical properties on fracture conductivity.

The effects of vertical and horizontal Poisson’s ratio and Young’s modulus are investigated in this section. TMS rock
samples show significant elastic anisotropy. Ahmadov and Mokhtari (2020) provided a detailed study on the
anisotropic nature of TMS rock mechanical properties. The samples in this study show low vertical Poisson’s ratio
compared to the horizontal Poisson’s ratio. A similar observation is seen for the Young’s modulus. It is obvious from
these observations that shale anisotropy influenced the static mechanical properties of the samples. Wilczynski et al.
2021 reported similar observations for shale samples in the Baltic basin. Samples cut parallel to bedding plane
(Horizontal) were characterized by twice the values of the static Young’s modulus of samples cut perpendicular to
bedding plane (Vertical).

A prospective shale generally must have a low Poisson’s Ratio and a high Young’s Modulus to establish its
brittleness (Rickman et al. 2008). A low Poisson’s ratio is essential for the shale to fail under stress during fracturing
while a high Young’s modulus is important to resist fracture closure under stress. A relatively moderate correlation of
fracture conductivity with Young’s modulus and Poisson’s ratio is observed for confinement pressures starting from
10.34 MPa. According to a study by Enriquez-Tenorio et al. (2019), Poisson’s ratio affected fracture conductivity
only at high confinement stresses. The correlation at 10.34 MPa is shown in Fig. 11. The Young’s modulus has a
positive relationship with fracture conductivity which supports the idea that a higher Young’s modulus is essential for

lower conductivity decline. Poisson ratio has an inverse (negative) relationship with fracture conductivity.
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Figure 11—Measured effect of elastic rock properties on fracture conductivity for Samples C2 to C5

3.3 Effect of mineralogy on fracture conductivity.

The mineral composition of the samples varied except for quartz which was generally the same for all cores (Fig. 12).
The mineralogy did not readily show any correlation with fracture conductivity. Although sample C3 maintained good
conductivity at all stress levels (Fig. 13), it would have been expected to show high quartz content or low clay mineral
content which are characteristic of high Young’s modulus, a determinant of low conductivity decline. This was not
the case as shown in Fig. 12. Shale formations are highly heterogeneous with significant anisotropy (Kainer et al.
2017). The mineral composition could therefore vary significantly within a core sample since only a representative
sample is tested for the mineralogy. Such variation could affect the analysis of mineralogical effects on fracture
conductivity. The individual minerals may not have a direct relationship with conductivity but the combined effect of
all minerals (Guerra et al. 2017). A 50 wt. % clay mineral content will not necessarily cause more conductivity loss
than 40 wt. % content clay minerals. These two clay compositions combine differently with other minerals. The type
of clay mineral is also important in this case—swelling clays such as smectite and montmorillonite will cause more
conductivity loss than non-swelling clays such as Kaolinite. Kaolinite may however disperse and migrate (Aksu et al.

2015). It is also possible that there is a dominant factor in conductivity decline, such us proppant type, fluid
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composition or proppant wettability. When this happen, the effect of rock minerals may be overshadowed. Previous
studies have shown that rock mineralogy plays a role in optimum proppant selection for maintaining conductivity
(Weaver et al. 2010). A mineral like Quartz affects rock brittleness—this becomes more important during the
fracturing process (Kainer et al. 2017). Calcite content on the other hand becomes very relevant during acid fracturing
operations.

The samples are also in order of increasing depth. There is no clear correlation between sample depth and
conductivity. This indicates that the variation in conductivity decline rates between the cores is not caused primarily
by variation in elastic mechanical properties which are a function of mineral composition (Dong et al. 2017). The
variation in conductivity values may be the result of degree of proppants embedment.

Quartz Calcite Total Clay Plagioclase

0.00 50.00 100.00 0.00 50.00 100.00 0.00 50.00 100.00 0.00 50.00 100.00

c1 c1 C1 C1
c2 c2 c2 c2
c3 c3 c3 c3
ca ca ca ca
c5 c5 c5 c5

Figure 12—Measured average mineralogy of core samples. Samples are in order of increasing depth.
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Figure 13—Normalized fracture conductivity of samples. Samples are in order of increasing depth.

4.0 Conclusions

In this study, we conducted experiments to gain knowledge on the behavior of propped hydraulic fracture conductivity
of Tuscaloosa Marine Shale cores under varying stress conditions. Based on the experimental findings, fracture
conductivity declined exponentially with confinement pressure. The average decline rate constant is 3.15 x 10710
mPa!. The time dependent decline in conductivity shows two decline trends which are likely caused by a) decline
from reduction in main fracture width. Reduction in fracture width is most probably controlled by proppant
embedment due to softening of the fracture face by the swelling of clay minerals. b) Decline from healing of developed
micro-cracks. Micro-cracks developed and possibly closed in the cores during the experiments. These cracks
contributed to fluid conductivity while they remained opened.

The main driver of conductivity however was the induced fracture. Although the pre-test surface roughness is not

documented in the study, the fracture surface seems relatively rough after the tests (see Fig.10), which implies possible
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asperities comminution as another mechanism for conductivity reduction. The Estimated elastic mechanical properties
showed variation with rock orientation which indicates that shale anisotropy could influence fracture conductivity
decline. A moderate effect of elastic mechanical properties on conductivity was realized at confinement pressure of
10.34 MPa and above. Young’s modulus showed a positive correlation with fracture conductivity whereas Poisson’s
ratio showed an inverse relationship. However, there was no observed correlation between rock mineralogy and
conductivity. While this is true with the experiments, the high heterogeneity and anisotropy in sample properties could
affect this observation. XRD tests for mineralogy uses a small fraction of the sample (size of a “dime”) to estimate the
average mineralogy.

The observations in this study are from cores from a single well. More testing from other wells will therefore be
required to make a case for the TMS fracture conductivity. The effects of proppants type, size and density, fluid type,

and higher confinement pressure needs further investigation.
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Nomenclature:

DAQ Data acquisition system

DOE Department of Energy

MPa Mega Pascal

mPa Milli Pascal

T™S Tuscaloosa Marine Shale

VTI Vertical transverse isotropy

XRD X-ray diffraction

Cr Fracture conductivity, um? —cm

Cro Initial fracture conductivity um? — cm
D Core diameter, m

e Exponential function, dimensionless

l Length of core, mm

De Closure pressure, MPa

Ap Pressure drop, kPa

q Fluid injection rate, cm?/sec,

A Conductivity decline rate constant, mPa™!
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