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Summary: Water-oil displacement is an important process that occurs in a shale matrix after 12 

hydraulic fracturing and in water-based enhanced oil recovery. Current understanding of this 13 

displacement process is limited because of the complicated pore structure and surface properties 14 

in shale. In this work, this process and its controlling factors are investigated through a 15 

comparative study of three shale samples that have different types of pore systems and 16 

wettability. An integrated method of imbibition and multiscale imaging was applied, and a 17 

modified oleic tracer that can better represent oil flow was used in imbibition testing and micro-18 

CT imaging. SEM pore characterization was then performed under high magnification with 19 

guidance from the micro-CT images showing the changes due to oil or water imbibition. New 20 

insights were obtained on the importance of both wettability and pore size effect on oil recovery 21 

and the distribution of residual oil after water-oil displacement. Connectivity of pores with 22 

different wettability is also discussed on the basis of 3D analysis and SEM pore characterization. 23 

Collectively, these new findings improve the understanding of the complicated process of water-24 

oil displacement and the role of influencing factors. Important implications for improved oil 25 

recovery strategy in shale are discussed for different types of reservoir rocks. The integrated 26 

imaging and imbibition technique provides a new path for further investigation of improved oil 27 

recovery in shale.   28 

Keywords: water-oil displacement, shale, wettability, pore type, pore structure, connectivity 29 
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Introduction 32 

Water-oil displacement is an important process that occurs in hydraulic fracturing and enhanced 33 

oil recovery with water-based agents in shale oil reservoirs. It is also relevant to water-oil 34 

distribution during oil generation and expulsion and after hydraulic fracturing, and consequently 35 

affects water-oil two-phase flow during production. Because of the complicated surface 36 

properties of the pore systems, unclear connectivity of pore networks with different wetting 37 

properties, and the small pores and low porosity, an understanding of water-oil displacement in 38 

shale and its controlling factors are still limited.  39 

 Wettability is a key influencing factor in water-oil displacement and distribution, and 40 

many previous works have focused on wettability characterization in shale (e.g., Roshan et al. 41 

2016; Gupta et al. 2018; Gao et al. 2019; Lu et al. 2019; Pan et al., 2020a; Arif et al. 2021). 42 

Unlike conventional reservoir rocks, which have a relatively simple mineralogical composition 43 

and thus relatively more uniform wettability, wettability of shale is more complex owing to a 44 

wider variation of mineralogy and organic-matter content. In general, quartz and major types of 45 

clay minerals, i.e., illite and smectite, are more water-wet, whereas kaolinite is potentially oil-46 

wet (Borysenko et al. 2009; Pan et al. 2020b). Organic matter and calcite are more oil-wet, but 47 

calcite can be water-wet as well at a certain pH and salinity (Chen et al. 2018). The type and 48 

maturity of organic matter can also affect wettability (Begum et al. 2019; Jagadisan and Heidari 49 

2019). However, determination of wettability of a shale sample on the basis of bulk mineralogy 50 

and total organic carbon (TOC) can be misleading sometimes because it is the local mineralogy 51 

and organic-matter distribution surrounding the pores that control the pore wettability. This local 52 

mineralogy is normally different from bulk mineralogy and TOC (Peng et al. 2019). For 53 

example, the dominant minerals in a carbonate floatstone (sample W1 in Peng et al. (2019a)) are 54 
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calcite and quartz, accounting for ~80% weight fraction based on XRD analysis; however, the 55 

dominant pore type in that sample is clay mineral pores. Contact angle measurement on the 56 

sample surface thus is more reflective of the wetting property of the dominant minerals, that is, 57 

calcite and quartz, and is less relevant to the pore wettability which instead is controlled by clay 58 

mineral (Peng et al., 2019a). Therefore, pore wettability needs to be evaluated based on the pore 59 

surface mineralogy and organic-matter distribution. 60 

Several methods have been applied for shale wettability quantification or 61 

characterization, including contact angle measurement, spontaneous imbibition, and the Nuclear 62 

Magnetic Resonance (NMR) wettability index (NWI) method. Contact angle measurement using 63 

the sessile drop method often generates results contradictory to other tests, such as spontaneous 64 

imbibition in shale (Engelder et al. 2014; Singh 2016; Peng and Xiao 2017; Siddiqui et al. 2018). 65 

Nevertheless, contact angle measurement may reflect the wetting property of fractures because 66 

fractures develop across the main body of the rock, thus the surface of fractures has similar 67 

mineralogy to the bulk mineralogy (Peng et al 2019a).  68 

Spontaneous imbibition has become a popular technique for shale research in recent years 69 

(e.g., Gao and Hu 2016; Roshan et al. 2016; Alvarez and Schecter 2017; Gao et al. 2019). 70 

Spontaneous imbibition is also often combined with NMR saturation determination (Ali et al. 71 

2020). Studies using this method provided important insights including imbibition rates, relative 72 

wettability of oil or water to gas, and pore size distribution of the wetting and non-wetting 73 

phases.   74 

An NWI method initially developed for carbonates (Looyestijn and Hofman 2006) has 75 

been applied for the quantification of shale wettability recently (Dick et al., 2019; Kelly et al., 76 

2020). The NMR wettability index is derived based on T2 measurement and a pore-size- 77 



5 
 

dependent relaxation model in which both the effects of wetting-phase surface and nonwetting-78 

phase saturation on NMR response are considered simultaneously (Looyestijn and Hofman 79 

2006). This NMR wettability index can thus represent the wettability more accurately in a 80 

scenario where the wetting phase covers the surface of a pore but does not displace the 81 

nonwetting phase in the pore completely.  82 

Nevertheless, all the techniques mentioned above are a “black-box” type of method, and 83 

thus are unable to resolve the spatial distribution of the wetting and nonwetting pore system and 84 

potential heterogeneity, which can be important in elucidating the underlying geological controls 85 

on wettability in shale.  86 

Albeit wettability is critical in water-oil displacement, other factors, including pore size 87 

and connectivity, also play important roles. Peng et al. (2019a) show that pore aspect ratio (body 88 

and throat size ratio) can affect water-oil displacement and oil recovery. Specifically, oil 89 

recovery by water imbibition is less efficient in pores with a larger pore aspect ratio when pore 90 

throat size is similar (Peng et al. 2019a). However, attention has not been paid adequately to the 91 

pore size effect on water-oil displacement in shale. Connectivity of pores with different wetting 92 

properties is poorly understood, although many works assume an independent dual-wet system in 93 

shale (e.g., Yassin et al. 2016).  Further study and elucidation of the effect of pore size and 94 

connectivity on water-oil displacement is needed.  95 

In this paper, a systematic investigation of water-oil displacement is conducted through 96 

an integrated water-oil spontaneous imbibition and multiscale imaging technique for samples 97 

with different wettability. Analysis of oil and water imbibition in mm-scale samples is combined 98 

with nano-to-micro-scale pore system characterization. This way, more specific and 99 

comprehensive understanding of the mechanisms and influencing factors, including wettability, 100 
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pore size, and connectivity, of water-oil displacement in shale is achieved. Implications of the 101 

results for improved oil recovery in shale oil reservoirs are also discussed.  102 

 103 

Materials and Methods 104 

Samples. Three samples, one from the Wolfcamp Shale (S1) and two from the Eagle Ford Shale 105 

(S2 and S3), were used in this study (Table 1). These samples were selected based on a 106 

preliminary screening test in which different levels of water-oil displacement were observed. The 107 

samples contain different lithofacies, with S1 to S3 being argillaceous siliceous siltstone, 108 

calcareous siliceous mudstone, and organic-rich calcareous mudstone, respectively. They have 109 

similar thermal maturities with Ro values of 0.8–1.0% (Ko et al. 2017). The influence of 110 

maturity on wettability and water-oil displacement is not within the scope of this work.  111 

A mini-plug with a diameter of 1.5 mm was obtained from a 1-inch-diameter plug for 112 

each sample. The same mini-plugs were used for oil and water spontaneous imbibition and 113 

multiscale imaging. Measurement of porosity and permeability was conducted on a sister 1-inch 114 

plug that was obtained at an adjacent location for each sample using the modified gas-expansion 115 

(MGE) method (Peng et al. 2019b). The MGE method is a transient method that calculates the 116 

matrix permeability on the basis of the measured pressure decay curve. The measurement was 117 

performed under a pore pressure of ~150 psia and a net stress of 2000 psi. All plug samples were 118 

drilled parallel to the bedding direction and were dried at 110˚C for 3 d in a vacuum oven to 119 

remove residual moisture before the experiments. 120 

 121 

 122 
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Table 1. Geological and petrophysical information for the samples used in this study.  123 

Sample 

# 
Formation 

Depth 

(ft) 
Porosity 

Permeability 

(nD) 
TOC 

Rock description and 

bulk mineralogy (from 

Ko et al. 2019) 

1 Wolfcamp 7,732 6.4% 560 1.68% 

Argillaceous siliceous 

siltstone with 19% 

calcite, 51% quartz, and 

25% clay 

2 

Eagle Ford 

11,901 3.5% 400 2.56% 

Calcareous siliceous 

mudstone with 31.4% 

calcite, 34.6% quartz, and 

15% clay 

3 12,308 7.4% 478 3.29% 

Organic-matter-rich 

calcareous mudstone with 

65.5% calcite, 18% 

quartz, and 8% clay 

 124 

A modified oleic tracer. Micro-CT imaging of fluid distribution in shale is challenging because 125 

of the nanoscale pores and the limited resolution in micro-CT. An oleic X-ray contrast agent, 126 

diiodomethane (DIM, 99%), made the micro-CT imaging of the fluids in shale possible (Fogden 127 

et al. 2014a; Fogden et al. 2014b) and was used as an oil-phase tracer in a study of multiphase 128 

flow in shale (Peng and Xiao 2017; Peng et al. 2019a). However, DIM shows a big difference in 129 

wetting property from the real oil. The contact angle of DIM on a glass plate (39.8° in air and 130 

118° in water) is substantially larger than a paraffin-type hydraulic oil (13.5° in air and 72.5° in 131 

water) (Fig. 1). Dodecylbenzene (C12B, VWR, 97%) was added to DIM as a surface-tension 132 

modifier. The benzene group in C12B acts as a surfactant head group with high affinity for DIM 133 

and the alkyl chain as a surfactant tail group with low affinity for the DIM solvent (Fletcher and 134 

Nicholls 2000). Approximately 1.5 mol% C12B was added and mixed with DIM overnight to 135 

form a stable miscible mixture. The additive lowered the surface tension of DIM from 51 to 34 136 

mN/m (Fletcher and Nicholls 2000), and the C12B+DIM mixture shows similar contact angles 137 

(16° in air and 78.5° in water) with the paraffin oil (Fig. 1), indicating a similar wetting property, 138 
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and thus can represent oil flow better. The small fraction of C12B showed minimal impact on the 139 

contrast enhancement effect of DIM in micro-CT imaging through a preliminary test. 140 

 141 

Fig. 1—Contact angle measurement of DIM, DIM+C12B, and the paraffin oil on a glass plate. 142 

(A) Snapshots of the sessile drop tests; (B) comparison of the contact angle.  143 

 144 

Contact angle was measured using the sessile drop method with an OCA 15EC 145 

(DataPhysics Instruments). A glass plate was used for the contact angle measurement to signify 146 

the change of wetting property of the fluids. A small volume of fluid (~0.5 µL) was applied to 147 

the glass plate surface and covered an area with a diameter of about 0.5–1 mm. Four to six 148 

measurements were conducted at different locations, and the averages were used for each test. 149 

The glass plate was cleaned using acetone and water after each measurement.  150 

Spontaneous imbibition and micro-CT imaging. Micro-CT imaging was conducted for the 151 

samples under the dry condition first. Scanning was focused on a 1.2-mm section that is 1.2 mm 152 

above the bottom surface of the mini-plugs. The pixel resolution is 0.65 µm. The ends of the 153 
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samples (~1 mm) were then dipped into the DIM+C12B mixture (“oil” hereafter for simplicity) 154 

for 24 h to initiate oil imbibition. Ex-situ micro-CT imaging was performed after oil imbibition. 155 

The oil-imbibed samples were then submerged in water completely for approximately 17 h to 156 

allow water spontaneous imbibition. These time durations are considered adequate for complete 157 

oil and water imbibition according to the results of the preliminary study, in which imaging was 158 

conducted at every hour and the grayscale after 3-4 h of oil imbibition and 4-8 h of water 159 

imbibition is basically stable. The samples were kept submerged in water during micro-CT 160 

scanning after water imbibition to ensure that loss of oil, if any, was caused by water-oil 161 

displacement rather than evaporation from the surface. The experiments were carried out using 162 

the synchrotron-based micro-CT imaging facility at beamline 2-BM of the Advanced Photon 163 

Source at Argonne National Laboratory. More detailed information on micro-CT scanning 164 

parameters is included in Peng and Xiao (2017).  165 

 Micro-CT image processing was performed for image registration and to identify the 166 

areas with residual oil (residual oil areas) and where oil was displaced by water (water-imbibed 167 

areas) using Avizo (Thermal Fisher FEI) and ImageJ (Schneider et al. 2012). Connectivity of the 168 

residual oil and water-imbibed areas was evaluated based on 3D image analysis. Micro-CT-169 

image guided SEM image analysis was then performed for nano- to microscale pore system 170 

characterization. The readers are referred to Peng et al. (2019a) for more detailed methods and 171 

procedures of imaging processing.  172 

SEM/EDS pore characterization. After micro-CT imaging, the same mini-plugs were dried, 173 

ion milled, and used for SEM examination under higher magnification. Because SEM and micro-174 

CT images were obtained for the same sample, a reliable comparison of these images can be 175 

made based on the relative positions, shapes, and grayscale of each type of mineral grain. SEM 176 
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imaging was conducted on a field‐emission FEI Nova NanoSEM 430 equipped with two 30-mm2 177 

Bruker XFlash silicon-drift X-ray energy dispersive spectroscopy (EDS) detectors for elemental 178 

identification. Backscattered electron (BSE) and secondary electron through‐lens detector (TLD) 179 

images were collected at a working distance of ~6 mm and an accelerating voltage of 15 keV. 180 

Mineral components were identified using elemental mapping by SEM-EDS detectors operated 181 

at an accelerating voltage of 15 keV and a working distance of 10 mm. 182 

 183 

Results and Discussion 184 

Sample 1 – an argillaceous siliceous siltstone  185 

Micro-CT image analysis. Remarkable changes are observed among the registered micro-CT 186 

images at the dry, after oil-imbibition, and after water-imbibition conditions (Fig. 2 and Fig. A-187 

1), indicating the imbibition of oil into the dry sample and then the water-oil displacement in the 188 

oil-saturated sample. Fig. 2 focuses on the yellow-boxed area in Fig. A-1 (in Appendix) and 189 

shows the change better.   190 
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 191 

Fig. 2—Micro-CT images of S1 at different conditions and the image calculation/processing 192 

results. (A) Dry scan; (B) after oil imbibition; (C) result image of (B – A), lighter areas are where 193 
oil imbibition occurs; (D) segmentation result of C, yellow represents oil-imbibed areas; (E) after 194 
water imbibition; (F) result image of (E – A), lighter areas contain residual oil after water-oil 195 

displacement; (G) segmentation result of F, red represents residual oil areas.   196 

 197 

 DIM causes stronger X-ray attenuation and results in lighter grayscale in the image. Note 198 

that the strong DIM attenuation makes not only the pores brighter but also nearby areas brighter 199 

because of the partial volume effect (Ketcham & Carlson 2001). Therefore, the lighter areas are 200 

not all pores but are porous. Oil imbibition occurs in most areas between the 10–50 µm scale 201 

grains in S1, as indicated by the comparison of the dry image (Fig. 2A) and the oil-imbibed 202 

image (Fig. 2B). Fig. 2C is the image calculation result of (Fig. 2B (yellow) – Fig. 2A (red)) and 203 

thus highlights the change due to oil imbibition. In Fig. 2C, the lighter areas are the porous areas 204 

where oil imbibition occurs; the darker areas are the grains that experience no oil imbibition 205 

because they are nonporous or only have isolated intraparticle pores. Fig. 2D highlights the oil-206 

imbibed areas in yellow.  207 
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 Water imbibition only occurs in part of the oil-imbibed areas. The result of (Fig. 2E – 208 

Fig. 2A), that is, subtracting the dry image (Fig. 2A) from the water-imbibed image (Fig. 2E), 209 

highlights the change due to residual oil after water-oil displacement (Fig. 2F), which is denoted 210 

by the lighter areas in Fig. 2F. Comparing Figs. 2G and 2D reveals that a substantial fraction of 211 

the porous areas still has residual oil, which in turn means water-oil displacement occurred in the 212 

other fraction of the porous areas in S1. Subtracting the residual oil areas from the total oil 213 

imbibition areas, that is (Fig. 2D (yellow) – Fig. 2G (red)), gives the water-imbibed areas (the 214 

green areas in Fig. 3B). Fig. 3C shows the residual oil areas (red) with the dry image 215 

background. The combination of the water-imbibed and residual oil areas with the dry image 216 

background (Fig. 3A) shows that these two areas are adjacent to each other.  217 

 Distinct grayscale of the porous areas (in the dry image) is seen between the water-218 

imbibed and residual oil areas in S1. The porous areas in the sample with water imbibition or 219 

residual oil are obtained through image processing using “mask” in Avizo (Figs. 3E and 3F). 220 

The green (Fig. 3B) or red (Fig. 3C) areas were used as masks to extract the underlying areas 221 

from the dry image to facilitate the study of the underlying mineralogy. Fig. 3E is the porous 222 

areas (in the dry image) where water imbibition occurred, and Fig. 3F is the porous areas having 223 

residual oil. Compared to the porous areas with residual oil, where the grayscale is mostly either 224 

dark or very bright (Fig. 3F), the areas of water imbibition have intermediate grayscale (Fig. 225 

3E). This distinct difference provides a guide for the subsequent SEM analysis based on the dry 226 

sample, as will be discussed later.  227 
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 228 

Fig. 3—Image calculation/processing results of the images shown for S1 in Fig. 2. (A) The 229 

combination of water-imbibed areas (green) and residual oil areas (red) with the dry image in 230 
background; (B) water-imbibed areas (green); (C) residual oil areas (red); (E) extracted areas of 231 
green in (B) from the dry image, showing the areas with water imbibition in the dry sample; (F) 232 

extracted areas of red in (C) from the dry image, showing the areas with residual oil in the dry 233 

sample.  234 

  235 

Note that the water-imbibed (green) and residual oil (red) areas do not exclusively 236 

contain only water or oil, respectively. Fig. 2F divided by Fig. 2C produces the residual oil 237 

factor (Fig. 4B). Comparison of Figs. 4A and 4B reveals that water-imbibed areas have a smaller 238 

residual oil factor, meaning small amounts of oil still remained, whereas residual oil areas have a 239 

larger residual oil factor, indicating small fractions of water imbibition also occurred (examples 240 

in the circled areas in Figs. 4A and 4B). The overall residual oil factor is approximately 50%, 241 

meaning 50% of oil has been recovered by water imbibition.  242 
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 243 

Fig. 4—Residual oil factor map (B) in water-imbibed and residual oil areas (A). Red and green 244 

in (A) denote the residual oil and water-imbibed areas, respectively. Scale bar in (B) is the 245 
residual oil factor after water imbibition from 0 to 1.0.  246 

 247 

 3D analysis shows the connectivity of the water-imbibed and residual oil areas (Fig. 5). It 248 

can be seen that the residual oil areas (Fig. 5A) and the water-imbibed areas (Fig. 5B) have 249 

formed independently connected networks. These two entangled pore networks must be 250 

interconnected at the same time (Fig. 5C) because the red and green areas are generally adjacent 251 

to each other (Fig. 4A). Together they combined to the yellow areas in Fig. 2D that consist of the 252 

total porous areas of this sample. The percentage of water-imbibed and residual oil areas through 253 

the 3D analysis are 43% and 57%, respectively. 254 
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 255 

Fig. 5—3D images showing the independently connected networks of the residual oil areas (A) 256 
and the water-imbibed areas (B). These two networks are interconnected at the same time in the 257 

3D space (C).  258 

 259 

 The independent yet interconnected networks demonstrate the complexity of the water 260 

and oil flow path and distribution in the sample. The water-imbibed areas are more water-wet, 261 

obviously, because water displaced oil; however, whether the residual oil areas are more oil-wet 262 

needs further confirmation because oil can also exist in water-wet pores by capillary entrapment. 263 

To fully understand the result of water-oil displacement and distribution and the wettability in 264 

S1, more detailed investigation of the pore systems in the different colored areas is needed. 265 

SEM pore characterization. BSE grayscale intensity is based on the Z value of the minerals, 266 

which relates to the atomic numbers of the constituent elements; therefore, BSE images have a 267 

similar appearance to micro‐CT images. The distinct grayscale in the water-imbibed and residual 268 

oil areas from the micro-CT images (Figs. 3E and 3F) can thus guide the SEM pore 269 

characterization.  270 

The residual oil areas are either dark or bright, whereas the water-imbibed areas have 271 

intermediate grayscale. The areas that have different grayscale are identified from the BSE image 272 

of the same sample, and Fig. 6 shows an example. In Fig. 6A, the red-circled areas are the dark 273 
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areas, or residual oil areas, whereas the green-circled ones are the intermediate grayscale areas, 274 

i.e., water-imbibed areas. SEM images at higher magnifications show that interparticle pores are 275 

the major pore type between clay mineral grains (“clay mineral pores”) in both areas (Figs. 6B, 276 

6D, 6F, 6H). This observation is confirmed by the EDS map of the sample, which shows that 277 

clay is the dominant mineral in the porous areas of the entire sample (Fig. A-2A). Illite is the 278 

main clay mineral type in S1.   279 

 280 
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 281 

Fig. 6—SEM images of S1. (A) An overview showing the grayscale contrast in the porous areas 282 

between silt grains (10–50 µm); the green- and red-circled areas are the water-imbibed and 283 
residual oil areas, respectively; (B, D) example BSE images of typical areas in the two red-284 
circled areas in (A); (C, E) the TLD images of (B) and (D); (F, H) example BSE images of 285 

typical areas in the two red-circled areas in (A); (G, I) the TLD images of (F) and (H). 286 

 287 

The difference between the water-imbibed and residual oil areas lies in the pore size. 288 

Pores in the water-imbibed areas (Figs. 6C, 6E) are generally smaller than those in the residual 289 

oil areas (Figs. 6G, 6I). Note the larger scale bar in Figs. 6G and 6I than that in 6C and 6E. 290 

Pores in the water-imbibed areas are no larger than 70 nm, whereas pores in the residual oil areas 291 

are up to approximately 300 nm.  292 

Whereas clay mineral pores dominate in S1, small fractions of other types of pores also 293 

exist. The residual oil areas also contain small fractions of organic-matter pores (Figs. A-2D, 2E) 294 

and intraparticle pores in pyrite framboids (“pyrite pores”) (Figs. A-2B, 2C) that contribute the 295 

very bright parts in Fig. 3F. The pyrite pores are either large in size or have an organic-matter 296 
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boundary. Some dissolution-related intraparticle dolomite pores (not shown) are also included in 297 

the residual oil and water-imbibed areas.  298 

Discussion on wettability and pore size effect. Two questions will be raised to initiate the 299 

discussion. First, are the residual oil areas (Fig. 5A) oil-wet? Second, why is there a major 300 

fraction of oil remaining in the residual oil areas if wettability is not the reason (Fig. 5A)?  301 

It is clear that the water-imbibed areas are water-wet because water replaced oil and the 302 

major pore type is clay mineral pores. However, based on the results of water imbibition only, it 303 

can be erroneously interpreted that the residual oil areas are oil-wet. Oppositely, because the 304 

major pore type in the residual oil areas is also clay mineral pores according to the SEM analysis, 305 

these must be water-wet as well. The “aging” by the oil during oil imbibition and soaking have 306 

not changed the wettability in the water-imbibed areas and thus should not have changed the 307 

wettability in the residual-oil areas either. The organic-matter pores in the residual oil areas 308 

should be oil-wet, and the pyrite pores can be potentially oil-wet too; however, they only account 309 

for a small fraction of the pore volume and should not affect the overall wettability of the 310 

residual oil areas significantly. Because of the small fraction and the sparse distribution of the 311 

organic-matter and pyrite pores throughout the whole sample, it is reasonable to assume that they 312 

do not form an independently connected network; instead, they must be connected through the 313 

clay mineral pores in this sample.  314 

Given the water-wet nature of the dominant clay mineral pores in the residual oil areas, 315 

the existence of the dominant oil in these pores can be attributed to the pore size effect on 316 

nonwetting phase capillary entrapment. It is well-documented that capillary entrapment of the 317 

nonwetting phase (oil herein) in the wetting phase (water) can occur more easily when the pore 318 

aspect ratio (pore body to throat ratio) is larger (Chatzis et al. 1983; Lenormand et al. 1983; 319 
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Tanino and Blunt 2012). When water enters a pore that is filled with oil, it will preferentially 320 

move around the corner of the pore first. When the water film approaches the narrow pore throat, 321 

a sudden merging of the water film (snap-off) will occur because of the interfacial force, then it 322 

continues to break through the pore throat and leaves the oil entrapped behind (Lenormand et al. 323 

1983). The “snap-off” will occur when the pore throat is small and the pore body is significantly 324 

larger. By contrast, in pores that have a smaller pore aspect ratio, the snap-off may also occur, 325 

but with less oil left behind. This pore size effect was also observed in a previous study (Peng et 326 

al. 2019). In the residual oil areas, clay mineral pores have larger pore bodies, whereas they 327 

should have similar pore throat size to those in the water-imbibed areas, as indicated by the 328 

similar sizes of the smallest pores from the SEM images. Therefore, snap-off occurs more in the 329 

residual oil areas and a substantial fraction of oil is entrapped in the middle of the pore bodies, 330 

whereas the surface and pore throats of these pores are covered or filled with water. This process 331 

explains the answer to the second question raised above. 332 

Note that if one relies on the SEM analysis of the dominant pore type only for S1, the 333 

correct conclusion to the water-wet nature of the pores can be reached as well. However, it may 334 

lead to overlooking the major fraction of residual oil in the sample. By contrast, if one relies on 335 

the imbibition test only, the erroneous conclusion can be drawn that half of the pores are oil-wet 336 

because approximately half of the oil remains. This example demonstrates the advantage of the 337 

integrated method used in this study: the comprehensive and more accurate understanding of 338 

water-oil displacement and the influencing factors, including wettability and pore size.  339 

Sample 2 – a calcareous siliceous mudstone 340 

Micro-CT image analysis. S2 shows a very different result for water-oil displacement from S1, 341 

with only a small fraction of oil recovery by water imbibition.  Oil was imbibed in most porous 342 
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areas in the dry sample between sand-sized calcite and quartz grains (~100–400 µm in size) 343 

(Figs. 7A, 7B, and 7D). After water imbibition, no obvious change can be seen in the central 344 

areas (Fig. 7B vs. 7C and Fig. 7D vs. 7E), and only slight changes on the edge of the sample 345 

(colored circled areas in Fig. 7), indicating little overall oil recovery by water imbibition, which 346 

is focused on the areas on the edge of the sample.  347 

 Interestingly, closer observation reveals that some oil redistribution after water imbibition 348 

occurred in this sample (Fig. 8, the red-boxed area in Fig. 7A). A few areas see the initially dark 349 

microscale pores become brighter (circled areas in Fig. 8). This result indicates that the pores 350 

were not filled with oil at the beginning, a reflection of the non-oil-wet nature of these pores, 351 

which then contained oil after water imbibition.  352 

 353 

Fig. 7—Micro-CT images of S2 at different conditions and the image calculation results. (A) 354 
Dry sample; (B) after oil imbibition; (C) after water imbibition; (D) the difference image 355 
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between B and A (B – A); (E) the difference image between C and A (C – A). There is no 356 

obvious change after water imbibition, except in those areas in the circles.  357 

 358 

 359 

Fig. 8—Zoomed-in micro-CT images of the area in the red box in Fig. 7A. (A) After oil 360 

imbibition; (B) after water imbibition. The originally dark micropores in the circled areas after 361 

oil imbibition (A) become brighter after water imbibition (B), indicating oil redistribution in 362 

these areas.  363 

 364 

Note that if there are some pores that are non-oil-wet, and later water imbibition into 365 

these pores (if any) does not contain oil, micro-CT imaging would not detect these pores. In that 366 

case, those water-wet pores can be overlooked. However, according to the imaging results, most 367 

porous areas between the grains are brighter in S2 (and the other two samples as well), indicating 368 

oil saturation in most porous areas in these samples. Therefore, the amount of such water-wet 369 

pores that may be overlooked are considered minimal in these samples. 370 

SEM pore characterization. The dominant pore type in S2 is interparticle pores between 371 

microscale grains of calcite and quartz (Fig. 9). The porous areas with more calcite grains appear 372 

lighter than the area with more quartz grains (Fig. 9B vs. 9A); however, no distinct oil recovery 373 
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factor can be seen in either the darker or lighter areas in those areas on the edge of the sample 374 

(Fig. 7). For example, although the areas in the red-circled area are lighter than the yellow-375 

circled area in Fig. 7A, the oil recovery by water imbibition in these two areas shows no distinct 376 

difference (Fig. 7D vs. 7E).  377 

 Most pores in S2 have a mixed boundary of quartz and calcite (yellow-arrowed pores, 378 

Fig. 9). There are also some pores that have a quartz boundary only (green-arrowed pores, Fig. 379 

9) or a calcite boundary (red-arrowed pores, Fig. 9). The pores in S2, which have a size up to a 380 

few microns (Figs. 9B, 9D), are generally much larger than the clay mineral pores in S1. The 381 

EDS images show that a small fraction of clay mineral pores also exist in S2 (Fig. A-3). In 382 

addition, the sample also contains a very small fraction of organic-matter pores (images not 383 

shown). 384 
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 385 

Fig. 9—SEM images of S2. (A, C) BSE images of two typical porous areas in S2; (C) has more 386 
calcite; yellow-arrowed pores have a mixed boundary of calcite and quartz; red-arrowed pores 387 
are calcite-bounded interparticle pores; green-arrowed pores are quartz-bounded interparticle 388 

pores. (B, D) the TLD images of (A, C), respectively.  389 

 390 

Discussion on wettability and pore connection in S2. Three questions stand out for this 391 

sample. First, why was the overall oil recovery low and why did water-oil displacement only 392 

occur on the edge? Second, what is the cause of the oil redistribution? Third, what do the 393 

observations from micro-CT and SEM images reveal about the sample with respect to wettability 394 

and other controlling factors? 395 
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To find the answers to these questions, we use the process of elimination for several 396 

presuppositions. 1) Pores in S2 are oil-wet. Although this assumption can explain why there was 397 

no oil recovery by water imbibition in most areas in the middle of the sample, it cannot explain 398 

why oil recovery has occurred in the porous areas on the edge where the pore types are no 399 

different from those in the middle. 2) Pores in S2 are water-wet, but the connectivity of water-400 

wet pores in the middle is poor. Similar pore connectivity analysis of the residual oil and water-401 

imbibed areas as that for S1 was conducted for the porous areas in the red-circled area in Fig. 7. 402 

It can be seen that both residual oil and water-imbibed areas have good connectivity (Fig. A-4). 403 

The overall pore connection in the middle of the sample is good as well (Fig. A-4C). Again, 404 

there is no distinct difference in the pore type between the areas in the middle and in the edge; 405 

therefore, pore connection of different pore types should also be similar in these two areas. Thus, 406 

if most pores in S2 were water-wet and we now understand that pore connectivity is not a hurdle, 407 

then evident oil recovery would have occurred in the middle of the sample.   408 

Therefore, the analysis above indicates that the sample is neither oil-wet nor water-wet 409 

and that pore connection is not a limiting factor for limited oil recovery. The only explanation is 410 

that the pores are mostly intermediate-wet or neutral. This can be related to the fact that the 411 

majority of the pores consist of mixed calcite and quartz boundaries, and the calcite tends to be 412 

more oil-wet and the quartz more water-wet. The combination of this mixed wettability in an 413 

individual pore makes the pore have a neutral- or close-to-neutral wetting nature, and the 414 

imbibition of water in the oil-presaturated sample is thus very slow and only occurs on the edge 415 

of the sample/water interface through the process of countercurrent diffusion.  416 

Note that wettability is relative to a specific fluid pair. Oil imbibition in the dry sample 417 

indicates that most pores are oil-wet relative to air. Nevertheless, pores in S2 are not all oil-wet 418 
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relative to air, as indicated by the oil redistribution, that is, pores without oil originally contain 419 

oil after water imbibition. These pores must be the quartz-bounded pores. They do not appear to 420 

be oil-wet in S2, even relative to air. Instead, they are more water-wet, and because of the large 421 

size of these pores (microscale pores), oil entered the water-wet pores by cocurrent flow with 422 

water as entrapped, phase driven by the capillary force of the quartz pores. This observation-423 

based speculation explains the reason for the oil redistribution in some pores.  424 

Therefore, S2 is mostly intermediate-wet with a small fraction of pores being more water-425 

wet. It is reasonable to assume that the other small fraction of calcite-only pores is more oil-wet. 426 

The overall pore connection is good and is not a limiting factor for water-oil displacement. The 427 

more water-wet pores are more likely to be connected through the intermediate-wet pore network 428 

instead of having an independent pore network. This is in accord with the observation that there 429 

is no obvious oil recovery overall and yet some oil-redistribution in the middle. Because of the 430 

very small amount of organic matter pores in S2, no independently connected organic matter 431 

pore network shall exist.  432 

It is important to differentiate intermediate-wet from mixed-wet. S2 is intermediate-wet, 433 

not mixed-wet. Intermediate-wet, as shown by the water imbibition result in S2, is a neutral 434 

wetting nature that makes the pores favor neither water or oil spontaneous imbibition. Mixed-435 

wet, instead, is that a part of the pores in a sample is water-wet, and the other is oil-wet; 436 

therefore, water imbibition in a part of the sample would be observed if S2 were mixed-wet.  437 

Sample 3 – an organic-matter-rich calcareous mudstone 438 

S3 is a relatively simple sample compared to the previous two. Essentially no water-oil 439 

displacement has occurred in S3 based on the micro-CT images (Fig. 10). This sample has 440 

smaller grains (<2–4 µm) than S1 and S2, and thus the porous areas appear to be distributed 441 
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across the whole sample as indicated by the result of oil imbibition (Fig. 10D). The brightness of 442 

the oil-imbibed areas does not show any sign of change after water imbibition, indicating no (or 443 

minimal) occurrence of water-oil displacement.   444 

 445 

Fig. 10—Micro-CT images of S3 at different conditions and the image calculation results. (A) 446 

Dry sample; (B) after oil imbibition; (C) after water imbibition; (D) the difference image 447 
between B and A (B – A); (E) the difference image between C and A (C – A). There is no sign of 448 
change after water imbibition in any of the porous areas in this sample. The small, very bright 449 
spots are the result of very small errors in image registration and are artifacts. 450 

 451 

Sample S3 is therefore considered more oil-wet. This is confirmed by the SEM pore 452 

characterization. There are two types of dominant pores in S3: calcite pores and organic-matter 453 

pores, both of which are more oil-wet. The former are calcite pores in coccoliths and are much 454 

larger (up to 1–2 µm) than the latter (Fig. 11). A part of the calcite pores has at least some 455 
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boundary of organic matter, interpreted to be migrated bitumen (Figs. 11B, 11D).  The pores 456 

within the organic matter are smaller (<300 nm) but very common (Fig. 11D). A substantial 457 

amount of spongy organic-matter pores of even smaller size (<20 nm) exists in the organic 458 

matter inside the foraminifer chambers (Fig. A-5). Note that S3 demonstrates layered distributed 459 

pore networks (Fig. 10D), some having brighter grayscale than others. The brighter layer 460 

indicates larger pores and is thus interpreted to consist of the larger calcite pores, whereas the 461 

other layers include the smaller organic pores. In other words, the calcite and organic-matter 462 

pores may form independently connected pore networks in this sample.  463 

 464 

Fig. 11—SEM images of S3. (A, C) Example TLD images showing the distribution of the large 465 
calcite pores and the organic matter; (B, D) the magnified area of the yellow box in (A, C), 466 
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respectively, showing the coexistence of the larger calcite pores and the smaller organic-matter 467 

pores. A large number of the calcite pores have clean calcite boundaries in (B); (D) shows the 468 

big calcite pores with an organic-matter (most likely migrated bitumen) boundary.  469 

 470 

Implications on improved oil recovery strategies 471 

Although the experiment in this study was conducted under ambient conditions, to a certain 472 

extent the results of water-oil distribution after water imbibition can reflect the subsurface 473 

situation after hydraulic fracturing with respect to water-oil distribution in the shale matrix. The 474 

results therefore have important implications on water cut source analysis, fracturing fluid 475 

selection, and potential improved oil recovery strategies. The discussion below is based on the 476 

assumption that each sample (S1–S3) represents a major type of lithofacies of the reservoir.  477 

S1. Because of its water-wet nature, water enters most of the pores (clay mineral pores) in this 478 

sample. In subsurface conditions, the smaller clay mineral pores, such as those pores smaller 479 

than 70 nm, may have been occupied by water even before hydraulic fracturing. In the relatively 480 

larger pores (>70 nm), oil exists but is entrapped in the middle of the pore bodies by water after 481 

hydraulic fracturing. This water-oil distribution favors water flow but hinders oil flow. 482 

Therefore, the water relative permeability is high, whereas the oil relative permeability is low 483 

even though the oil saturation is still high (for example, ~50% after water imbibition in this 484 

experiment). This phenomenon can partly explain the causes of high water cut from this type of 485 

reservoir in Wolfcamp plays.  486 

To reduce the water-block effect, less water-wetting fracturing fluid should be applied, if 487 

possible. A fracturing fluid containing a surfactant-type additive that can enhance the solubility 488 

of oil in water and reduce the surface tension between water and oil would also be beneficial.  489 
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Because of the strong water blocking effect in this sample, gas injection, such as “huff 490 

and puff,” would not be efficient. Gas relative permeability will be low in this type of reservoir, 491 

and the accessibility of gas to the entrapped oil is limited at the same time. Therefore, improving 492 

the oil solubility and/or reducing the water blocking effect should be the preferred strategy for 493 

this type of reservoir.  494 

S2. Water imbibition into the well-connected pore system in S2 is slow because of the 495 

intermediate-wetting property of the majority of pores. Therefore, slight water uptake to a 496 

minimal depth near the fracture-matrix interface can be expected after hydraulic fracturing, and 497 

the water-block effect should be minor, which is beneficial to post-fracturing oil flow.  498 

To further enhance the production after primary depletion in this type of reservoir, both 499 

wettability alteration and miscible gas injection may work. Considering that the quartz part of the 500 

pore boundary is water-wet, wettability alteration should be focused mainly on the calcite part. 501 

However, because the water-block effect may occur after initial improved oil production due to 502 

water imbibition, the long-term production can be restrained. In this sense, miscible gas injection 503 

may be a better option prior to wettability alteration. Good pore connectivity in this sample 504 

warrants the flow path of either a water-based wettability alterating agent or gas.  505 

S3. For an organic-matter-rich calcareous mudstone in which calcite and organic-matter pores 506 

are dominant, water imbibition after hydraulic fracturing should be minimal. Even if there is 507 

certain initial water saturation before hydraulic fracturing, the oil should still be distributed in 508 

organic matter pores that are oil-wet. Therefore, miscible gas injection may be a good option for 509 

this type of reservoir. Wettability alteration can be difficult for the organic-matter pores; 510 

however, it may work for the calcite pores. Because the calcite pores and organic-matter pores 511 

are very likely to have independent pore networks, the water block effect due to water imbibition 512 
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will not affect the oil-wet organic-matter pore network; therefore, the methods of wettability 513 

alteration targeted for the calcite pores and miscible gas injection for the organic-matter pores 514 

may be applied at the same time without interfering with each other.  515 

In reality, different lithologies of rocks always exist in a reservoir; thus, comprehensive 516 

consideration based on the accurate understanding of each type of rock and its weight in the 517 

reservoir must be taken into account for the optimal improved oil recovery strategy. Also note 518 

that the suggested EOR strategies in this paper are based on the analysis of wettability and water-519 

oil displacement, more practical factors such as fracture connectivity and communication, 520 

possible early gas breakthrough and instable gas-fluid interface in gas injection, existing 521 

infrastructure and cost should be taken into account in the actual decision-making. 522 

 523 

Conclusions 524 

This comparative study of three samples with different types of pore systems, lithologies, 525 

and wettability provided an improved understanding of the mechanisms of water-oil 526 

displacement by imbibition and its controlling factors, including wettability, pore size (aspect 527 

ratio), and pore connectivity. While shale is commonly considered to be mixed-wet, it is 528 

important to have an accurate understanding of how mixed the wettability is, what its distribution 529 

is, and how it affects oil distribution. Wettability is easier to evaluate for pores with a certain 530 

type of mineral or organic-matter boundary; however, it is not straightforward for pores with 531 

boundaries of different types of minerals (such as intermediate-wet in S2). Wettability is a key 532 

factor in determining water-oil displacement. Comparison of the three samples shows that S1, 533 

which is more water-wet, has the higher oil recovery than S2 and S3, which are intermediate-wet 534 

and oil-wet, respectively. Nevertheless, wettability is not the only influencing factor for water-oil 535 
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displacement. For samples that are similar to S1, pore size, specifically pore aspect ratio, also 536 

plays an important role. Wettability is a surface property, and should not be equalized with oil 537 

recovery or oil/water dominance in a sample, which are volume-based parameters. Independent 538 

pore networks with different wettability may not exist in a specific sample as previously assumed 539 

by many researchers. The connectivity of the pores with specific wettability is dependent on the 540 

fraction of the specific pores. The dominant type of pore in a sample is generally well-connected, 541 

whereas non-dominant pores do not have an independently connected network. Instead, they are 542 

commonly connected with the dominant pore network.  543 

Application of this integrated imaging and imbibition method for shale samples in major 544 

lithofacies will be necessary for a full comprehension of pore wettability, water-oil displacement, 545 

and water-oil distribution in a specific formation. Specific strategy of improved oil recovery can 546 

be obtained for specific rock types based on the integrated analysis. This integrated technique 547 

also provides a promising way for further studies of the influence of fluid composition, such as 548 

brine salinity, pH, and oil components, on pore wettability and water-oil displacement.  549 
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Appendix 658 

 659 

Fig. A-1—Registered micro-CT images of S1. (A) dry; (B) after oil imbibition; (C) after water 660 
imbibition. The diameter of the sample is 1.5 mm. The area in the yellow box is zoomed in and 661 

shown in Fig. 2 in the main text.  662 

 663 

 664 

Fig. A-2—EDS and SEM images for S1. (A) EDS map showing clay minerals (green) as the 665 

dominant minerals in the porous areas; (B, C) two examples of interparticle pores in pyrite 666 
framboids that have either a big size or an organic-matter boundary; (D, E) two examples of 667 
organic-matter pores.   668 
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 669 

Fig. A-3—EDS maps for S2. The porous areas consist of microscale quartz (red) and calcite 670 

(blue) grains. A major part of the interparticle pores has a mixed boundary of quartz and calcite.  671 

 672 

Fig. A-4—(A) 3D image of the water-imbibed areas in a local area (red-circled area in Fig. 7) on 673 

the edge in S2; (B) 3D image of the residual oil areas in the same area; (C) overall porous areas 674 

in S2 in the green-boxed area of the sample. These images show good connectivity of all these 675 

areas. 676 
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 677 

Fig. A-5—Example SEM images of the small (<20 nm), spongy organic-matter pores in S3. (A, 678 
C) BSE images showing the organic matter with pores in foraminifer chambers. (B, D) TLD 679 
images showing the spongy pores (<20 nm) in the organic matter in (A, C), respectively.  680 

  681 



38 
 

Figure Captions 682 

Fig. 1—Contact angle measurement of DIM, DIM+C12B, and the paraffin oil on a glass plate. 683 

(A) Snapshots of the sessile drop tests; (B) comparison of the contact angle. 684 

Fig. 2—Micro-CT images of S1 at different conditions and the image calculation/processing 685 

results. (A) Dry scan; (B) after oil imbibition; (C) result image of (B – A), lighter areas are where 686 

oil imbibition occurs; (D) segmentation result of C, yellow represents oil-imbibed areas; (E) after 687 

water imbibition; (F) result image of (E – A), lighter areas contain residual oil after water-oil 688 

displacement; (G) segmentation result of F, red represents residual oil areas. 689 

Fig. 3—Image calculation/processing results of the images shown for S1 in Fig. 2. (A) The 690 

combination of water-imbibed areas (green) and residual oil areas (red) with the dry image in 691 
background; (B) water-imbibed areas (green); (C) residual oil areas (red); (E) extracted areas of 692 

green in (B) from the dry image, showing the areas with water imbibition in the dry sample; (F) 693 
extracted areas of red in (C) from the dry image, showing the areas with residual oil in the dry 694 
sample.  695 

Fig. 4—Residual oil factor map (B) in water-imbibed and residual oil areas (A). Red and green 696 

in (A) denote the residual oil and water-imbibed areas, respectively. Scale bar in (B) is the 697 
residual oil factor after water imbibition from 0 to 1.0.  698 

Fig. 5—3D images showing the independently connected networks of the residual oil areas (A) 699 
and the water-imbibed areas (B). These two networks are interconnected at the same time in the 700 
3D space (C).  701 

Fig. 6—SEM images of S1. (A) An overview showing the grayscale contrast in the porous areas 702 

between silt grains (10–50 µm); the green- and red-circled areas are the water-imbibed and 703 
residual oil areas, respectively; (B, D) example BSE images of typical areas in the two red-704 
circled areas in (A); (C, E) the TLD images of (B) and (D); (F, H) example BSE images of 705 

typical areas in the two red-circled areas in (A); (G, I) the TLD images of (F) and (H). 706 

Fig. 7—Micro-CT images of S2 at different conditions and the image calculation results. (A) 707 

Dry sample; (B) after oil imbibition; (C) after water imbibition; (D) the difference image 708 
between B and A (B – A); (E) the difference image between C and A (C – A). There is no 709 

obvious change after water imbibition, except in those areas in the circles.  710 

Fig. 8—Zoomed-in micro-CT images of the area in the red box in Fig. 7A. (A) After oil 711 
imbibition; (B) after water imbibition. The originally dark micropores in the circled areas after 712 
oil imbibition (A) become brighter after water imbibition (B), indicating oil redistribution in 713 
these areas.  714 

Fig. 9—SEM images of S2. (A, C) BSE images of two typical porous areas in S2; (C) has more 715 
calcite; yellow-arrowed pores have a mixed boundary of calcite and quartz; red-arrowed pores 716 

are calcite-bounded interparticle pores; green-arrowed pores are quartz-bounded interparticle 717 
pores. (B, D) the TLD images of (A, C), respectively.  718 

Fig. 10—Micro-CT images of S3 at different conditions and the image calculation results. (A) 719 
Dry sample; (B) after oil imbibition; (C) after water imbibition; (D) the difference image 720 
between B and A (B – A); (E) the difference image between C and A (C – A). There is no sign of 721 
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change after water imbibition in any of the porous areas in this sample. The small, very bright 722 

spots are the result of very small errors in image registration and are artifacts. 723 

Fig. 11—SEM images of S3. (A, C) Example TLD images showing the distribution of the large 724 
calcite pores and the organic matter; (B, D) the magnified area of the yellow box in (A, C), 725 
respectively, showing the coexistence of the larger calcite pores and the smaller organic-matter 726 
pores. A large number of the calcite pores have clean calcite boundaries in (B); (D) shows the 727 
big calcite pores with an organic-matter (most likely migrated bitumen) boundary.  728 

Fig. A-1—Registered micro-CT images of S1. (A) dry; (B) after oil imbibition; (C) after water 729 
imbibition. The diameter of the sample is 1.5 mm. The area in the yellow box is zoomed in and 730 
shown in Fig. 2 in the main text.  731 

Fig. A-2—EDS and SEM images for S1. (A) EDS map showing clay minerals (green) as the 732 

dominant minerals in the porous areas; (B, C) two examples of interparticle pores in pyrite 733 
framboids that have either a big size or an organic-matter boundary; (D, E) two examples of 734 
organic-matter pores.   735 

Fig. A-3—EDS maps for S2. The porous areas consist of microscale quartz (red) and calcite 736 

(blue) grains. A major part of the interparticle pores has a mixed boundary of quartz and calcite.  737 

Fig. A-4—(A) 3D image of the water-imbibed areas in a local area (red-circled area in Fig. 7) on 738 

the edge in S2; (B) 3D image of the residual oil areas in the same area; (C) overall porous areas 739 

in S2 in the green-boxed area of the sample. These images show good connectivity of all these 740 

areas. 741 

Fig. A-5—Example SEM images of the small (<20 nm), spongy organic-matter pores in S3. (A, 742 

C) BSE images showing the organic matter with pores in foraminifer chambers. (B, D) TLD 743 

images showing the spongy pores (<20 nm) in the organic matter in (A, C), respectively.  744 
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