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Abstract 7 

Wetting conditions and fluid-fluid interfacial properties are essential to understanding oil 8 

recovery in the context of low-salinity and smart waterflooding. Many have deemed wettability 9 

alteration to be the dominant interaction, while some highlight the importance of fluid-fluid 10 

interactions. In some rock-fluid systems, benefits from the use of additives can arise to favor 11 

hydrocarbon production. Understanding the balance between the fluid-fluid and rock-fluid 12 

interactions when utilizing additives is crucial to evaluate benefits in improved efficiency. Ultimately, 13 

this understanding will shed light on recovery mechanisms. Regarding oil recovery, previous studies 14 

indicate that the injection of a naphthenic acid (NA) blend dissolved in an injection brine improves 15 

oil recovery in Berea Sandstone, particularly under low-salinity conditions. Interfacial rheology results 16 

for the brine-oil interface correlated well with the recovery response. This observation was 17 

speculated to serve as a potential improved recovery mechanism through oil-trapping suppression. 18 

However, the said studies did not evaluate potentially concurrent rock wettability alteration during 19 

recovery or the initial wetting condition. The purpose of this work is to determine the production 20 

behavior in systems with NAs, namely NA-10 (3-Cyclohexanepropinoic acid), NA-14 (Cyclopentane 21 

carboxylic acid), NA-18 (Cyclohexane carboxylic acid), and NA-mix (Naphthenic acid mixture), at 22 
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different initial wetting conditions under spontaneous imbibition. In addition, we tested the NAs 23 

ability to alter wettability in Berea Sandstone and determine each “additive’s” capacity to improve 24 

recovery. Time-domain nuclear magnetic resonance (TD-NMR), contact angle, and Amott cell tests, 25 

i.e. spontaneous imbibition, were used to analyze the influence of the selected naphthenic acids on 26 

oil displacement under different initial wetting conditions. Our results indicate that individual 27 

naphthenic acids indeed have potential as additives in low-salinity waterflooding for oil-wet systems 28 

while negatively impacting recovery in water-wet systems. However, results suggest that the 29 

evolution of the interfacial properties and wettability conditions are equally important on the 30 

recovery behavior. 31 
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 33 

 1. Introduction: 34 

The primary recovery production rate of hydrocarbons slows as the natural reservoir energy 35 

depletes. This, in turn, calls for additional means of hydrocarbon recovery, i.e. secondary or tertiary 36 

processes, which become crucial to arrest a decline in production (1-3). Waterflooding, a secondary 37 

recovery process, replaces the reservoir's natural energy by injecting a water solution, thereby 38 

driving the displacement of the remnant oil. Water sweeps the oil from the pores at a microscopic or 39 

pore-level efficiency, but in this process, water can also finger through the formation or bypasses 40 

trapped oil, resulting in an overall poor sweep efficiency (4). An optimized injection fluid improves 41 

interactions between the injection fluid, formation fluid, and rock surface to enhance the recovery 42 

efficiency, preferably at both the micro and macro levels. The improved injection fluid's composition 43 

has substantially affected the waterflood recovery in several studies (5,6).  Abundant experimental 44 

evidence shows that lower salinity brine can yield recovery benefits (7).  The degree of improvement 45 



 

is dependent on connate water composition, wettability conditions, and matrix mineralogy (5). The 46 

claim is that the Low Salinity Effect (LSE) results from multiple mechanisms, e.g. electric double layer 47 

improvement and wettability alteration. However, causative mechanisms have not been entirely 48 

identified beyond correlated observations (7-9). 49 

It should be noted that rock-fluid and fluid-fluid interactions play a significant role in the 50 

recovery process, affecting 'fluids' mobility (10). On the rock-fluid interaction side, an essential 51 

feature of the rock matrix contributing to sweep efficiency is rock wettability. This property 52 

represents the preferential attraction of a fluid for a solid surface in the presence of a second 53 

immiscible fluid (11). Water wetness has been argued to be required to benefit oil recovery (11). 54 

Several authors have put forth that fluid-fluid interactions can significantly impact oil recovery, 55 

depending on fluid composition and interfacial properties (11,12). Rock surface wettability plays a 56 

direct role in transporting fluids in the pore space, especially in multiphase systems (13). Oil-wet 57 

sandstone has been deemed an unfavorable surface that seems to inhibit or slow fluid transport (14).  58 

When reservoir characteristics are unfavorable, actions must be taken to modify the surface and 59 

improve the recovery using external additives, e.g. surfactants, or in this work, naphthenic acids. 60 

Berea Sandstone cores were aged in crude oil at 80oC to alter its natural water-wetness to mimic 61 

these unfavorable conditions (15).  While spontaneous imbibition has been traditional used as a 62 

probe for wettability, the process depends on both the fluid-fluid interfacial properties and the rock-63 

fluid interaction (14). 64 

Regarding composition, specific ions in the aqueous phase, namely certain cations and anions 65 

such as Mg+, Ca2+, and SO42- impact the efficiency of low-salinity waterflooding the most (12). More 66 

particularly, sulfate anions positively impact the efficiency of this recovery method for sandstone 67 

reservoirs (13-14). Ion interactions influence fluids' mobility due to interactions with the surface and 68 

the ions in the fluid. Specific ion effects, i.e. Hofmeister effects, which result from changes in ion 69 



 

concentration during low-salinity waterflooding, affect the fluid-fluid interfacial tension (16). The 70 

interfacial phenomena between the fluids and rock surface directly affect the interface between the 71 

reservoir and injection fluids, and vice versa. Immiscible fluid dynamics depends on the balance 72 

between the fluid-fluid interfacial stresses and the so-called wettability. Investigating the fluid 73 

dynamics must be completed with the rock media, injection fluid, and reservoir fluid to understand 74 

the dynamics among the three components. Several techniques have been used to probe the impact 75 

of wettability, a list not limited to pendant-drop contact angle, time-domain Nuclear Magnetic 76 

Resonance (TD-NMR), and spontaneous imbibition (17-21). 77 

A pendant-drop system enables contact angle measurements to assess the wetting condition 78 

for any three components (a solid and two immiscible fluids). The wetting condition is equivalent to 79 

the balance of interfacial tensions and the physical contact angle (22). This technique can monitor 80 

changes in the contact angle over an aging period, providing a quantification in wettability 81 

assignment and qualification of the current favoring surface wetting condition. TD-NMR provides a 82 

means to infer the change in the collective rock-fluid system's wettability using the T2 distribution 83 

and diffusion coefficient data (20). The T2 distribution is associated with the relaxation rate of 84 

magnetic spins in the fluid commonly associated with sensitivity to surfaces (23-24). The diffusion 85 

coefficient depends not only on the physical restriction of the pore, but also on the chemical 86 

interaction between the fluid molecules and the surrounding pore surface (25-26). T2 distributions 87 

serve as proxies for wettability alteration over time, though it lacks the quantification of the wetting 88 

conditions locally that methods such as pendant-drop contact angle determination provide. 89 

Spontaneous imbibition is the displacement of a non-wetting fluid by a wetting fluid surrounding a 90 

porous medium by capillary action (27-28).  The displaced fluid volume, namely oil, is then 91 

volumetrically measured in the Amott cell. Oil recovery from the core depends on the capillary 92 

pressure, wettability and tortuosity (29). The imbibition process can gauge time scales of pore scale 93 



 

phenomena, but short-time scales are better investigated by applying TD-NMR and contact angle 94 

measurements. These techniques can also be used to monitor alterations in wettability. These 95 

alterations can stem from both natural and artificial means. Certain additives to secondary recovery 96 

processes alter the system's wettability, and some have been proposed for low-salinity waterflooding 97 

(30). Modification of the solid surfaces from the exchange of fluids has been proven to enhance 98 

production (31,32). Therefore, identifying additives that positively impact recovery in different 99 

wetting conditions is needed to create a more cost-effective waterflooding process, but must first be 100 

studied in the lab. 101 

Chemical enhanced oil recovery techniques are promising because they can increase 102 

displacement efficiency, technical, and economic feasibilities at a reasonable cost for field application 103 

(34). Additives to waterflooding processes can result in a low-cost addition to the operating cost and 104 

require little surface equipment in field applications. These additives have the potential to modify 105 

the rock surface or to modify the interfacial properties between injection and reservoir fluids. These 106 

processes aim to lower the interfacial tension, modify the rock surface's wettability, and alter the 107 

physical rock matrix to increase permeability, but require compatibility analysis on interactions 108 

between the injection fluids, reservoir fluids, and the rock matrix. From previous studies in our group, 109 

naphthenic acids (NAs) have been shown to modify interfacial properties of the oil-brine systems and 110 

reflect their potential benefits as additives (35). NAs are naturally occurring organic acids in crude oil, 111 

which can transfer across or reside at the interface.  The acids concentration and type appear to be 112 

critical, being more beneficial at high concentration (36).  Reilly et al. 2018 proposed cyclopentyl and 113 

cyclohexyl carboxylic acids, which have been shown to be water-soluble and able to repair the 114 

interface, while others have an opposite effect (35). This occurs as the NA in brine partitions between 115 

phases, where the NAs will pass through the interface and induce the previously mentioned 116 

interfacial changes. This work is a continuation of a series of studies that identified a group of 117 



 

naphthenic acids as potential additives to enhance low-salinity waterflooding. In addition to the 118 

effect on the fluid-fluid interfacial properties (35), we hypothesized that NAs solutions can regulate 119 

the rock-fluid interaction. We propose that NAs give rise to different net behaviors depending on the 120 

wettability condition and induce wettability alteration. For this purpose, NA-10 (3-121 

Cyclohexanepropinoic acid), NA-14 (Cyclopentane carboxylic acid), NA-18 (Cyclohexane carboxylic 122 

acid), and NA-mix (Naphthenic acid mixture) were selected to evaluate rock-fluid interactions of a 123 

crude oil and sandstone system in comparison to a low-salinity brine. This crude oil, GB oil, from a 124 

Wyoming reservoir, and Berea Sandstone are used to evaluate wettability, wettability alteration, and 125 

oil recovery.  To this end, contact-angle, T2 distribution, and diffusion coefficient were measured 126 

along with spontaneous imbibition experiments. These techniques were used to study the effects of 127 

selected organic acids on oil recovery under different wettability conditions using naturally water-128 

wet Berea Sandstone and artificially modified oil-wet Berea Sandstone. 129 

 130 

2. Materials and Methods 131 

 2.1. Materials: 132 

 Brines were prepared using analytical grade Na2SO4 salt (Fisher Scientific, Pittsburgh, PA) 133 

diluted in de-ionized water at a concentration of 1%, where 100% corresponds to seawater salinity 134 

(or an ionic strength of 0.6724). The 1% concentration is equivalent to an ionic strength of 0.006724 135 

M.  This brine was selected because it served as the baseline aqueous phase for coreflooding 136 

experiments in which a naphthenic acid mixture improved the recovery factor (35). Sulfate anions 137 

have been shown to make rock surfaces more water-wet and reduce the interfacial tension between 138 

fluid species. For these experiments, a simple brine with known properties and effects was selected 139 

to mimic interfacial materials and methods used by Reilly et al. (2018).  Naphthenic acid solutions 140 

were prepared based on their solubility at a concentration of 1 mM. The selected acids were: 3-141 



 

Cyclohexanepropinoic acid, Cyclopentane carboxylic acid, Cyclohexane carboxylic acid), and 142 

Naphthenic acid mixture, each purchased from Sigma Aldrich. The used additives are labeled as NA 143 

10, NA 14, NA 18 and NA mix for a better representation. The composition and the identification of 144 

the fluids used in this study are shown in Table 1. Each naphthenic acid has its unique chemical 145 

structure that potentially contributes to oil recovery improvement. The molecular size and shape will 146 

determine the feasibility for the molecule to pass through the interface (34). Smaller molecules 147 

efficiently cross the water-oil interface, while larger molecules will become trapped in the interface, 148 

strengthening it (38). The increase in interfacial tension transitions the capillary number by changing 149 

the capillary forces the fluids must overcome during recovery (38). 150 

Table 1. Fluid description 

ID Base Fluid Additive 

1% Na2SO4 0.0067 M Na2SO4 Not applicable 

NA10 0.0067 M Na2SO4 0.001 M 3-Cyclohexanepropinoic acid 

NA 14 0.0067 M Na2SO4 0.001 M Cyclopentane carboxylic acid 

NA 18 0.0067 M Na2SO4 0.001 M Cyclohexane carboxylic acid 

NA MIX 0.0067 M Na2SO4 0.001 M Naphthenic acid mixture 

 151 

 The crude oil used in this work had the following characteristics at 25oC: density of 0.9092 152 

g/cm3, a viscosity of 105 mPa·s, pentane-asphaltene content of 10% wt, and a refractive index of 153 

1.527.   The porous media samples used were drilled from a Berea Sandstone block with an average 154 

porosity of 19% and average permeability of 720 mD. The mineralogy of the rock has a significant 155 

amount of carbonate minerals as Dolomite and Kaolinite as well as a considerable amount of quartz 156 

(for mineralogical details, please refer to Kazempour et al., 201236; Kazempour et a., 201237).  Core 157 

plugs of 0.8 cm in diameter and 1 cm in length were prepared for NMR measurements. Meanwhile, 158 



 

for spontaneous imbibition experiments, cylindrical cores with a diameter of 2.54 cm (1") and a 159 

height of 3.81 cm (1.5") were used.  In addition, rock slabs were cut for contact angle experiments at 160 

a length and width of 2 cm and a height of 0.4 cm. These slabs were then polished using a water-161 

soluble diamond lapping paste on one side, and the unpolished sides were affixed to glass slides. 162 

To perform an analysis under water-wet conditions, a group of samples was vacuum saturated 163 

with crude oil 24 hours prior to the measurements. Considering Berea Sandstone samples are 164 

naturally water-wet, and to investigate the impact of wettability, some samples were aged in the 165 

crude oil for 3 weeks at 80oC to alter their natural wettability (40). 166 

 2.2. Methods 167 

 2.2.1. Spontaneous Imbibition 168 

 Amott cells were used to quantify oil recovery under spontaneous imbibition conditions   for 169 

the select brine or naphthenic acid solutions in oil-saturated Berea Sandstone samples.   Oil volumes 170 

recovered over time were recorded by measuring the level of the expelled fluid from the core. To 171 

investigate the added improvement to oil recovery under different wetting conditions, saturated 172 

water-wet and oil-wet Berea Sandstone core were aged in each of the naphthenic acid solutions and 173 

the standard solution. This provided ten testing conditions to observe long-term wettability 174 

alteration of the selected fluid composition and the rock’s surface properties. The experiments and 175 

the volume of produced oil were monitored and recorded periodically for 100 days. 176 

 2.2.2. NMR T2 Relaxation and Diffusion Coefficient Measurements 177 

 A Bruker mq20 miniSpec spectrometer with a frequency of 19.65 MHz was used in all NMR 178 

experiments.  The attached temperature controller, F12-MA, JULABO USA Inc., maintained the 179 

temperature at 25oC with a possible deviation of ±0.02oC by circulating a liquid coolant containing 180 

ethylene glycol at a 1:1 ratio with water. The Carr-Purcell-Meiboom-Grill pulse sequence (35) was 181 



 

used to measure the NMR T2 relaxation time. A total of 3000 echoes and an echo time of 0.5 182 

milliseconds were used in the acquisition setup.   The value of echo spacing, τ, the number of points, 183 

and the gain were optimized to provide a smooth curve and improve the signal-to-noise ratio. 184 

Moreover, 64 scans for each repeat and four (4) separate measurements for each system 185 

were completed. The diffusion coefficient was determined by the pulsed-field gradient spin echo 186 

(PFGSE) method.  The following parameters values were set: gradient pulse of 0.5 ms, gradient pulse 187 

separation 7.51444 ms, 90o–180o pulse separation 7.51085 ms, and 90o first gradient pulse of 1 ms. 188 

T2 and diffusion coefficient measurements were executed for all the samples during days 1, 7, 14, 21, 189 

and 28. Conversion of relaxation signal into T2 distribution was processed using the CONTIN software 190 

provided by Bruker. 191 

 The Amott cell used for measuring spontaneous imbibition is a well-proven technique to 192 

assess the wettability alteration over time (38).  This technique plotted alongside the NMR response 193 

provides a linear relationship describing the wettability index (38,39). NMR T2 distribution 194 

experiments have been used for rock characterization and fluid typing, i.e. Coates relationship in 195 

Equation 1 (41). This relationship describes how the T2 distribution directly relates to the surface 196 

relaxivity of the pore wall and the surface-to-volume ratio of the rock matrix. Surface relaxation of 197 

the wetting phase will depend on the wetting environment. If an oil-wet system is exposed to water, 198 

shorter T2 values or a leftward shift will be noticed as the rock becomes more water-wet over time. 199 

The change in T2 distribution can be seen in Equation 1, which shows a dependency on the surface-200 

to-volume ratio of pores and the surface relaxivity. As the fluids and rock interact, the surface 201 

relaxivity changes. This is under the assumption that the imbibing fluid will invade the larger pores 202 

first in an oil-wet system, followed by smaller pores, and finally crannies on solid surfaces.  203 
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where T2 is the spin-spin relaxation distribution; 𝜌𝜌 is the surface relaxivity coefficient; (S/V) is the 204 

surface to volume ratio of the pore. Changes in the T2 distribution can indicate changes in the fluid 205 

distribution and if the pore's surface is modified. A change in the rock's surface properties can be 206 

shown by a change in the location of the peaks, but maintaining the general shape. The intensity of 207 

the signal is directly related to the saturation of the porous media. However, it is affected by the 208 

distribution and fluid species that are present. 209 

 210 

 211 

2.2.3. Contact Angle 212 

 Contact angle measurements were conducted using a Future Digital Scientific Corporation/ 213 

Dataphysics pendant drop system (OCA 25).  Berea Sandstone slabs were polished using water-214 

soluble diamond lapping paste to attain uniform surface roughness. Surface roughness 215 

measurements were performed using a Keyence confocal microscope. The arithmetic roughness 216 

average, Ra, was used to characterize the roughness of the rock surface. These samples' surface 217 

roughness resulted in a uniform linear roughness (Pa) of 5 µm along the sample. 218 

 Contact angle values were measured on oil-wet and water-wet samples. Oil-wet samples 219 

corresponded to those that were aged in the crude oil for three weeks at 80oC. Water-wet samples 220 

corresponded to slabs that did not undergo the aforementioned process but rather a 24-hour aging 221 

process before initial measurements. Excess oil was removed from the slabs after the aging process.  222 

The non-polished side was then affixed to a glass slide and labeled.  The initial contact angle was 223 

measured utilizing the pendant drop system by placing the slab in the chamber.   The pendant drop 224 



 

system has a downward needle position, where the polished side of the slab is below the dosing 225 

needle (Figure 1). 226 

 227 

Figure 1 Pendant drop setup for contact angle experiments modified from (44). 228 

The dosing needle then injected a volume of 5 microliters of oil onto the rock surface 229 

submerged in an aqueous solution. A backlight illuminates the dosed droplet sitting on the rock 230 

surface and between the camera and the light source.  This setup improves the quality of the droplet 231 

shape silhouette for the software, OCA 25.   The user determines the plane of contact between the 232 

droplet and rock surface. Then the software determines the shape of the droplet on the surface and 233 

points of contact between the rock and droplet.  A contact angle from 0 to 50 degrees corresponds 234 

to water-wetness while 51 to 80 degrees is associated with a weak water-wetness (42).  From 80 to 235 

100 degrees, the surface is considered neutral in wetting, namely when the surface spreading favors 236 

both fluids equally (42). Likewise, 100 to 129 degrees characterizes the surface as weak oil-wetness, 237 

while 130 to 180 degrees is a strong oil-wetness (42).   The angle formed can then be assigned a 238 

wetting condition, namely strong wetting, weak wetting, or neutral wetting.   239 

 240 

 3. Results/Discussion: 241 

Results described in this section tested conditions that included the selected brine and 242 

naphthenic acid solutions with unaltered water-wet Berea Sandstone and modified oil-wet Berea 243 



 

Sandstone samples. Naphthenic acid solutions were prepared in 1% Na2SO4 to evaluate the possible 244 

enhancement in wettability compared to the standard, 1% Na2SO4.  Low-salinity waterflooding with 245 

this particular salt is known to enhance the wettability after injection into sandstone reservoirs (30), 246 

which can be noticed in oil production. 247 

3.1 Spontaneous imbibition  248 

During the spontaneous imbibition experiments for water-wet samples, early time production 249 

was led by the standard (1% Na2SO4) solution. On the other hand, the addition of naphthenic acids 250 

appears to have an adverse impact on production.  Short-time (less than 15 days) production rates 251 

were decreased by adding naphthenic acids, as seen in Figure 2. Over time, the systems' response 252 

containing NA MIX and NA-18 behaved more similarly to the standard brine solution.   Meanwhile, 253 

NA-10 and NA-14 reflected a very different behavior, which translated into less production than the 254 

other solutions. Finally, it could be said that the addition of the naphthenic acids did not enhance the 255 

production of oil in the imbibition experiments above the base brine values. It is essential to notice 256 

that the response depended on the acid used. 257 

 258 

Figure 2 Water wet imbibition 100-day monitoring period. 259 

 

 

Time (days) 

 
Pr

od
uc

ed
 O

il 
(%

) 



 

In the longer term, namely after 15 days, the standard brine solution's production behavior 260 

was similar to that for NA-18 and NA MIX. These results provide some insights into the effect of the 261 

selected naphthenic acids under water-wet conditions. They are useful for estimating the impact on 262 

production as the crude oil is displaced by the surrounding aqueous phase. Under water-wet 263 

conditions, displacement of crude oils is favorable. The addition of the naphthenic acids in water-wet 264 

systems negatively impacts crude oil recovery for at least two of the NAs used.  265 

Results from the spontaneous imbibition experiments of the oil-wet cores (Figure 3) showed 266 

that crude oil recovery volume percentage was lower than that of the water-wet cores (Figure 2) over 267 

the same time.  Among the oil-wet systems, NA-14 led to production acceleration over the short time, 268 

with respect to the standard brine solution.  However, the long-term assessment indicates that NA14 269 

and the standard solution yield similar production on the 100th day. NA-18 and NA MIX induced 270 

similar production trends, roughly half of the water-wet systems during the same period. NA-10 failed 271 

to produce during the 100-day period.  However, this was impacted by the formation of oil droplets 272 

on the bottom of the core that remained adhered to the rock surface and never traveled to the stem 273 

of the Amott cell for measurements.  This effect constrained fluid motion so that quantification 274 

became difficult, as seen in Appendix A. This behavior could depend on differences among the rock 275 

samples or some other effects that are out of the scope of this work. 276 
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Figure 3 Oil-wet Imbibition 100-day monitoring period. 278 

Spontaneous imbibition results for oil-wet sandstone provided a means to assess the long-279 

term interactions between the saturation fluid, ambient fluid, and Berea sandstone core. As seen in 280 

Figure 3, the short-time production was stunted for the standard brine solution, NA-10, NA-18, and 281 

NA MIX. Contrary to the other solutions, NA-14 induced faster imbibition into the core. The addition 282 

of NA-10, NA-18, and NA MIX did not improve the crude oil's recovery from the Berea sandstone core 283 

regardless of wetting condition. This leaves a single candidate, NA-14, to understand the 284 

enhancement in recovery over the short-time scales observed in the oil-wet cores during the 285 

spontaneous imbibition process (Figure 3). The fluid imbibing into the core was inhibited by the oil-286 

wetness of the sandstone core in comparison to the unmodified, natural water-wet sandstone 287 

surface. These results applied to mixed wetting surfaces would show that naphthenic acids do not 288 

provide any additional improvement in the long term. NA14 can be beneficial in weakly oil-wet 289 

systems during the short time. Studying how the system's wettability impacts recovery can give 290 

insights into the mechanisms that provide an enhancement in recovery compared to the standard 291 

solution.  This begged the question of how do the naphthenic acids alter the wettability of the system? 292 

In oil-wet systems, the rock surface has a deposited layer of resins and asphaltenes (43). To overcome 293 

the unfavorable oil-wet surface, additives have been proposed to modify the surface wetting 294 

condition. Naphthenic acids tend to aggregate to the asphaltenes modifying the surface between the 295 

asphaltene and fluid surface.  To measure the change in wettability, contact angle measurements 296 

were performed using a pendant drop system. 297 

3.2 Contact Angle Measurements  298 

To assess the wettability alteration, pendant drop experiments were conducted to determine 299 

changes in contact angle over a short time. The evolution of the contact angle was followed for 300 

around 20 hours (Figure 4). This period was selected considering that the most significant changes 301 



 

occur over the first 24 hours during the NMR experiments. Results from this experiment did not show 302 

a significant change over time. In agreement with the NMR experiments results, NA MIX and NA-18 303 

appeared to yield the best performance among the acids. However, it is essential to notice that 1% 304 

Na2SO4 yields a significant difference in the contact angle concerning the naphthenic acids, appearing 305 

less favorable for production. This observation highlights the importance of fluid-fluid properties on 306 

the sweep efficiency of oil. Improving our understanding from the spontaneous imbibition 307 

experiments, contact angle experiments found that the naphthenic acids do not alter the contact 308 

angle in the water-wet surface. This means that the negative impact from the naphthenic acids is not 309 

due to the NAs interacting with the surface, but instead there is an adverse impact on fluid-fluid 310 

interactions. 311 

312 

 313 

Figure 4 Initially water-wet slabs contact angle (Θ) 21-day monitoring period. 314 

Figure 5 shows the contact angle measurements for each of the aqueous solutions with an 315 

initial oil-wet condition. NA-14 has the most consistent trend in wettability alteration over the 20 316 

days.  From the experiment start on day 2, the standard brine solution had a delayed interaction like 317 

that seen in the imbibition experiments. All the solutions modify the contact angle from oil-wet to 318 
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neutral or weakly water-wet. NA-10, NA-14, and the standard solution all see a constant increase in 319 

the contact angle, creating a more favorable condition. NA-18 and NA MIX both fail to alter the 320 

contact angle to the same degree as the three other solutions. From these results, the change in 321 

contact angle or modification in wettability cannot be the only mechanism that explains the poor 322 

performance during recovery experiments.  323 

 324 

Figure 5 Initially oil-wet slabs contact angle (Θ) 21-day monitoring period. 325 

The contact angle evolution over time became more favorable for all naphthenic acids. It 326 

should be noticed that all the tested solutions plateaued over time, while NA-14 continued to 327 

improve the wetting condition. The trend was also observed in the diffusion coefficient for the NA-328 

14 solution, in which case the diffusion coefficient increases at a faster rate than the other solutions 329 

on day 15 (Figure 6).  Evidence suggests that the addition of NA-14 in oil-wet systems affects the rock 330 

system's wettability when the surface is contacted with the aqueous phase. This, in turn, increases 331 

the overall recovery in the short term. This finding contradicts results from the water-wet evaluation 332 

where the NA-14 solution performed poorly with respect to the standard solution. It must be noted 333 

that the standard solution, 1% Na2SO4, was consistent in both wetting conditions in comparison to 334 
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the testing solutions. The standard solution's performance for either wetting condition was 335 

noticeable where production was halved from the water-wet sample to the oil-wet sample. 336 

3.3 Time Domain NMR 337 

To investigate the effect on the fluid-rock systems of the selected naphthenic acids solutions 338 

further, TD-NMR was used to analyze the evolution of the T2 distribution and the average self-339 

diffusion coefficient of the fluids in the rock. These experiments were set up similarly to the 340 

imbibition experiments to probe the rock-fluid interactions during the imbibition of naphthenic acid 341 

solutions. Figure 6 shows the evolution of the self-diffusion coefficient over time. The diffusion 342 

coefficient relates to the distribution of fluids inside the Berea Sandstone plug, interfacial properties, 343 

and surface properties. 344 

 345 

Figure 6 Diffusion coefficients evolution over time in initially water-wet Berea sandstone cores (28 days). 346 

Over 28 days, the self-diffusion coefficient of each water-wet system for each of the solutions 347 

reached a similar value to that of the standard brine solution (1.016x10−9 m2/s).  Considering that the 348 

rock plugs used are similar in volume and petrophysical properties, the results suggest that the 349 

amount of displaced oil after 28 days was similar for all systems. The T2 distribution can provide 350 

additional information regarding fluid distributions and surface properties. The initial T2 distributions 351 

for all samples (Figure 7) show different peaks, which is the result of the interaction of the rock with 352 
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the oil during the aging time, where different fraction of the oil interacts with pores of different sizes. 353 

This behavior has been previously reported in Medina-Rodriguez et al. 2020. Figures 7A-E depict the 354 

T2 distribution changes over the 30-day period. From Figures 7A-E, a limited or nearly negligible shift 355 

in the T2 distribution can be observed, where the redistribution of fluids remains similar. Due to the 356 

size of the samples, 1 cm in diameter, the smaller dimensions decrease the time for the water to 357 

imbibe into a significant volume ratio of the core, unlike the larger 1-in cores used in the spontaneous 358 

imbibition. The significant changes over the shorter period can be noticed in Figure 6, where the most 359 

significant change occurred between days zero and two. Throughout the rest of the period, there was 360 

an unsubstantial change in the fluid distribution that was noticed in both NMR measurements. This 361 

reflection in fluid distribution is noticed by a minimal change in the system because there is no 362 

noticeable shift in peak locations in the T2 measurements after 30 days that would indicate a change 363 

in the surface properties.  364 

 365 

 366 

Figure 7 T2 distribution of A) 1% Na2SO4, B) NA-MIX, C) NA-18, D) NA-14, E) NA-10                                                                  367 

in initially water-wet Berea sandstone cores (30 days). 368 
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All the samples appeared to have similar fluid distributions on the first day when the core was 369 

filled solely with the oil phase.   During the aging period, the ambient fluid drove a redistribution of 370 

the saturation fluid, and all samples appeared to have the same approximate fluid distributions after 371 

the 30-day period.  On the other hand, the diffusion coefficient shows a similar trend to that of the 372 

imbibition experiments, where NA MIX and NA-18 exhibit the best performance among the acid 373 

solutions. 374 

For the oil-wet systems, the rate at which the ambient phase imbibed the core can be noticed 375 

in the changes in diffusion coefficient over time (Figure 8).  While the diffusion coefficient evolution 376 

for all fluids is slower than the water-wet samples, NA14 and 1% Na2SO4 remain consistent and do 377 

not plateau over time. Since this measurement is an average over the entire field of view, it can be 378 

assumed that less brine has imbibed into the oil-wet core than water-wet based on the average self-379 

diffusion.  380 

 381 

Figure 8 Diffusion Coefficients evolution over time in initially oil-wet Berea sandstone cores (28 days). 382 

Figure 9A-E shows that wettability changes are not uniform, similar to that of the contact 383 

angle measurements (Figure 5). These changes can be noted as a leftward shift in the T2 distribution 384 

over the imbibition period or a change in the surface relaxivity. Although the NA-10 and NA-18 385 

samples performed poorly in the imbibition experiments, the fluid containing these naphthenic acids 386 
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changed the pore surface wetting condition (Figures 9C, 9E). The line shape for the T2 distribution 387 

also sees changes where the rightmost peak at day 30 is the aqueous phase. 388 

   389 

  390 

Figure 9 T2 distribution of A) 1% Na2SO4, B) NA-MIX, C) NA-18, D) NA-14, E) NA-10                                                                         391 

in initially oil-wet Berea sandstone cores (30 days). 392 

It must be noted that NA-14 and the standard brine solution have similar NMR responses over 393 

the 30-day period. When comparing these results to the oil-wet spontaneous imbibition and self-394 

diffusion coefficient data, long-term rock-fluid interactions are similar for both the standard brine 395 

solution and NA-14 solutions. Although the long term is seemingly unaffected by the addition of 396 

naphthenic acids, interactions during the short time are enhanced by NA-14. In unfavorable wetting 397 

conditions, NA-14 has the most promising recovery but only changes the surface's wettability with 398 

the aqueous phase comes into contact. Acid mixtures such as NA-10 and NA-18 alter the wettability 399 

even though there is a poor recovery in the imbibition experiments. Mixtures of acid combinations 400 

can be used to get the desired results.  401 

This study found that the impact of naphthenic acids on oil recovery under quasi-static 402 

conditions is negligible. The promise of the interfacial properties was not as evident when testing the 403 
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rock-fluid interactions in this study. It has been found that NA-14 does have potential in oil-wet 404 

systems to improve short-term recovery and accelerate the production time compared to the 405 

standard brine solution but needs to be tested in dynamic experiments before possible field 406 

applications. Confirmation of our results would require testing in dynamic experiments such as core 407 

floods, which is beyond this work's scope. This study has also shown that there requires an 408 

interrelationship between studies that investigate rock-fluid interactions and fluid-fluid interactions. 409 

The promising results from Reilly et al. 2018, (36), appear not to affect the recovery of oil under 410 

spontaneous-imbibition conditions when confined in either water-wet or oil-wet rocks. This can be 411 

expanded to any rock and multispecies fluid combinations where the matrix can play a role in how 412 

the fluids interact with each other and the solid surface. This study was performed at near-zero 413 

capillary number conditions where capillary forces are dominant. These results will likely differ in 414 

dynamic experiments where viscous forces have an impact on fluid displacement. These experiments 415 

mimic conditions found on the edge of a waterflooding sweep field where fluid velocities are near 416 

zero. NA-14, along with other acids, were found to alter the wettability when the aqueous phase was 417 

in contact with the rock surface (contact angle experiments). In spontaneous imbibition experiments, 418 

NMR experiments, NA-14 failed to significantly alter the wettability of the pore surface. This shows 419 

that some acids can improve the wetting conditions after they have portioned into the oil phase. 420 

Other acids do not partition in as high concentrations to improve the contact angle where their 421 

performance can be more noted when the aqueous phase is in contact with the rock surface. 422 

For this reason, a singular additive is not suggested as a cure-all, but rather a mixture of 423 

additives that improve conditions in the reservoir from a multiprong approach. This approach 424 

improves conditions between the injection and reservoir fluids while the other approach undertakes 425 

the impact the surface has on the displacement of the hydrocarbon phase. Designed subsurface 426 

treatments are typically used tertiary recovery techniques but are not as common during 427 



 

waterflooding processes. Waterflooding key design parameter is the salinity of the brine solution and 428 

the concentration of specific anions and cations. Optimized additives to these processes are the best 429 

way to enhance recovery and pretreated the reservoir before tertiary techniques are used.  430 

 4. Conclusions: 431 

This study sought to understand the impact of rock surface properties on promising fluid-fluid 432 

interactions. Our case study involved the use of naphthenic acids as additives to low-salinity 433 

waterflooding under different wetting conditions. The impact from rock-fluid interactions or wetting 434 

conditions was assessed using spontaneous imbibition, time-domain nuclear magnetic resonance, 435 

and contact angle measurements. The experimental techniques found that naphthenic acids had a 436 

negative or almost neutral impact on recovery in water-wet Berea Sandstone samples. In water-wet 437 

systems, fluid-fluid interactions are more dominant in determining production. However, for the 438 

selected naphthenic acids: NA-10 (3-Cyclohexanepropinoic acid), NA-14 (Cyclopentane carboxylic 439 

acid), NA-18 (Cyclohexane carboxylic acid), and NA-mix (Naphthenic acid mixture – unknown 440 

composition), oil-wet systems saw improved oil production or production acceleration early on, i.e. 441 

during the first 15 days, by NA-14. From our results we found that NA-14 accelerated the recovery of 442 

oil in the short time scales. Although for long-time scales, NA-14 results matched those of the 443 

standard brine solution, 1% Na2SO4. The results suggest that the selected naphthenic acids can 444 

provide beneficial changes in oil productivity by accelerating recovery. However, these effects 445 

depend on the initial wetting conditions of the reservoir with most effects seen in early time scales 446 

of oil-wet systems. Single additives are not a means to countermeasure the natural conditions of a 447 

reservoir. Optimized treatment designs are the best method to improve interactions between fluid 448 

and rock systems. Some additives excel in treating the pore surface in the injection phase while others 449 

perform better after partitioning into the hydrocarbon phase. We have found that optimal fluid-fluid 450 

interactions are diminished by confinement in different wetting conditions for particular additives, 451 



 

but further testing of designed additive mixtures will improve recovery. These findings solidify the 452 

importance of testing the reservoir fluids with the injection fluid and how these fluids behave in 453 

different rock types and wetting conditions. To improve the analysis, dynamic experiments (core 454 

flooding), and the use of the combined solution of different acids are required for a complete 455 

understanding of these systems. 456 

• We found that the naphthenic acids negatively impact oil recovery in water-wet systems.  457 

o Mechanisms responsible for this response are not associated to changes in the rock 458 

surface but are rather linked to fluid-fluid interactions. 459 

• Recovery in oil-wet surface conditions saw accelerated production compared to the standard 460 

solution during early time scales (<15 days) in NA-14 experiments. 461 

• From our findings, we discovered favorable fluid-fluid interactions can be negated when 462 

contained in porous media for specific acids. 463 

• Wetting conditions play a significant role in the recovery of oil using additives in the aqueous 464 

phase, where surface interactions inhibit fluid displacement. 465 

• Optimized treatment designs are critical to enhancing hydrocarbon recovery. 466 

 467 
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Appendix  610 

Images depicted in this section are of the ten spontaneous imbibition cells. These images show the 611 

materials used to probe the production of the hydrocarbon phase by the imbibing aqueous solution. 612 

Water-wet samples show higher production than that of the oil-wet samples. It can be noted from 613 

Figures 10-14 that a large volume of oil remains attached to the surface of the water-wet surface that 614 

will eventually detach. Oil-wet samples have a lower volume of hydrocarbon on the surface, but the 615 

volume is confined to fewer droplets attached to the surface (Figures 15-20). Attention should be 616 

drawn to Figure 20; this sample failed to produce hydrocarbon over the 100-day time-period. This 617 

figure shows that the hydrocarbons were produced but were trapped on the bottom of the core, 618 

unable to migrate to the Amott cell stem for measurement.  619 

Water-wet samples 620 

  621 

Figure 10 Spontaneous imbibition cell for water-wet Berea Sandstone with 1% Na2SO4 solution. 622 

 623 

Figure 11 Spontaneous imbibition cell for water-wet Berea Sandstone with NAMIX solution. 624 



 

 625 

Figure 12 Spontaneous imbibition cell for water-wet Berea Sandstone with NA18 solution. 626 

 627 

Figure 13 Spontaneous imbibition cell for water-wet Berea Sandstone with NA14 solution. 628 

 629 

Figure 14 Spontaneous imbibition cell for water-wet Berea Sandstone with NA10 solution. 630 
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Oil-wet samples 635 

 636 

Figure 15 Spontaneous imbibition cell for oil-wet Berea Sandstone with 1% Na2SO4 solution. 637 

 638 

Figure 16 Spontaneous imbibition cell for oil-wet Berea Sandstone with NAMIX solution. 639 

 640 

Figure 17 Spontaneous imbibition cell for oil-wet Berea Sandstone with NA18 solution. 641 



 

 642 

Figure 19 Spontaneous imbibition cell for oil-wet Berea Sandstone with NA14 solution. 643 

 644 

Figure 20 Spontaneous imbibition cell for oil-wet Berea Sandstone with NA10 solution. 645 


