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Abstract

Biomass-derived synthetic jet fuel with low net greenhouse gas emissions can help
decarbonize aviation. Demonstration projects are required to show technical feasibility and give
confidence to investors in large commercial-scale deployments. Most previous literature focuses
on assessing future commercial-scale systems, for which performance and costs will differ
considerably from demonstration projects. Here, a detailed analysis is presented for a first-of-a-
kind demonstration plant that would be built in the Southeastern US. The plant, which cogasifies
biomass and lignite and captures CO> prior to Fischer-Tropsch synthesis, was designed and
simulated using Aspen Plus. The process heat recovery system was designed using a systematic
optimization method. Lifecycle analysis was used to assess net greenhouse gas emissions.
Capital and operating cost estimates were developed in collaboration with a major engineering
firm. The plant produces 1,252 barrels per day (80% jet fuel), exports 15 MW, (net), and has a
net energy efficiency of 35.8% (lower heating value). Captured CO» (1,326 t/d) is sold for use in
enhanced oil recovery. With biomass coming from sustainably-managed pine plantations, net
lifecycle greenhouse gas emissions are well below those for petroleum jet fuel. The estimated
range of capital required to build the plant is 3,875 to 5,762 $/kWi, of feedstock input (2015 $).
As expected for a small demonstration designed to minimize technological risks, subsidies are
required for the jet fuel product to compete with petroleum jet fuel. Technology innovations,
learning via construction and operating experience, and larger plant scales will improve the
economics of future commercial plants.
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1. Introduction

Air transportation will be among the most difficult sectors of the economy to decarbonize
because aircraft require high energy-density fuel. Biomass-derived jet fuel with quality
comparable to that of petroleum-derived jet fuel has the potential to help address this challenge
[1]. Fischer-Tropsch conversion of thermochemically-gasified biomass is one such synthetic jet
fuel that is the focus of this paper.

Gasification makes it possible to use many types of biomass feedstocks and to also co-
convert coal and biomass [2,3], which enlarges the feedstock base for synthetic fuels production.
While gasification-based Fischer-Tropsch jet fuel production is not commercially deployed
today, the approach taken in most studies that have examined the prospective performance,
economics, and environmental footprint of such systems is one typically applied to
commercially-mature, N-of-a-kind (NOAK) plants, where N is a number large enough that
substantial technological and cost learning are assumed to have occurred.
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N"_plant studies are of considerable interest, but since no commercial plants are operating
today, smaller first-of-a-kind (FOAK) plants will need to be designed, built, and operated to
generate data that establishes technical viability and reduces the economic risk of successfully
integrating into single plants operating at high availability the many complex component
technologies involved. Such demonstration efforts are needed to give confidence to policy
makers considering programs to support scale-up of such technologies and to financiers
considering investing in large commercial plants. The authors are aware of no studies that have
focused on the design and techno-economic analysis of first-of-a-kind (FOAK) demonstration-
scale plants for producing Fischer-Tropsch jet fuels from co-fed biomass and coal, the focus of
the research described here. FOAK plants can be expected to have performance and cost
characteristics quite different from those described in the N-plant literature.

The work reported here (based on [4]) is novel in that the analysis goes well beyond prior
studies in terms of the level of detail in process design and cost estimation, including taking into
consideration FOAK factors and designing a plant for a specific site. The Southern/KBR
Transport Integrated Gasification (TRIG) technology was selected for the plant design. This
gasifier was specifically developed for lignite and has also successfully co-gasified lignite and
biomass at pilot scale. The Fischer-Tropsch (F-T) island was designed for synthetic jet fuel as
the primary liquid product. Byproduct COz is removed from the gas stream ahead of the F-T
reactor, compressed, and sold for use in enhanced oil recovery (EOR) operations in the Gulf
Coast region. Electricity and synthetic naphtha are important coproducts. The use of biomass and
of CO; capture are included to ensure that the jet fuel product would have equal or lower
lifecycle greenhouse gas emissions as conventional jet fuel.

Process designs and accompanying Aspen Plus simulations were developed by researchers at
Princeton University and the University of Queensland and validated by engineers at the
WorleyParsons Group (WPG). The design of the integrated heat recovery system (heat
exchanger network and heat recovery steam cycle) was led by researchers at the Politecnico di
Milano employing a systematic optimization methodology [5]. Designs for several key plant
components were supplied by commercial vendors. The bare-erected capital cost and
prospective operating and maintenance costs for the plant were developed by engineers at WPG
[6]. A sustainable biomass supply strategy for the project was developed in collaboration with
the Antares Group, along with estimates of costs of delivered biomass feedstocks [7,8,9].
Associated net biogenic greenhouse gas emissions were estimated using a detailed lifecycle
assessment approach that incorporates complexities inherent in the accounting of biogenic
emissions [10]. The Mississippi Power Company offered a prospective site for the plant: the
soon-to-be-retired Plant Sweatt generating station near Meridian, Mississippi, a largely-forested
650 acre property about 30 miles south of its Kemper County integrated gasification combined
cycle (IGCC) project [11].

The financial viability of the project was analyzed by developing estimates of total
investment costs that include levels of contingencies and other costs appropriate for the level of
detailed engineering available, the relatively early-stage of project development, and the FOAK
nature of the project. The hypothesis at the start of the work was that such a project would likely
not be financially viable without subsidy because of its relatively small scale and FOAK nature.
Technology innovations, learning via operating experience, and scaling-up of plant size are
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expected to improve the economics of future plants, and this is explored in a companion paper
focusing on the design, simulation, and techno-economic analysis of N"-plants [12].

The novel contributions of this work compared with prior published studies on coal/biomass
co-processing to liquid fuels include considerably more detailed process design, capital cost
assessment based largely on vendor quotes for equipment (rather than literature references), and
comprehensive lifecycle assessment of greenhouse gas emissions that describes and incorporates
complexities inherent in the accounting of biogenic emissions that are rarely considered in other
studies.

2. Literature Review

Previous (NOAK) studies have concluded that gasification-based coal/biomass co-
processing with F-T Tropsch synthesis and CO: capture and storage (CCS) is promising for the
cost-competitive and environmentally-friendly production of synthetic liquid fuels. A variety of
possible plant configurations are plausible [13], and N"-plant techno-economic studies have
been done for systems using parallel biomass and coal gasifiers [14], as well as for systems co-
gasifying feedstocks in a single Shell entrained flow gasifier [15], a single TRIG reactor [16],

and a single fluidized-bed reactor [17]. As well, systems coproducing electricity as

additional valuable output have been studied [14,18].

Liu et al. [14] compared performance and costs of 16 alternative system configurations that
involve gasification-based coproduction of F-T liquid fuels and electricity from coal and/or
biomass, with and without CCS. The authors considered separate coal and biomass gasification
trains. The estimated energy conversion efficiencies (lower heating value basis) of the analyzed
plants, for which 29% to 40% of the input feedstock is biomass, is 31-32% to liquid fuels and 13
to 18% to electricity. The estimated specific total investment cost of the plants is 700-900 $/kW
of input feedstock (higher heating value basis).

Bassano et al. [19] carried out a techno-economic assessment of a coal-to-F-T liquids plant
with CCS, finding that with an oil price near $98/bbl it would be possible to achieve an internal
rate of return on investment close to 20%, and in the presence of a $28/tCO- emissions price,
CCS becomes less costly than venting the CO».

Jiang and Bhattacharyya have performed process modelling [20] and techno-economic
analysis [17] of a coal/biomass-to-F-T gasoline and diesel fuels plant with CCS. The fuel
synthesis island features unconverted gas recycle with CO2 removal and autothermal reforming.
For the base case scenario (“small scale”, with 8 wt% biomass in the feedstock and plant
capacity of 10,000 bbl/day) they estimated a thermal conversion efficiency of 45.9% (higher
heating value basis) and a specific total investment of 870 $/kW of input feedstock (higher
heating value basis) and a break-even oil price between $88/bbl and $106/bbl.

Aitken et al. [21] assessed the economics and environmental performance of F-T liquids and
electricity obtained from the co-gasification of coal and biomass with CCS in the context of
future energy systems. A representative plant design was considered, characterized by 30%
biomass input on an energy basis, 85% CO; capture, and output fractions of 58% diesel, 22%
gasoline and 20% electricity. These characteristics were arrived at by averaging literature
sources, which also led to an average specific total plant investment cost of 2023 $/kW of input
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feedstock. The characteristics for this technology were input, along with those of other
technologies, to a MARKAL simulation of potential future energy system scenarios. The
considered F-T technology was highly competitive in scenarios with high oil prices and low CCS
Ccosts.

Four additional recent studies are noteworthy. Huang et al. [22]assessed energy, greenhouse
gas emissions and economics for low-temperature and high-temperature F-T synthesis co-
production plants using coal and compared these to conventional oil refining. Qin, et al. [23]
modelled and analyzed the techno-economic performance of coal-to-liquids plants considering
different entrained flow gasifiers and found product costs in the range 63 to 84 $/bbl and CO»
emissions of 5.55 to 7.02 tCOx/t of FT liquids. Trivedi, et al. [24] compared the energy return on
investment (EROI) of different routes for producing jet fuels, including gasification and F-T
synthesis, and found that the route with switchgrass gasification provided the highest EROI.
Kim, et al. [25] reported on the performance of a pilot-scale biomass-to-liquid (biodiesel) system
using a dual fluidized bed gasifier, a methanol absorption tower, and an F-T synthesis process,
but did not report economic or environmental performance.

Concerning the comprehensive analysis of environmental impacts of biomass and/or coal
conversion systems, both life cycle assessment (LCA) and grey relational analysis (GRA) have
been applied. Jana and De [26] used LCA to assess biomass based polygeneration plants,
adopting an exergy-based allocation approach. Steubing, et al. [27] used LCA to assess the
cradle-to-grave environmental impacts of SNG production from a first-of-a-kind polygeneration
facility. Xu, et al. [28] combined GRA with the analytical hierarchy process in a comprehensive,
multi-criteria optimization analysis of environmental, as well as energy and economic
performance, of coal-fired power plants.

3. Plant Design

3.1. Design guidelines and feedstocks

The primary objective in building and operating the FOAK plant would be to demonstrate the
near-term technical viability of a lignite/biomass-to-jet fuel (LBJ) system, including fuel
specification compliance, with CO» capture and storage (CCS). A set of principles was
developed at the start of the work to help guide the plant design. Key among these was that the
estimated total capital investment should not exceed $2 billion (to improve prospects for
financing the project). Within this constraint, the plant should be of sufficient size that the
lessons learned from construction and operation would provide the data and confidence needed
to move forward with a commercial-scale plant. Additionally, biomass should be a non-
negligible fraction of the input feedstock, but not exceed 30%, the highest fraction successfully
co-gasified to date in the pilot-scale TRIG gasifier [29]. Finally, consonant with a FOAK plant,
process design trade-off decisions and vendor/equipment selections should be made with the goal
of minimizing technical risk, e.g.: (i) the use of novel or yet-to-be commercially deployed
processes or equipment would be minimized, as would one-off specially designed plant items;
(ii) preference would be given to off-the-shelf equipment packages, or packages that could
plausibly become off-the-shelf in commercial deployments following a FOAK demonstration;
(iii) field fabrication/erection of equipment would be minimized, and preference given to shop-
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assembled modules, or modules with the potential for shop-assembly for future commercial
deployments of LBJ systems; and (iv) the plant would be designed for steady-state, fixed-
capacity operation.

The design feedstocks for the plant were Mississippi lignite and woody biomass (Table 1). A
key attraction of the Plant Sweatt site is its proximity to an abundance of both of these. The
estimated cost for lignite delivered to the LBJ site from the Kemper mine is about $2.68/GJunv
($2.83/MBTU)? [31]. The Plant Sweatt region is heavily forested (74%) [7], and biomass
supplied from sustainably managed pine plantations would be the LBJ feedstock. Forest residues
would be the preferred form of biomass because of their relatively low cost, but Southern
Company engineers involved with development of biomass feeding systems for the pilot-scale
TRIG gasifier indicated that biomass input to the gasifier should have a maximum particle
dimension of % inch (3,000 um) and moisture content no higher than 15% to ensure flowability.
To guarantee a consistent feedstock supply that meets these specifications would likely require
starting with debarked pulpwood-quality logs. The high bark-to-wood ratio in forest residues
makes them difficult to grind to uniform '4” size. With additional development of feeding
systems, residues may become a viable option, but to minimize technological risks with the
FOAK plant, pulpwood-quality southern pine logs were selected as the biomass feedstock. The
estimated cost for logs delivered to the LBJ facility was $59 per dry tonne, or $2.9/GJunv [7].

3.2. Process design overview
Figure 1 is a high-level

schematic of the LBJ process. Lignite [30] Southern Pine [16]
The process begins with the plant Dry To As Dry To As
s S _ Weight % Gasif. Rec’d. Gasif. Rec’d.
receiving lignite and pulpwood Carbon 5784 4513 3153 | 5389 4581  30.56
grade logs that are separately Hydrogen 363 283 198| 533 453 302
subjected to sizing and drying Nitrogen 0.88  0.69 048 | 041 0.34  0.23
before being fed to a pressurized Chlorine 0.02 0.02 0.01 0.00 0.00 0.00
bl TRIG ifi Sulfur 1.82 1.42 0.99 0.04 0.03 0.02
oxygen-blown gastiiet. Oxygen 1389 1083  7.57 | 3925 3336 2225
The resulting syngas is cooled, Ash 2192 17.10 1195 1.09 0.93 0.62
filtered, and scrubbed before a Moisture 22.00 45.50 15.00 43.30
. . HHV, MJ/kg 22.58 17.61 12.30 | 20.19 17.17 11.45
partial sour water gas shift (WGS) | | ry"\ine | 2179 1646 1076 | 1903 1581 9.73

adjusts the Ho/CO ratio to 2.0, the
optimum for F-T synthesis. CO2, H>S, and trace impurities are then removed using a chilled
methanol solvent (Rectisol®) in the acid gas removal (AGR) island. The captured H>S is
converted to wet sulfuric acid (WSA) and sold. Guard beds downstream of the AGR add a final
layer of protection for the cobalt-based F-T synthesis catalyst. Captured CO- is compressed and
delivered by pipeline to the plant gate. The CO2 would be piped three miles to the existing CO>
pipeline connecting the Kemper County IGCC to the CO; pipeline network in the Jackson Dome
area, which in turn delivers CO> to EOR operations on the Gulf Coast.

3 All costs and prices in this paper are given in year 2015 $, unless otherwise noted.

6



October 20, 2019

flue gas

/Electnuty | ﬁ
o ) pm————— GTCC Electricity
lignite ar superheated | Heat Recovery | saturated

ASU :-"--gt-e-a-“f-1>I Steam Cycle I"gt-e-a-”a""i
Crush, dry, i Se-- ~T T ;
mill, feed : steam to AGR :
( Particle
r TRIG Syngas trol F-T Separ- Hydro- Separ- Fraction SPK
ga5|f|er cooler ((::I(:er:/irc(:e Synth ator cracker ator -ator Naphtha
\

bottoms
Chip, dry Ash steam to
mill, feed cooler

HRSC %, V‘\A”Zi: Zero liquid
streams discharge

Figure 1. Simplified process flow configuration for the LBJ demonstration plant. Separate feeders deliver
lignite and biomass to the gasifier, along with oxygen from an air separation unit (ASU). The resulting syngas
is cooled and processed to remove particulates and acid gases and to shift its Hy/CO composition (WGS)
before Fischer-Tropsch (F-T) synthesis. Gases not converted to final liquids are used to fuel a gas turbine
combined cycle (GTCC). A heat recovery steam cycle uses recovered process heat to generate additional
electricity.
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COo,

The F-T synthesis island includes tubular fixed-bed reactors containing a cobalt-based
catalyst, followed by hydrocarbon recovery, which separates liquids from permanent gases.
Crude F-T liquids are hydrocracked and fractionated into synthetic paraffinic kerosene (SPK)
and naphtha that are transferred to storage tanks to await off-loading from the plant by truck.
Hydrogen for the hydrocracker is supplied from a pressure swing adsorption (PSA) unit fed with
a mix of syngas and light ends from the hydrocracker. The PSA raffinate and other fuel gases
are collected and used as fuel for a gas turbine combined cycle (GTCC). Electricity from the
GTCC is supplemented with electricity generated in a separate heat recovery steam cycle
(HRSC) that utilizes process heat primarily from syngas cooling and F-T synthesis, and provides
saturated steam required throughout the plant, especially in feedstock drying, AGR, WSA, F-T
synthesis, and refining. The process is additionally designed for zero liquid discharge (ZLD) to
comply with local environmental regulations.

The F-T island is designed with a “once-through” configuration, without recycling back to
the AGR the light (gaseous) fraction from the F-T island, which includes unconverted syngas
and methane and other light hydrocarbons formed during F-T synthesis and syncrude
hydrocracking and fractionation. This eliminates the cost for the light-ends reformer that would
be needed in a recycle loop and also provides fuel for the onsite GTCC. (Other plant
configurations are investigated in the companion paper [12].) The fuel gas fraction of synthesis
products is fixed by the design of the F-T island, and so the choice of gas turbine in the power
island determines the overall scale of the plant.

3.3. Process design

The entire CBTLE process (feedstock acquisition/preparation and plant design) is described
in more detail below, including discussion of key process design decisions that critically
impacted overall system performance and cost. The reader will find a significantly more
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comprehensive description, e.g., detailed results of the Aspen Plus process simulation, in the
online Supplementary Material as well as in companion papers [5, 12]. In addition, detailed
process flow diagrams of each plant area developed by WPG engineers for purposes of plant
capital cost estimation are also available [6].

3.3.1. Feedstock preparation

Because lignite and biomass have distinctly different physical properties, separate equipment
trains are used for drying and sizing of each.

A belt conveyer transfers crushed lignite to a transfer tower where magnetic separation
removes ferrous metal objects. The lignite is then conveyed to a second tower where it is crushed
to a uniform Y2-inch minus size and conveyed to storage silos. From storage it is fed to a fluid-
bed dryer of the same design as at the Kemper County IGCC project. Nitrogen-rich air preheated
over coils containing tempered (hot) water dries the lignite from 46 wt% to 22 wt% moisture.

The design of the biomass receiving and sizing system is modeled on that of typical wood
pellet plants in the Southeastern U.S. Pulpwood-quality southern yellow pine logs are received
and stacked in an open area with a storage capacity of approximately 30 days of full-load
feedstock supply. The onsite debarking and chipping system produces wood chips sized to < Y2-
inch at a rate of about three times the capacity of the gasifier, such that the chipper needs to
operate only about 8 hours/day, thereby minimizing after-hours noise. The chipping line
includes an infeed conveyor, a drum debarker, a discharge conveyer and a drum chipper.
Stemwood chips and bark are distributed to separate pile storage areas. The bark is exported by
truck for landscaping and other uses.* The stemwood chips are fed to a low-temperature belt
dryer, where they dry from 43 wt% to 15 wt% using air pre-heated by tempered water. The
moist dryer exhaust is processed similarly to the exhaust of the lignite dryer. The dried chips are
hammer milled to < 3,000-um size and conveyed to the gasifier.

3.3.2. Gasifierisland

The TRIG gasification technology was selected for the LBJ design for two main reasons: 1)
it has been demonstrated at pilot scale to be capable of co-gasifying lignite and biomass; 2) two
commercial-scale units gasifying lignite were anticipated to be operating by the time of this
writing at the Kemper County IGCC facility. (The Kemper Co. facility successfully
commissioned the gasifiers [11], but in June 2017 the Mississippi Public Service Commission
ruled that the plant would be allowed to operate only as a natural gas combined cycle [32], and
the syngas production system was mothballed [33].)

There are no commercial-scale TRIG gasifiers that have been designed to co-process
biomass and lignite. However, at pilot scale up to 30 wt% biomass has been co-gasified
successfully with Powder River Basin subbituminous coal at pilot scale in both air-blown and
oxygen-blown configurations [26], and co-processing of biomass with lignite has also been
demonstrated up to a biomass fraction of 17% [34]. That testing found no significant biomass
preparation or feeding issues, negligible effect of co-processing on carbon conversion and syngas

4 Revenue from bark sales are neglected in the financial analysis presented later in this paper. Such revenue would be small
relative to revenue from other products.
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heating value, no evidence of agglomeration or deposition of solids in the gasifier, no indication
of excessive tar generation, and stable performance of the post-gasifier particulate control device.
Based on that experience, a biomass co-feed fraction of 25% (higher heating value basis) was
selected for the LBJ design. Further details of the TRIG gasifier technology, relevant
experimental data, and simulation of its performance can be found in the supplementary online
material.

3.3.3. Acid gas removal

Following post-gasification cooling, the syngas passes through a water-gas shift to adjust the
H>/CO ratio to that required for downstream F-T synthesis, followed by an AGR system that
removes sulfur and reactive nitrogen species (to prevent F-T catalyst poisoning) and CO» (to
optimize F-T synthesis kinetics). Considering that one of the plant design guidelines was to
prioritize technology selections that maximize the likelihood of technical success, the decision
was made to adopt Rectisol® (a relatively high capital cost option) for the AGR because of its
greater ability to remove contaminants to the extremely low levels required to protect the
expensive cobalt-based F-T catalyst.

Air Liquide provided an engineering design and cost estimate for the AGR [35], which uses a
methanol-based solvent. The design included a prewash step to remove trace levels of tars
(heavy hydrocarbons) in the TRIG syngas prior to contacting the sour syngas with the Rectisol®
solvent. (Tars are soluble in methanol, so solvent regeneration would be very energy intensive
otherwise.) This pre-wash step is unnecessary when treating syngas from oxygen-blown,
entrained-flow gasifiers because their very high operating temperatures (typically 1200-1400°C)
ensure complete destruction of tars. Important adverse consequences of the pre-wash step are: 1)
high parasitic steam demands for recovering the pre-wash solvent, 2) additional auxiliary power
for solvent circulation, and 3) increased capital costs and process complexity.

Virtually all of the H>S and COS captured by the AGR leave in vapor streams from the
prewash and main stripper columns and are sent to the WSA process. Most of the water, bearing
traces of methanol, is routed to the zero liquid discharge unit for further processing; the
remainder is carried in the sour vapor streams to the WSA unit. The WSA converts sulfur-
bearing waste gases from the AGR and elsewhere into concentrated sulfuric acid (93%wt). The
WSA process was selected over a Claus/SCOT process for handling sulfur because there is a
ready local market for sulfuric acid. Haldor Topsoe provided engineering inputs to help design
and estimate the cost of the WSA system. Further details of the AGR and WSA processes
(including electricity and steam consumption) can be found in the supplementary online material.

3.3.4. Fischer-Tropsch synthesis island

Several technologies were considered for F-T synthesis to maximize production of SPK.
Traditional tubular fixed-bed reactors (such as those used in Shell’s Bintulu and Pearl GTL
projects) are a well-understood, scalable technology and hence relatively low risk. Slurry-bed
systems (such as Sasol’s technology used in the Oryx project) are generally considered better
suited to larger scales than envisioned for the LBJ plant. Compact tubular or other reactor
designs have the potential for modular shop-fabrication to greatly minimize field erection costs.
Nearly all F-T technology suppliers offer only cobalt-based catalysts today. These are more
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sensitive to poisoning and are significantly more expensive than iron-based catalysts, but provide
higher activity, better selectivity, and longer lifetimes.

Considering the small-scale of the LBJ project and the design guideline to maximize modular
plant components, Emerging Fuels Technology (EFT), which offers modular tubular fixed-bed
reactors, was selected to provide an engineering design and cost estimate for the F-T island. For
the LBJ project, the EFT system has a nominal reactor module size of 500 barrels/day. EFT
provided detailed heat, mass, and stream composition data for the F-T island [36] that were
incorporated into the overall process design and simulation.

The F-T island converts sweet syngas into synthetic liquid transportation fuels: SPK and
naphtha. Unconverted syngas and various tail gas streams (sometimes called “light ends” and
containing primarily volatile, low molecular weight hydrocarbons) are the inevitable byproduct
of the complex, multi-step chemical processing that occurs within the island. The LBJ plant
design adopts a relatively simple “once through” (OT) design in which the unconverted syngas
and light ends are simply combined and burned in a gas turbine combined cycle (GTCC) to make
electricity. Previous techno-economic assessments of FTL plants have suggested that under a
variety of circumstances the OT configuration is economically superior to recycle of light ends to
the F-T reactor [14]. In addition, the OT design is consistent with the LBJ project design goal of
reducing technological complexity and risk wherever possible.

The basic blocks in the F-T island (Figure 2) are three parallel synthesis reactors, a liquid-gas
separator (hydrocarbon recovery unit), “syncrude” surge tanks, a hydrotreater/hydrocracker
(HCU), a second separator/hydrocarbon recovery unit, a fractionation column, and (not shown in
Figure 2) a PSA unit for H, production. Light gases/tail gas/purge gas emanate from many of
these components; these are collected, processed, mixed, compressed, and ultimately fed to the
gas turbine for power production. Further details of the FT synthesis process and the distribution
of produced hydrocarbons can be found in the supplementary online material.

fresh
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Figure 2. F-T island schematic. HR and CR are hot and cold process streams, respectively, that are
integrated with the heat recovery steam cycle. See [5] for detailed description of the heat integration.
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3.3.5. Power island

The power island was designed to include a GTCC for the purpose of demonstrating the
technical feasibility of co-producing electricity and fuels in future commercial-scale plants. A
key requirement of the gas turbine is the ability to operate on the mixed fuel gas stream available
from the F-T island. In the smaller size range suitable for the LBJ project, several commercially-
available turbines have this capability through the use of diffusion-flame combustors, but NOx
emissions typically exceed regulated levels. In consultation with engineers at WPG, the Siemens
SGT-700 gas turbine, with modified burners, was selected. Selective catalytic reduction was
included to meet NOx emission limits. Siemens’ engineers indicated that, when fired with the
fuel gas mixture available at the LBJ plant (see supplemental material), the power output of the
SGT-700 at ISO conditions would be 30.45 MWe, with an LHV efficiency of 36.5%, and a
turbine outlet temperature of 524°C.

The LBJ plant as a whole generates considerable high quality by-product heat: about 65% of
the input feedstock chemical energy (LHV basis) is available as thermal energy, primarily from
the gas turbine (GT) exhaust, post-gasification syngas cooling, and cooling the exothermic F-T
reactions. Although a portion of this heat is used to satisfy endothermic reactions and heat
various cold process streams, the remaining waste heat is still considerable, ~45% of the input
chemical energy. The recovery and use of these energy streams are important for improved plant
economics. Given the plant size and the medium/high temperatures of the process heat sources,
an integrated heat recovery steam cycle for electricity generation is an effective option for
utilizing the heat [37,38]. A number of integration configurations were analyzed in detail using
the methodology of Martelli et al. [39] and are reported in a companion paper [5]. As depicted
in Figure 1, a key design decision resulting from that analysis was to couple the gas turbine with
its own heat recovery steam generator and steam turbine while using a separate heat recovery
steam cycle (HRSC) utilizing the other process heat sources. This arrangement entails two
smaller, less efficient and more costly steam turbines and condensers compared with integrating
all heat sources (including GT exhaust) and using only a single steam turbine. The main benefits
of decoupling the GTCC from the HRSC are the ability to use an “off-the-shelf” GTCC package,
reduced complexity in the operation of the HRSC, and the ability to operate the GTCC on natural
gas as a stand-alone power generator during plant start up or when the syngas production system
is down for maintenance. The latter consideration is particularly important given the expectation
for the FOAK plant that operating hours for the syngas production line will ramp up to rated
capacity only over a period of several years. These benefits of decoupled HRSC and GTCC were
deemed to outweigh the efficiency and capital cost penalties.

3.4. Performance summary

Table 2 summarizes the simulated performance of the LBJ FOAK plant. Feedstock inputs
are 1,551 t/d of lignite (45.5% moisture) and 556 t/d of biomass (43.3% moisture), which are
converted to 1,252 barrels per day of product, of which 80% is SPK and 20% is naphtha. The
plant also exports 15 MW of electricity after satisfying significant internal demands for steam
and a large (38 MW) onsite auxiliary load (Table 3). Two-thirds of the latter is due to the air
separation, CO2 compression, and acid gas removal systems. The corresponding energy
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Table 3. LB]J plant auxiliary loads.

MW,
Lignite prep. 2.98
Biomass prep. 1.07
Gasifier island 0.03
Acid gas removal system 5.18

October 20, 2019

conversion efficiency for the plant is 35.6% (LHV basis), a
modest value due to more than 70% of the gross power
generated onsite being used to meet auxiliary power demands.
Non-energy products are 49 t/day of sulfuric acid and 1,326
t/d of pipeline-quality CO>. The plant converts 19% of the
input carbon into fuels, and 55% is captured as CO; for sale
into the EOR market (Table 4). Table 5 summarizes the
energy flow through the full LBJ plant. The LHV (of first

feedstock, then syngas, then F-T liquids+tail gas) falls successively with each chemical process,
generating waste heat that is converted to power in the bottoming cycle.

Table 2. Summary of LBJ plant mass and energy balances

Feedstock inputs Units Value
Total feedstock MW, HHV 295
Biomass fraction % of HHV 25.0%
metric t/d A.R. (45.5% mc) 1,551
Lignite MW, HHV 221
MW, LHV (A.R. basis) 193
metric t/d A.R. (43.3% mc) 556
Biomass MW, HHV 74
MW, LHV (A.R. basis) 63
F-T liquid outputs
actual bbl/day 1,004
. _ bbl/day equiv. petroleum jet 900
Synthetic paraffinic kerosene MW. LHV 62.3
Fraction of feedstock LHV 0.243
actual bbl/day 248
bbl/day equiv. petro-naphtha 223
Naphtha MW, LHV 13.9
Fraction of feedstock LHV 0.054
actual bbl/day 1,252
. bbl/day equiv. petroleum 1,124
Total liquids MW, LHV 76.2
Fraction of feedstock LHV 0.297
Electricity
GTCC generation MW, 42.9
HRSC generation MW, 10.0
Total generation MW. 53.0
On-site use, MW, MW, 38.2
Net electricity production MW, 14.8
Net electricity fraction % of energy outputs, LHV 16.3%
Other products
CO; captured & sold for EOR metric t/day 1,326
Sulfuric acid (93 wt% H>SOy) metric t/day 49
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Sour water stripper 0.02 Table 4. LBJ plant carbon flows.
CO; compressor 6.84 metric tCO,./day
Wet Sulfuric Acid plant 0.12 Lignite input 1,792
H2 recovery 0.13 Biomass input 622
F-T island 0.76 Total Input 2,414
GT fuel gas compressor 1.56 C in SPK product 378
Air separation unit 14.84 C in naphtha 83
Tempered water system 0.08 CO; captured 1,326
Cooling water system 2.05 CO; vented 538
Water treatment system 0.47 C in gasifier ash 57
Wastewater treatment 0.39 Total Output” 2,382
Miscellaneous 1.72 * Carbon balance closure is within

Total 38.21 bounds allowed by gasifier performance

estimates available to the authors.

Table 5. Reduction of LHV (MW) through the LBJ
plant. (Values are at the exit of each unit.)

Solids Syngas Liquids| %
Lignite & biomassT 256 0 0 100
Feedstock dryers 201 0 0 78.6
Gasifier & scrubber 0 205 0 79.9
Water-Gas Shift 0 198 0 77.5
Low-temp. cooling 0 197 0 771
Acid Gas Removal 0 190 0 74.2
F-T Island 0 83.3*  76.2 62.3

Input feedstock. * GT fuel gas.

4. System-wide greenhouse gas emissions

4.1. GHG emissions metrics

A key objective of the plant design was to produce SPK having lifecycle greenhouse gas
(GHG) emissions less than for petroleum-derived jet fuel. The plant’s carbon balance (Table 4)
and other greenhouse gas flows (Figure 3) were considered in assessing the net carbon footprint
of the SPK. Most of the GHG flows are CO», but emissions of CH4, N2O, and other
radiatively-active gases were also included where appropriate.® The lifecycle emissions
analysis considered that net exported electricity would displace an equivalent amount of grid
electricity and avoid emissions associated with the latter. Also, COz delivered to the pipeline
network serving oil fields would displace CO; that would otherwise have come from the Jackson
Dome natural CO; formation and used for CO2 EOR. This is an appropriate assumption for the
near-term, assuming the existing pipeline network for CO: delivery to oil fields is already
operating at capacity.

Different metrics can be used to characterize GHG emissions for the LBJ system [4]. Here
we report emissions per unit of energy of the primary product, SPK. To calculate this metric, we
allocate portions of the net LBJ system emissions to each co-product and attribute the remaining

> Global warming potentials of 25, 298, and 22,800 were used to convert mass emissions of CHs, N»>O, and SF,
respectively, to CO; equivalents (COx).
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GHG flows Other Numerical values
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Figure 3. System-wide CO;-equivalent flows. Numerical values correspond to the “Moderate” scenario for
biomass supply described later in the text. Also, the supplementary material provides algebraic formalism
that a reader may find useful in understanding the quantitative values shown here.

emissions to the SPK, i.e., SPK is the “functional unit” in this lifecycle GHG emissions analysis
[40]:

o kgCOy, Net LBJ system emissions - emissions allocated to: electricity + F-T naphtha + COz for EOR
SPK emissions =

G/spk Luv energy content of LB] SPK

The emissions estimated for SPK in this manner can conveniently be compared with the
lifecycle emissions estimated for petroleum-derived jet fuel. Among alternative ways to allocate
emissions among co-products [41], we have chosen a “displacement” approach, whereby each
co-product is allocated an amount of emissions equal to the emissions from conventionally-
produced equivalent products that would be displaced by the LBJ co-products. The emissions
assumed for conventionally-produced products are shown in the lower part of Table 6. (Sulfuric
acid is a very minor co-product, and we allocate zero emissions to it.) Additional parameter
assumptions for the emissions analysis are given in the upper part of Table 6. For consistency in
our analysis, input parameter values are based where possible on lifecycle analyses published by
the National Energy Technology Laboratory (NETL). The most important departure from this
relates to the estimation of the net biogenic emissions, as discussed next.

4.2. GHG emissions of biogenic origin

Unlike the case with biomass energy feedstocks that are harvested on annual cycles, where
an amount of carbon equivalent to what is emitted in using the biomass for energy is absorbed
from the atmosphere by the following year’s re-growth of biomass, assessing the GHG emissions
associated with the production and use of pulpwood-quality tree logs is complicated by the
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longer time required to grow a tree to replace the harvested tree. The biomass feedstock supply
strategy for the LBJ plant [7,8,9] ensures that the production and use of tree-derived biomass
provides net GHG emissions benefits within the lifetime of the LBJ project.

Table 6. Parameter values for calculating GHG emission metrics.

Source
LBJ System Parameters Value or note
Lignite mining and delivery, kgCOae/GJiignite v 4.93 [42]
Biomass land preparation, harvest, delivery, kgCO2e/Gpiomass HHV 3.95 a, [43, 44]
Net biogenic emissions, kgCO2/GJspk.Lav (scenario dependent) See Table 8
Plant emissions of lignite origin, kgCO»/GJspx Luv 75.1 b
SPK transport to user, kgCO2e/GJspk Luv 0.84 c, [45]
F-T naphtha transport to user, kgCO2e/Glnaphtha,LHV 0.91 c, [42]
Emission during 250 km CO, transport to oil-field pipe network, kgCO,./tCO, delivered 6.83 [46]
Reference System Parameters (2005 U.S. average lifecycle emissions)
Electric grid, kgCO2/MWh 661 d
Crude-oil derived jet fuel, kgCO2e/Gljet fuet,Luv 88 [42]
Crude-oil derived gasoline (naphtha), kgCO2¢/GJ gasoline,LHV 91 [42]
Natural dome CO; extraction and delivery to EOR site, kgCO../kgCO; sequestered 0.074 [47,48]

(a) Excludes emissions associated with biomass debarking, chipping, drying, and milling of the biomass. These are accounted for
in the net emissions at the plant.

(b) Calculated from Table 4 results, this is the carbon input to the plant as lignite multiplied by the fraction of total input carbon
that is vented at the plant.

(c) Assumed equal to emissions for transport of petroleum-derived jet fuel (for SPK) or gasoline (for F-T naphtha).

(d) This is an estimate of the U.S. national average lifecycle emissions for electricity generated on the grid in 2005. Emissions at
power plants are estimated from EPA’s eGRID database [49] and upstream emissions associated with extraction and delivery
of fossil fuels to power plants are based on the GREET model [50].

4.2.1. Biomass feedstock supply strategy

Southern forests cover about 80 million hectares, or 40% of the land area of the 13 states that
make up the Southern Region of the US Forest Service [51]. About one-quarter of this forest
acreage is owned and managed by large private companies that typically employ intensive
management practices (including improved planting stocks, fertilization, and thinning) to
maximize final sawtimber and pulpwood yields. The majority of the remaining forests are
classified as non-industrial private forests (NIPF). NIPF owners typically do not employ
fertilizer [52] and are less likely than industrial landowners to use other intensified management
practices to optimize merchantable wood production. NIPFs make up 70% of forest acreage in
Mississippi and Alabama, and it is estimated that at least half of these NIPF acres could produce
higher yields cost-effectively by improving management practices. Implementing intensive
management of NIPF pine plantations provides the basis for a sustainable biomass supply
strategy for the LBJ project.

To quantify these benefits, we adapted an analytical framework proposed by the U.S.
Environmental Protection Agency (EPA) for assessing biogenic CO> emissions from stationary
sources [10]. A key feature of the framework is establishing a counter-factual or “business-as-
usual” (BAU) scenario under which a proposed biomass-using energy project is not built. For
the LBJ analysis, the assumed BAU scenario is that NIPF stands continue to be managed as most
are today, with no use of fertilization or other management practices. The stands are assumed to
be harvested at 25 years of age and produce a mix of sawlogs and pulpwood, the volumes of
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which can be estimated using Table 7. Representative biomass production levels over a 25-year
rotation in the Mississippi/Alabama region from NIPF stands subjected
. to management intensification. Both LBJ scenarios include thinning in
yield/growth model for year 15 followed by fertilization.® The aggressive scenario assumes
loblolly pine plantations [53]. additional intensification measures, such as control of competing

The biomass feedstock for ¢ompetition or improved species. The moderate and aggressive scenarios
assume increases of 22 % and 55 %, respectively, in post-thinning above-

an industry-standard

the LBJ plant “{111 be ground biomass production compared with BAU.

pulpwood-quality (13 to 23 Scenario >>  BAU LBJ- LBJ-
cm diameter at breast height) moderate  aggressive
pine lo gs that result from Merchantable .blolmass (dry t/ha)

.. Pulpwood thinnings 0.0 10.9 10.9
thinning of planted NIPF Pulpwood @ final harvest 80.2 76.8 90.6
stands in the 15™ year of the Sawlogs @ final harvest 60.0 65.6 75.9
25-year rotation. Unlike the Total : ___ 140 153.3 177.4
BAU scenarios, fertilizer is Total live aboYe-ground biomass, including tops & branches (dry t/ha)

. Pulpwood thinnings 0.0 13.1 13.1
assumed to be applied after Pulpwood @ final harvest 96.2 922 108.7
thinning to promote increased Sawlogs @ final harvest 72.0 78.7 91.1
growth compared to BAU Total 168.1 184.0 212.8

(a) Values in this table differ slightly from earlier estimates [4] due to refinements
in the analysis.

during the last decade of the
rotation. Based on studies of
managed loblolly pine forests [54], it is estimated that the total above-ground biomass produced
per hectare during the decade between thinning and final harvest would increase on average by
22% compared to a stand that is not thinned and fertilized [8]. Applying additional management
measures, such as improving planting stocks and/or controlling competing vegetation, would
increase production still further. Estimates of biomass production over 25-year plantation
rotations for BAU and two improved-management scenarios are given in Table 7.

A key challenge to implementing the proposed biomass supply strategy will be convincing
NIPF owners to intensify their management practices. A strong case can be made that
investments in management improvements, including thinning and fertilization, will provide
good financial returns to the owners [8], regardless of whether the thinnings are sold as LBJ
feedstock or as pulpwood. This should facilitate establishing long-term agreements with
landowners to intensify management. The maximum forested area that would be needed to
supply the LBJ plant with thinnings over a 20-year plant life (115,000 tary/yr) is about 200,000
hectares, assuming that any single stand is thinned only once during the LBJ plant lifetime and
that the average expected yield at thinning is 10.9 t/ha (Table 7).

4.2.2. Estimating net biogenic GHG emissions

The EPA’s proposed methodology for estimating net biogenic GHG emissions [10] was
developed specifically for estimating emissions from a stationary source, such as a biomass
power plant. We adapt the EPA approach to estimate net biogenic emissions for the LBJ system.

The EPA methodology calculates net biogenic CO». emissions (VBE) as the difference in
CO2¢ emissions for a scenario in which a conversion facility is built and a BAU scenario in
which no plant is built and no forest management improvements are made. In the EPA
methodology:
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NBE = BAF - PGE Eqn. (1)

where BAF is a dimensionless biogenic assessment factor, and PGE is the potential gross
biogenic COze emissions. PGE is the COz. content of the biomass at a specified reference point
along the bio-carbon’s path from production to plant exhaust stack. (The choice of reference
point is one of convenience. The NBE result is the same regardless of reference point used for
the calculation.) In our work, we consider the LBJ plant gasifier inlet as the reference point. In
the EPA formulation:

BAF = [GROW + AVOIDEMIT + SITENC + LEAK]-L - P Eqn. (2)

where the sum in brackets, EPA’s so-called “landscape emissions effect”, represents emissions
associated with the stand from which the biomass feedstock is supplied. GROW accounts for net
growth and harvesting of biomass relative to the BAU scenario (as illustrated below).
AVOIDEMIT accounts for emissions avoided compared to the BAU scenario (e.g., avoided
decomposition or burning of harvest residues). SITENC accounts for the net change in total
non-feedstock carbon pools (e.g., small branches and roots) relative to the BAU scenario. LEAK
accounts for indirect impacts, i.e., changes in net emissions due to changes outside the feedstock
production area. For example, if the LBJ plant uses biomass that would otherwise have gone to
another user in the BAU scenario, the other user would seek an equivalent amount of biomass
from elsewhere, and LEAK would capture these impacts.

The parameter L in Eqn. (2) is a unit-less adjustment factor (greater than one) that accounts
for the feedstock carbon lost between the feedstock production site and the PGE accounting
reference point. Since we define PGE at the LBJ gasifier inlet, L adjusts for losses after harvest
and prior to arrival at the gasifier, e.g., biomass lost in transit, by decomposition during storage,
by debarking, and by sizing and drying. We assume that 10% of the biomass harvested for the
LBJ plant is lost before arriving at the gasifier, i.e., L = harvested biomass / PGE =[1/ (1 —0.1)]
=1.11.

In the EPA methodology the parameter P is the fraction of PGE carbon that is emitted from a
plant’s exhaust stack, considering that some of the PGE carbon may not be emitted as exhaust
but might leave in another form, e.g., as unburned carbon in ash or as carbon in a coproduct.
However, the EPA’s formulation is not suitable for use when some of the PGE carbon is
permanently sequestered (as in the LBJ system) [4]. For this reason, we adopt a two-step
approach to estimating net biogenic emissions. In the first step we adopt EPA’s methodology to
assess the contribution of landscape factors to net biogenic emissions. In the second step we
separately account for how the biomass is processed after arriving at the gasifier.

For the first step, we set P in Eqn. (2) equal to 1, so that the calculated BAF reflects only the
upstream landscape emissions effect. To clarify that our first step considers only upstream
factors, we designate the resulting BAF as the “upstream BAF”, or UBAF':

UBAF = [GROW + AVOIDEMIT + SITENC + LEAK] - L Eqn. (3)

The EPA [10] specifies methodologies for calculating each of the terms in the brackets in
Eqn. (3) except LEAK, for which there is a lack of scientific consensus on appropriate
methodology. For the LBJ system LEAK can be neglected because the LBJ biomass feedstock
supply strategy includes land management changes to increase per-hectare yields of biomass
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relative to the BAU scenario. According to the EPA methodology and when LEAK is neglected,
Eqn. (3) can be expanded to:

(GROW,3, — GROW;,,) — (GROW s, — GROWg,,)  (DCOMP,z; — DCOMPg,y)  (SITENCgay — SITENC,5)) _
(GROW 3, — GROWg,) (GROW5; — GROWg,) (GROW3; — GROWg,,)

Eqn. (4)

UBAF =

where the subscript LBJ refers to the scenario in which biomass is used at the LBJ plant, the
subscript BAU refers to the BAU scenario, and the numerator and denominator of each of the
three fractions inside the square brackets have units of tCOz¢/(ha-yr) at the biomass production
site. In Eqn. (4):

GROW,, =Biomass feedstock harvested for energy during the 25-year stand rotation, which
corresponds to thinnings harvested in year 15. (Note that GROWg,,; = 0),

GROW,, =Total net aboveground biomass growth during the 25-yr stand rotation (i.e., growth,
including thinnings that are removed, minus losses due to tree mortalities and fallen
limbs and foliage),

DCOMP = Emissions of COz. resulting from above-ground decomposition of dead biomass,
including dead trees, fallen branches and foliage, and harvest residues left behind,

SITENC = Below-ground accumulations of CO2. including in the soil litter layer, coarse and
fine roots, and soil carbon.

The complexity/completeness of the EPA formalism is somewhat intimidating, but the
dominant term in UBAF [Eqn. (4)] for the biomass supply scenarios we are considering is the
one involving GROW ™~ and GROW™. Thus, to help understand more intuitively the meaning of
UBAF, we can ignore for the moment the other terms inside the square brackets in Eqn. (4) and
write the remaining terms in plain-language:

(Harvested — Extra Grown) Harvested

UBAF =
Harvested Used

where Harvested is the biomass (or really the equivalent amount of CO2c) harvested at the
growing site, Extra Grown is the additional biomass grown relative to the BAU scenario, and
Used is the biomass that is actually used in the gasifier at the conversion site. Then, based on
Eqn. (1), the landscape contribution to emissions can be readily seen:

Net Biogenic Emissions = UBAF - Used = Harvested — Extra Grown

From this simplified representation we can readily understand the meaning of different
values of UBAF. For example, UBAF = -2 means that, as a result of improved management of
a stand of trees, the extra biomass that grows (relative to the BAU scenario) is 50% larger than
the amount harvested for energy. The net result is that for each tonne of biogenic carbon
harvested for use at the plant, half a tonne of carbon is removed from the atmosphere as extra
tree growth and is sequestered at the biomass production site. As another example, UBAF =0
means that the amount of biomass harvested for use at the plant exactly equals the extra biomass
that grows as a result of improving management practices.
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Because fertilization in the LBJ scenarios results in some emissions of N>O, the UBAF
values calculated using the methodology described above are adjusted to account for N.O
emissions. The N2O adjustment assumes a standard fertilizer application rate of 224 kg N per
hectare [49]. It assumes that 1.17% of the N is released to the atmosphere as N>O [55] and that
the global warming potential of N2O is 310 times that of CO> on a mass basis [56].

UBAF values with N2>O adjustments are negative for both LBJ scenarios (Table 8). This
means that over the course of the analysis period, the CO2e content of the additional biomass that
grows (compared to the BAU scenario) is more than the sum of the CO2. content of the biomass
harvested for use at the LBJ plant and of the N>O emissions from fertilizer use. There is removal
of CO; from the atmosphere, net of the BAU scenario, even if all of the carbon in the biomass
delivered to the plant were released back to the atmosphere.

With the landscape effects now quantified, the second step in the biogenic emissions
accounting addresses how the biomass arriving at the LBJ gasifier is processed. Some of the
carbon arriving at the gasifier leaves the system embedded in SPK and naphtha, some is captured
as CO» for geologic storage via EOR, some is vented from the plant as CO,, and some leaves as
solid waste, embedded in gasifier ash. The captured CO2 and the carbon in solid waste are
assumed to be permanently sequestered from the atmosphere. All other carbon arriving at the
gasifier will ultimately return to the atmosphere when the products are used for energy. (Note: a
detailed accounting of all carbon flows in the system is given in the Supplementary Materials.)
If we define f as the fraction of the carbon in PGE (the biomass carbon delivered to the gasifier)
that 1s permanently sequestered from the atmosphere [determined from the process simulation
results (Table 4)], then the net biogenic emissions for the LBJ system are given by

NBE5; = (UBAF - PGE) — (PGE - f) = PGE - [UBAF — f] Eqn. (5)
Table 8. Calculation of upstream biomass accounting factor (UBAF) and net biogenic
The emission (NBE) for the LBJ system for biomass production scenarios in Table 7.? first
term BAU Moderate Aggressive in
E Variables in Eqn. (4) metric tCO,/ha (for 25-yr rotation) 5
qn. GROW+ 290 317 367
GROW- 0.0 18.8 18.8
DCOMP® 20.8 24.0 27.2
SITENC® 6.7 6.4 8.3
Terms in Eqn. (3) Dimensionless
GROW -0.45 -3.10
AVOIDEMIT 0.17 0.34
SITENC 0.01 -0.09
UBAF (base, without N,O adjustment) -0.30 -3.16
N,O adjustment 0.05 0.02
UBAF with N,O adjustment - 0.26 -3.14
Net Biogenic Emissions (VNBELz,)*
tCOz/day @ 100% operating capacity -525 -2,317

(a) The estimates here assume a carbon mass fraction of dry biomass of 0.47.

(b) Estimated using allometric equations and forest inventory data [8]. Accounts for emissions
from decomposition of aboveground coarse woody debris (litter fall, tops and branches
generated by natural breakage, and tops and branches generated during harvesting operations).

(c) Based on published factors for decomposition rates [8]. Accounts for accumulation of carbon
and emissions from below-ground biomass growth and coarse woody debris that became part
of the soil.

(d) Total net biogenic emissions for the LBJ system from Eqn. (5) using UBAF with N,O
adjustment.
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quantifies the potential upstream net biogenic emissions (if all harvested biomass were to be
converted to CO, and released to the atmosphere); the second term quantifies the mitigating
effects of capturing a fraction, f, of the bio-carbon entering the plant and permanently
sequestering it from the atmosphere.

For calculating the UBAF terms, we include the full 25-year rotation time for each stand of
trees that is thinned to provide biomass for the LBJ plant. Table 8 shows the calculated values of
the UBAF components. The two GROW terms in Eqn. (4) are calculated from the total live
above-ground biomass values in Table 7. The DCOMP and SITENC terms are estimated (using
allometric relations) from the merchantable amounts of pulpwood and sawlogs. From Table 4,
PGE_pj = 622 tCOz/day, and f = [1,326 + 57] / 2,382 = 0.58, and the resulting NBE 1y values,
calculated using Eqn. (5), are given in Table 8.

4.3. Greenhouse gas emissions results

Considering biogenic and fossil fuel carbon in the LBJ system, Figure 3 reports GHG flows
(in COze¢/day) for the “Moderate” biomass supply scenario. Note that biomass growth removes
more CO> from the atmosphere (784 tCOze/day) than is used at the LBJ plant (622 tCOz./day).
The difference represents carbon accumulation in “excess” biomass growth. Additionally, a
significant fraction of the carbon in the biomass used at the LBJ plant is captured and stored
underground. As a result, net biogenic GHG emissions are a negative 525 tCO»./day. Biogenic
emissions are even more negative for the “Aggressive” scenario (Table 8).

Figure 4 shows component and total-net LBJ system GHG emissions normalized per unit of
feedstock energy input to the gasifier for the two biomass supply scenarios (UBAF = -0.3 and
UBAF = -3.1), plus a case with UBAF = 0, representing carbon-neutral biomass supply, as well
as a case with positive 0

0.3 value. The latter 40 :. l l .: = At plant, from biomass
could characterize a 30 e u SPK combustion
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. 10 - T .
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emissions, which are negative in all cases, thus determine differences in net emissions between
scenarios. Although the feedstock is only 25% biomass, in all cases the landscape emissions are
the largest single emissions component (absolute value). Note that CO; captured and stored is
not shown in Figure 4; it roughly equals the sum of plant emissions from lignite and biomass
(see Supplementary Materials for details).

Scenarios with UBAF =0 and UBAF = +0.3 are included in Figure 4 because the stemwood-
biomass supply strategy described above has limited potential for the longer term due to the
extensive land area required to supply a single facility: a commercial-scale LBJ plant might
require an order of magnitude larger dedicated managed forest area than the 200,000 ha required
for the FOAK plant, and thus the potential number of commercial-scale LBJ facilities in the
Southeastern U.S. is quite limited. More-plausible long-term biomass supply scenarios for a
large bioenergy industry are ones characterized by a UBAF of 0 achieved by annual biomass
harvest and regrowth (e.g., of herbaceous rather than woody biomass). Negative-emissions
liquid fuels can still be achieved under such a scenario due to capture and storage of biogenic
COo.

Net GHG emissions per unit of SPK energy are shown in Figure 5. The moderate biomass
supply scenario (UBAF = -0.3) results in zero net GHG emissions. Higher UBAF values give
higher emissions. The highest UBAF value gives emissions of 61 kg CO2./GJspk,Luv, or about
70% of the emissions for petroleum jet fuel.

5. Financial Analysis
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Figure 5 Net lifecycle emissions (white diamonds and numbers) and component emissions associated with
SPK production and use for the four biomass supply scenarios. Net lifecycle emissions for conventional jet
fuel (from Table 6) are shown for comparison.

5.1. Capital and Operating Cost Estimates

The WorleyParsons Group (WPG) was contracted to collaboratively develop capital and
operating and maintenance cost estimates for the LBJ plant [6]. Equipment sizes and other
relevant parameters for cost estimation were based on WPG in-house process simulations or
project-specific vendor-provided estimates for major subsystems and components. The latter
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(adjusted if needed for freight costs to site, vendor technical direction during installation,
incomplete or missing scope items, changes in capacity from the initial design specifications
given to vendors, and conversion to U.S. dollars) included: air separation unit (Air Products),
biomass preparation and drying (BRUKS Rockwood), lignite dryer (ANDRITZ), water-gas shift
(Haldor Topsoe), Rectisol® acid gas recovery (Air Liquide), pressure swing adsorption, CO;
compressor (Dresser-Rand), F-T synthesis and upgrading (Emerging Fuels Technology), wet
sulfuric acid unit (Haldor Topsoe), gas turbine (Siemens), heat recovery steam cycle steam
turbine (Siemens), zero liquid discharge system (Suez Environnement). WPG scaled costs for
lignite receiving and unloading from a quotation for a similar facility. WPG developed costs for
the TRIG gasifier by scaling a high-level budgetary quotation from a previous project, and
adjusting their gasifier island estimate based on recommendations from Southern Company
engineers who drew on their experience constructing the Kemper County IGCC project.

WPG estimated a Bare Erected Cost (BEC, overnight basis in mid-2015 dollars) of $588
million, comprising equipment, construction materials, and associated direct and indirect
installation labor costs typical of the Mississippi region (Table 9). They estimated a total
plant cost (TPCwp) of $992 million by applying their experience-based factors to estimate the
EPCM (Engineering, Procurement and Construction Management) fee (20% of BEC),
process contingency to account for technology integration and performance uncertainties
(15% of BEC), and project contingency (25% of BEC + EPCM + process contingency).

WPG’s estimate excluded owner’s costs.

The TPCwp of $992 million is well below the $2 billion limit specified in the guidelines for
project design. However, contingency allowances significantly higher than those specified by
WPG are both prudent and warranted at this early stage of project development; for example, the
history of many large-scale energy projects [57,58] as well as those of recent pioneer projects
such as the Kemper County lignite IGCC-CCS, the Edwardsport coal IGCC, and the Boundary
Dam post-combustion pulverized coal CCS retrofit, are generally characterized by conceptual
and/or scoping-level capital cost estimates that ultimately proved to be much smaller than the
capital actually expended to complete the projects.
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Table 9. Bare erected capital cost (1,000 2015$), as estimated by WorleyParsons Group.

Plant component Equipment  Material Labor Total
Coal and sorbent handling 7,364 3,682 3,682 14,728
Coal and biomass preparation and feeding 41,171 11,474 23,342 75,986
Feedwater and miscellaneous balance of plant 7,935 4,370 7,022 19,327
Gasifier and accessories 63,065 35,975 50,352 149,392
TRIG gasifier, syngas cooler & accessories 21,544 25,142 34,334 81,020
Other gasification equipment 3,221 1,641 2,230 7,091
Air separation unit 38,300 9,192 13,788 61,280
Gas cleanup and piping 110,239 2,615 4,052 116,907
F-T synthesis and product upgrade 29,465 13,029 25,775 68,269
CO; removal and compression 8,500 2,152 3,228 13,880
Combustion turbine and accessories 14,414 185 697 15,296
Combustion turbine 14,414 0 462 14,876
Combustion turbine other 0 185 235 420
Heat recovery steam generator and accessories 4,190 111 899 5,200
Heat recovery steam generator 4,190 0 776 4,966
Ducting and exhaust stack 0 111 123 233
Steam turbine generators 12,776 1,455 3,787 18,018
Steam turbo-generator and accessories 5,400 729 891 7,020
Heat recovery steam cycle steam turbine 2,389 287 430 3,106
Turbine plant auxiliaries and steam piping 4,987 439 2,466 7,892
Cooling water system 2,791 5,469 4,386 12,646
Ash/spent sorbent handling systems 10,258 3,139 4,557 17,953
Accessory electric plant 7,157 6,058 12,315 25,529
Instrumentation and controls 5,719 1,171 4,521 11,411
Improvements to site 3,451 2,034 10,020 15,506
Buildings and structures 0 3,423 4,134 7,556
TOTAL BARE ERECTED COST 328,495 96,339 162,769 587,603

Guidelines for process and project contingency estimations published by Greig, et al. [55]
(Table 10) were consulted to arrive at alternative TPC estimates for the LBJ project. For
application of those guidelines, the level of LBJ project definition was judged to be consistent
with a scoping-level of effort and the level of commercial maturity to be somewhere between
first-of-a-kind (FOAK) and early mover. Key areas such as the gasifier (especially with
lignite/biomass co-feed) and F-T synthesis using this particular syngas, along with overall
system integration, are clearly FOAK. We further note that coal or biomass IGCCs number less
than a dozen globally and none are yet operating integrated with F-T liquids production or CO>
capture. A countervailing consideration is that a good deal is known about conditions, services
and infrastructure at the proposed LBJ project site. Also, we note that some contingency
allowances were included in TPCwep to account for the novelty of the process integration this
project will require. Additionally, we recognize that the physical scale of the LBJ project is
considerably smaller than the scale of most of the megaprojects reviewed by Greig, et al. [55] to
arrive at the recommendations in Table 10 and thus arguably lower contingency allowances than
in Table 10 are warranted.

Considering all of these factors, we estimate a likely TPC level by assuming an EPCM
allowance equal to 20% of BEC and adopting a process contingency allowance equal to 35% of
BEC and a project contingency allowance of 35% applied to the sum of all other project costs.
Thus, our central estimate for TPC is TPCrgy = $1,230 million.
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Given the complexity of the LBJ plant, it would not be unreasonable to also consider an
additional allowance for supplementary funds (SF). The SF allowance in the guidelines in Table
10 is to cover additional costs due to unforeseen events or outcomes. SF may not need to be
spent, but technology performance, gross scope growth arising from local or market issues,
regulatory changes, process integration challenges, slow plant ramp-up to full capacity, redesign
and rectification requirements, or other issues may arise, and the project would be unable to
proceed if SF are not available to address such issues. Table 10 provides guidelines for SF
allowances, based on which we consider 20% applied to TPCrgy: TPCrLgywisk = $1,475 million.

Table 10. Guidelines for contingency allowances in estimating capital costs for energy
megaprojects [55]. All figures are percentages of a conventionally-estimated TPC. Given
inherent uncertainties in conventional TPC estimates, especially in early phases of project
development, the numbers in this table are guidelines only.

Phase of Project Development
Concept  Scoping Pre- Feasibility Engineering
study study feasibility study Completed
First-of-a-kind project
Process contingency 50 35 20 15 10
Project contingency 50 35 20 15 10
Total contingencies 100 70 40 30 20
Supplementary funds 50 40 30 20 10
Early-mover project
Process contingency 25 15 10 5 5
Project contingency 40 30 20 15 10
Total contingencies 65 45 30 20 15
Supplementary funds 30 20 15 10
Nh-of-a-kind project
Process contingency 0 0 0 0 0
Project contingency 30 25 20 10 5
Total contingencies 30 25 20 10 5
Supplementary funds 25 15 10 5 2.5

Owner’s costs are an additional capital cost to
be considered. We include the following owner’s
costs above and beyond TPC: a front end
engineering design study ($20 million or
nominally 20% of EPCM cost), owner’s team to
manage the primary EPCM and any subsidiary
contracts ($11.8 million, or 2% of BEC), initial
catalyst and chemical fills ($4.2 million, as
estimated by WPG [6]), land ($0, as the Plant
Sweatt site is already the owner’s property), and
annual property tax and insurance (2% of TPC
[59]). Additional components of owner’s costs
are less definable at this early stage of project
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Table 11. WorleyParsons estimate of non-feedstock
operating and maintenance costs.

Cost, 1,000%/yr (2015$)

Fixed Operating Costs 22,442
Operating labor 10,905
Maintenance labor 7,049
Admin and support labor 4,488

Variable Operating Costs? 17,062
Maintenance materials 12,612
Chemicals and catalysts 2,801
Waste disposal 1,452
Other 197

(a) These figures assume 80% capacity factor. The
discounted cash flow adjusts these values according
to capacity factors used in that analysis.




October 20, 2019

development and are assumed to be captured by the project contingency allowance included in
the TPC.®

Non-feedstock operating and maintenance costs were estimated by WPG [6], as summarized
in Table 11. Assumed hourly wage rates are representative of those for similar jobs near
Meridian, Mississippi. WPG estimated maintenance costs from experience-based ratios of
maintenance cost to bare-erected capital costs for similar equipment items and processes.
Consumables (water, chemicals, catalysts) and waste disposal costs were estimated from
individual consumption / production rates, the unit cost of each item, and the plant’s annual
operating hours.

5.2. Financial Analysis Results

Annual discounted cash flow analyses were carried out to assess the prospective financial
viability of the LBJ project. The baseline set of input assumptions for the analysis included a
levelized crude oil price of $80/bbl, a $25/tCO2. GHG emissions price, lignite and biomass
prices noted earlier, a 20-year plant life, a plant capacity factor of 80% after a four-year ramp-up
period, and a real weighted average cost of capital of 3%. Table 7 in the Supplementary Material
gives a full listing of input assumptions. Table 12 below describes eight scenarios that were
analyzed. These include three scenarios that each use the baseline input assumptions and one of
the three TPC estimates described above and five additional scenarios using TPCyg; that examine
sensitivities to key variations in key baseline parameters.

Because of the high capital and fixed O&M costs for this relatively small demonstration
project, it is not possible to generate a positive cash flow from the anticipated revenues for the
baseline set of assumptions with any of the TPC estimates. With the baseline input assumptions
and the mid-range TPC estimate (TPCLgj), the cost of SPK production approaches $500/bbl. To

Table 12. Discounted cash flow scenarios.

Scenario name in Figure 6 | Distinguishing input assumption
With baseline input assumptions (Table 7 in supplemental material)
TPC(WP) Capital cost = TPCwp = $992 million
TPC(LBJ) Capital cost = TPCygy = $1,230 million
TPC(LBJ,w/SF) Capital cost = TPCppjwsr = $1,475 million
With TPC = TPCLpj and all baseline input assumptions, except:
Lo availability ramp Plant capacity factor is 80% for operating years 6 to 20. In year 1 to 5, it is
0.25, 0.35, 0.55, 0.75, and 0.90 times 80%.
Hi biomass price Levelized biomass price, 2021-2040 = double the baseline value.
Hi GHG emissions price” Levelized GHG emissions price, 2021-2040 = 100 $/tCOx.°
Hi crude oil price Levelized crude oil price, 2021-2040 = 120 $/bbl.
WACC=0 Real weighted average cost of capital = 0 (nominal WACC = 3%).

(a) The discounted cash flow analysis results would be nearly identical to those for the “Hi GHG emissions price” scenario if
the baseline electricity sales price were doubled, or if the lignite price were halved, while keeping the GHG emissions
price and all other input parameters at the baseline values shown in Table 7 of the supplemental material.

(b) According to the Edenhofer er al. [60], our base case GHG emissions price of $25/tCOze is close to the median estimate
among multiple integrated assessment model scenarios of the levelized global CO:z price during 2021-2040 that would
likely lead to stabilizing the atmospheric GHG concentration at 580-650 ppm COxe. For a likelihood of stabilizing at 430-
480 ppm, which would be consistent with limiting average global warming to no more than 2°C above the preindustrial
level, a levelized GHG emissions price of about $100/tCO2e would be needed during 2021-2040.

6 In the financial analysis that follows, TPC is treated as a depreciable asset, while owner’s costs other than those
assumed to be covered by the contingency allowance included in the TPC are not.
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achieve a zero net present value (NPV) under the baseline assumptions would require a levelized
SPK subsidy payment to the producer over a 20-year project life of $388/bbl (on top of market
revenues of $94/bbl when SPK is sold at a price equivalent to the cost of petroleum jet fuel made
from $80/bbl crude oil). The required selling-price subsidy to achieve zero NPV would be
$306/bbl with TPCwp and $472/bbl with TPCygywse. Alternatively, zero NPV could be achieved
with a capital grant or other mechanism that reduces the capital cost to investors.

Figure 6 shows combinations of selling price subsidy and capital grant that would achieve
zero NPV in each of the scenarios described in Table 12. Higher capital grants mean lower
selling-price subsidies are required, and vice versa. With no capital subsidy, a selling price

$450

@ TPC(LBJ)

Lo avail. ramp

$400

$350

e Hi biomass
Hi GHG price

Hi oil price
= \WACC=0

= = TPC(LBJ,w/SF)
=== TPC(WP)
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Figure 6. Discounted cash flow analysis results showing combinations of capital subsidy and SPK selling-
price subsidy that achieve zero NPV. With higher capital subsidies, lower selling-price subsidies are
required. Without any subsidy, zero NPV cannot be reached. Three scenarios identified in the legend as
TPC(WP), TPC(LBJ), TPC(LBJ,w/SF) all use the baseline input assumptions (Table 7 in supplemental
material) but different TPCs. The six scenario names in light blue in the legend all use TPC(LBJ) and
baseline assumptions for all inputs except the parameter indicated in the scenario name. See Table 12.

subsidy of at least $300 per barrel is required in the TPCwp scenario, and more than $500 per
barrel is required in the TPCypgyw/sF scenario. With no selling price subsidy, the capital cost
subsidy required to reach zero NPV exceeds the project TPC regardless of which TPC scenario is
considered.

The six scenarios involving TPCLs; show the sensitivity of results to several key parameter
variations. Capital-related parameters [weighted average cost of capital (WACC) and plant
availability ramp rate] have significant influences on the required selling price subsidy when the
capital cost subsidy is relatively low, but little-to-no impact when the capital cost subsidy is
relatively high. Each of the other 3 sensitivity parameters investigated (biomass price, GHG
emissions price, and oil price) have uniform impacts on the required selling-price subsidy,
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regardless of the level of capital cost subsidy. The high oil-price scenario shows the largest
impact among these: higher oil prices make the economics are somewhat more favorable as a
result of increased revenues for both SPK and CO>. Comparing the high oil price ($120/bbl)
case with the baseline TPCLgj result indicates that the required SPK selling-price subsidy
increases or decreases by $1.75/barrel for each $1/bbl decrease or increase, respectively, in crude
oil price.

The poor project economics are not surprising. They arise in large part because of the small
scale of the plant and the design guideline to minimize technical risk. Also, a key difference
between this and earlier (NOAK) studies is the inclusion of levels of contingencies in the cost
estimates that are appropriate for the relatively early stage of project development and for the
FOAK nature of the plant.

6. Conclusions

Many prior studies have assessed prospective performance and costs of coal/biomass-to-
liquids conversion with COz capture and storage. Most of these have used approaches for
estimating performance and cost that are typically applied to commercially-mature, N"-of-a-kind
technologies. To help better understand the challenges for first-of-a-kind demonstration projects
that will be needed before larger-scale commercial plants can be built, this study went beyond
most prior studies in its consideration of first-of-a-kind factors in developing the process design
and techno-economic performance analysis.

The analysis found the energy efficiency of converting feedstock into Fischer-Tropsch fuels
to be consistent with previous (N"-of-a-kind) studies (about 30% feedstock to liquids, which is
in line with the 31-32% found by Liu et al. [14] for similar plant configurations), while the
electric conversion efficiency is appreciably lower (5.8% vs. 13-18% found by Liu, ef al. [14]).
In the present work, the electric efficiency suffers due to the large heat requirement of the
selected Rectisol process design and intrinsic efficiency limitations of a relatively small gas
turbine and heat recovery steam cycle. As far as costs are concerned, the estimated specific total
investment cost ($/kW of input feedstock) is several times the values reported by Liu, et al. [14]
or by Jiang and Bhattacharyya [17]. This wide discrepancy in costs is explained by the small size
of the plant in the present work, the more complete inventorying and costing of equipment costs,
and the higher capital cost contingencies appropriate for a first-of-a-kind project.

The analysis here found that without subsidies the levelized cost of producing synthetic jet
fuel from the plant would be $400 to $570 per barrel, or 4 to 5 times the cost of petroleum jet
fuel from crude oil costing $80/bbl. Private investors are thus unlikely to be willing to finance
this first-of-a-kind demonstration without subsidies to ensure a reasonable return on investment.

Also, for a sustainable biomass feedstock supply for the first-of-a-kind plant using stemwood
from managed forests, management would need to be intensified to increase forest productivity
beyond a business-as-usual scenario. This approach would not be tenable for supplying a large-
scale industry based on this technology due to the extensive forest areas that would be required.
A more plausible strategy for large-scale, carbon-neutral biomass supply (i.e., with the upstream
biomass accounting factor equal to 0) would be annual biomass harvest and regrowth (e.g., of a
perennial herbaceous biomass). Negative-emissions liquid fuels could still be produced as a
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result of capturing biogenic COz at the conversion facility and storing it permanently

underground.

Despite the unattractive economics for a first-of-a-kind demonstration plant, technology
innovations, learning via construction and operating experience, and scaling-up of plant sizes
will improve the economics of future plants, as discussed in a companion paper [12] assessing

N®-of-kind plant designs.
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Acronyms

AGR: Acid Gas Recovery

BAU: Business As Usual

CCS: Carbon Capture and Storage
COqe: Carbon Dioxide Equivalents
EOR: Enhanced Oil Recovery

EPA: Environmental Protection Agency
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FTL: Fischer-Tropsch Liquid

GHG: Greenhouse Gas
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OT: Once-Through
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SPK: Synthetic Paraffinic Kerosene
TRIG: Transport Integrated Gasification
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WGS: Water Gas Shift

WPG: WorleyParsons Group

WSA: Wet Sulfuric Acid

IGCC: Integrated Gasification Combined Cycle ZLD: Zero Liquid Discharge
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