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ABSTRACT: Hydraulic fracturing of unconventional hydrocarbon
resources involves the sequential injection of a high-pressure, particle-
laden fluid with varying pH’s to make commercial production viable in
low permeability rocks. This process both requires and produces
extraordinary volumes of water. The water used for hydraulic fracturing is
typically fresh, whereas “flowback” water is typically saline with a variety
of additives which complicate safe disposal. As production operations
continue to expand, there is an increasing interest in treating and reusing
this high-salinity produced water for further fracturing. Here we review
the relevant transport and geochemical properties of shales, and critically
analyze the impact of water chemistry (including produced water) on
these properties. We discuss five major geochemical mechanisms that are
prominently involved in the temporal and spatial evolution of fractures
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during the stimulation and production phase: shale softening, mineral dissolution, mineral precipitation, fines migration, and
wettability alteration. A higher salinity fluid creates both benefits and complications in controlling these mechanisms. For example,
higher salinity fluid inhibits clay dispersion, but simultaneously requires more additives to achieve appropriate viscosity for proppant
emplacement. In total this review highlights the nuances of enhanced hydrogeochemical shale stimulation in relation to the choice of

fracturing fluid chemistry.

B INTRODUCTION Table 1. Unconventional Resources Are More Widespread

The world’s total energy consumption is projected to increase
50% by 2050" and unconventional oil and gas production is
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expected to contribute to meeting this demand. Recent
technological advancements in these unconventionals have
transformed the United States into one of the largest
petroleum producers and a net energy exporter” for the first
time since the 1950s. The majority of unconventional
resources are held in highly heterogeneous oil and gas shales,

resource

conventional gas

coal bed methane

tight/shale gas
gas hydrate

liquid hydrocarbon

volume (scf)
4.4 x 10"
1.1 x 10"
1.6 X 10"
5.3 x 107

that feature a large variety of (reactive) mineral components
and exhibit ultralow permeability.”™® These rocks have
multimodal porosity and store substantial volumes of hydro-
carbons (Table 1) but have low flow potential,”'” and need to
be stimulated using hydraulic fracturing to make their
production economically viable.

Hydraulic fracturing introduces large volumes of high-
pressure, water-based fluid (7,000 to 50,000 m® per well
depending on the shale play”~'®) to break the rock and
generate fluid flow pathways'”*’ (Figure 1). A significant
component of this fluid (60—90%"") is lost inside the rock,
typically within the shale matrix adjacent to the fracture face”'
as a result of both forced and spontaneous imbibition. The
remainder is produced at the surface, creating large volumes of

resource
conventional oil
tight/shale oil
bituminous sands

oil shales

volume (bbl)

42 x 10"
1.7 x 10"
2.5 x 10"
4.7 x 10"

“Global estimates of the resource in place are colored red and the U.S.
estimates are colored blue.



ACID STEP (SPEARHEAD)

Tens of cubic meters of water mixed with acid

(HCI) to clean hole and open fractures near wellbore

|

PAD STEP

Large volume (hundreds of cubic meters) of water with additives to

open formation and facilitate the flow and placement of proppant

PROPPANT STEP

Small-sized incompressible spherical particles (e.g. silica, ceramics) are
pushed inside the opened fracture under high pressure (over multiple

stages) that prevent the formation from closing when pressure is released

l

FLUSH STEP

Volume larger than the wellbore volume to clean the wellbore of any excess proppant

Figure 1. General four-step hydraulic fracturing process. Large
volumes of water are consumed during each stage. The injected fluid
pH varies from highly acidic (~—0.3) during the spearhead stage to
neutral in the pad stage and slightly alkaline (~7.5—10) in the
proppant stage.

a high-salinity mixture composed of the formation water, as
well as the engineered fracturing fluid, that requires costly
disposal. This is of particular concern in semiarid regions
where freshwater withdrawals for fracture stimulation can
amount to a significant portion of total water use within the
region.”””” Thus, there is a growing interest in the potential to
reuse production water for further stimulation.

Water reinjection has seen some success in dry gas plays like
the Marcellus where a large percentage of produced water
(~90%"") is reused for future stimulations. However, the total
volumes of produced water in these plays are much lower than
that of unconventional oil plays such as the Permian, which
produces ~15 times more water than the Marcellus.”” This
disparity highlights the fact that the volumes of produced water
from shale gas wells vary substantially between plays, ranging
from <27 m® produced water/scm of produced gas in
Marcellus to 27—134 m®/scm in Eagle Ford, Haynesville,
and Fayetteville to >134 m3/scm in Barnett shale.’® The
availability of storage sites for this return water can also be a
hindrance. For example, only eight class II saltwater disposal
sites are available in Pennsylvania.”” Disposal wells for
hydraulic fracturing operations have also raised concerns
about induced seismicity.”**’

Reusing this “cleaned” produced water for field operations
could be of vital importance as the produced volumes can
overwhelm the local disposal facilities.””* However, the
cleaning necessary to make these fluids suitable for reinjection
is nontrivial.>' ~** While conventional oxidation techniques can
readily be used to remove organics and some inorganics (e.g,
iron) from produced water,”> monovalent and other divalent
inorganic ions can be more difficult and economically
burdensome to remove.***” Additionally, such large variation
in the produced volumes and salinity add to the complexity of
dealing with this fluid from an operational standpoint (e.g,
facility size and transport cost).””” These engineered fluids
often contain a range of additives designed to control viscosity,
friction, microbial growth, and corrosion, resulting in a wide
variety of chemical compositions’>**™*' and contaminants
such as oils, soluble organic compounds native to the fractured
formation,”” and degraded products of the injected organic

compounds.*”** Therefore, injection of this produced water
reintroduces the alkali earth metals to the rock and ultimately
exacerbates blocking of fractures due to secondary mineral
precipitation.”> Constricted flow can potentially mobilize
precipitated mineral scale by matrix dissolution leading to
further fracture occlusion.

The result is that, at present, a broad range of water
chemistry is being used for the base fluid across hydraulic
fracturing operations, some of which have detrimental effects
on the production. Thus, it is critical to understand the types
and rates of chemical reactions that result from interactions of
the various fluid compositions and the diversity of shale
reservoirs. If the cleaning procedure could be appropriately
optimized, reuse of produced water could provide a benefit or
even enhancement to overall production. For example, a recent
study’® has shown that rock permeability can be improved by
reinjecting high-salinity fluid, suggesting that a reduction in
mobile fines can be achieved by minimizing electrostatic
barriers and supporting reattachment to the fracture walls.

Recent reviews'”'”"”?%*%2547=51 have considered develop-
ments in the individual mechanisms affecting fluid flow
pathways by fracturing fluid, tackled the limitations and
problems related to the surface facilities when reusing
produced water, or focused on the advancements in the
water treatment strategies. In what follows we review the
literature for shale properties relevant to fluid and solute
transport under highly reactive conditions, with emphasis on
the impact of water chemistry in driving reactive alterations,
and the resulting evolution of fluid flow pathways.

B THE HYDRAULIC FRACTURING PROCESS

During unconventional reservoir stimulation, reactivity and
transport processes happen simultaneously. These processes
impact both the spatial and temporal evolution of the structure
of the stimulated volume, including the opening of void space
due to solubilization of reactive minerals and the loss of void
space due to secondary mineral scaling. All of these processes
change the aperture of the fracture and increase or decrease
pore dimensions of the matrix and thereby influence access of
the fracturing fluid to the shale. In this sense, it is worthwhile
to consider a gradient in parameter space: matrix and fracture
dissolution and fines release open the flow channel whereas
precipitation and fines deposition reduce dimensions of the
flow space. This behavior is often encapsulated in dimension-
less Péclet (Pe) and Damkohler (Da) numbers (e.g., Békri et
al.>”), where Pe is a ratio of advective to diffusive transport
rates and Da is a ratio of reaction rate to transport rate. A
Damkohler number much greater than 1 implies that the
effects of reactivity outpace the effects of transport, implying
that as soon as a reactive fluid contacts a surface the reaction
occurs rapidly. The system is thus referred to as “transport-
limited”. During hydraulic fracturing the near wellbore flow
rates are large and it is not immediately obvious that transport-
control applies. Likewise, Pe may be large in the fractured near-
well region where advection dominates but very small in the
low-permeability matrix. In a heterogeneous system, local
values of Da and Pe may be computed using fracture (um to
mm-scale) and matrix (nm to pm-scale) characteristic length
scales, leading to inference of mostly transport-limited
conditions in the matrix and reaction-limited conditions in
the fractures near the wellbore. These Da values are further
distinguished by the nature of the reactive pathway to which
they are applied. For example, an acidized, anoxic fluid flowing
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Figure 2. Typical production decline in a well in the Barnett shale (Lease no. 248798, Well no. A10H). Production data available from the Texas
Railroad Commission. The sharp initial decline is a result of vacating the gas-filled fractures, with little to no contribution from the shale matrix.

Matrix diffusion sustains the low flow rate over long period of time and is dependent on the matrix diffusion coefficient.®

5,75

L

Figure 3. FIB-SEM image of the Vaca Muerta formation at a resolution of 2.5 nm shows pores of multiple sizes. Segmentation shows multiple
components including, but not limited to, pore (dark blue), calcite (golden), quartz (teal), organic matter (blue), and pyrite (yellow). Original
SEM scan available in ref 90.

through shale would be described by a large value of Da
associated pH-dependent solubilization, and simultaneously a
small value of Da associated with oxidative dissolution.

Thus, in natural heterogeneous reservoirs, where it is not
intuitively obvious how reactivity and transport are coupled, it
is helpful to contextualize the stages of the fracturing process in
this dimensionless framework. At present, the majority of shale
reactivity studies are conducted under laboratory conditions
including batch reaction and flow-through tests of core
material. *~°° A present challenge faced in the field is the
linkage of these data to reservoir-scale behavior through such
nondimensionalized parametrization. In what follows, we
review the steps of the fracturing process, while offering a
contextualization of the Pe and Da associated with each step
using local conditions of reactivity and characteristic length.

The first phase of hydraulic fracturing (Figure 1) is
comprised of injecting a highly acidic “spearhead” fluid
(7.5—-15% HCl, pH < 0) intended to clean out the wellbore
and dissolve reactive minerals (e.g., carbonates) in the near
wellbore region to create pore openings that aid in fracture
propagation.”*"** High flow rates with associated small
fracture apertures result in Pe > 1 while the low-pH oxic
environment results in extraordinarily high Da for reactive
minerals. Acid from the initial spearhead is consumed and
diluted over the steps of the fracturing operation, reducing its
efficacy away from the wellbore, thereby resulting in a decrease
in Da. As the injected fluid encounters fractures of variable
aperture® and imbibes into the matrix, the flow rate in the
stimulated volume changes and the Pe decreases.

A more neutral “pad” fluid (pH = 7) is injected next, at a
flow rate ranging from S to 16 m*/min,'”** to physically break

down the shale formation by cracking the rock, forming an
internal connected network, and allowing the acidic spearhead
to penetrate deeper inside the reservoir.”* These high flow
rates result in Pe >> 1. The Da associated with acid-promoted
solubilization varies significantly as the pH changes from highly
acidic at the fracture tip to neutral in the wellbore.

Following the pad, slickwater or cross-linked gelled fluids
carrying proppant (generally a high-purity well-sorted sand or
ceramic) are injected in order to push the proppant as far into
the newly formed fractures as possible. Depending on the
operator, these injected fluids with proppant packs have a wide
range of pH (7.5—10) and viscosity to maximize the transport
of the pack into the stimulated rock volume. Following
proppant emplacement, the wellbore is flushed to remove the
excess proppant. Some wells are put directly on production
while some are shut-in for a range of time (generally 3 weeks
but it can be upward of months) prior to production to allow
hydrocarbons to flow from the rock matrix and accumulate in
the fractures. The flow rates associated with this shut-in are
only in response to local pressure variations as the system
relaxes, suggesting a much lower Pe. This accumulation period
results in the high hydrocarbon production rate observed in
the first year of production®”*® (Figure 2).

When flowback is initiated, large volumes of relatively low
salinity fluid are produced on the surface. With time, the
volume of produced water decreases, but the salinity increases
(on average ~7 times higher than seawater’) as larger
proportions of native formation water come to the surface.
Hydrocarbons stored in the large connected pores drain
quickly (days to weeks) into the wellbore,° resulting in a high
initial production rate that sharply declines with time®” (Figure
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Figure 4. Mineral compositions of shale reservoirs can vary Si§niﬁcantly from carbonate-rich to silica-rich resulting in a wide variation of the pore

[, 745,69,77,86,91-109

size, porosity, permeability, and mechanical strengt

2). The relatively large hydraulic fractures then maintain the
potential for release of the adsorbed oil and gas held within the
rock matrix.”®*® With further time (on the order of months
to years), hydrocarbon production typically slows along an
exponentially declining rate®>’® (Figure 2). This decline in
hydrocarbon production is attributed to a combination of
factors including the slow release of the adsorbed gas,””" the
collapse of fracture networks,”””* and the effects of geo-
chemistry (e.g,, accumulation of mineral scaling).”*

B SHALE PETROPHYSICS AND GEOCHEMISTRY

“Shale” is a loosely coined term including, but not limited to,
ultrafine-grained rocks such as mudstones, and chalks hosting a
variable range of organic matter content and composition.
They are primarily composed of clay minerals such as Illite,
smectite-montmorillonite, chlorite, and kaolinite, and can also
contain a significant proportion of clastic minerals like quartz,
teldspar, chert, and carbonates’® (Figure 3). Organic matter is
present at concentrations averaging ~5% by weight, with
individual values as high as 20%.”” The spatial distribution and
density of these minerals dictate the rock mechanical and
surface properties,”® with permeabilities on the order of micro-
and nano-Darcy.” Detailed studies are usually conducted on
individual reservoirs to classify both mineralogy and organic
compounds, that are found to vary significantly between
different shale plays and even within a specific play,”” based on
their depositional environment (Figure 4). Shales exhibit a
range of pore sizes and porosities over multiple length scales
(107 to 107" meters”®”*") that are created by successive
formational processes over geologic time scales.”” The
nanoscale pores can be interparticle, intraparticle, or even

inside the organic matter itself,*> while the natural fractures
can be multiple meters long with a millimeter-scale fracture
aperture.”” The intrinsic shale transport properties are dictated
by the smaller densely occurring natural microfractures.**®’
Hydrocarbon gas is stored in these pore spaces as compressed
gas and in the kerogen and clay matrix as dissolved gas.*’
Similarly, the polar components of oil facilitate sorption and
aid storage in oil-wet nanopores.”’~* When pressure draw-
down is applied to such a system, the compressed oil and gas in
the pores is recovered first followed by gas desorbed from the
pore walls and diffused from the kerogen and clay matrix’
resulting in the typical production profile shown in Figure 2.

Clay minerals are predominantly flat 2D structures with
shared corners of a silica tetrahedra or alumina octahedra. Of
the four major structural groups of clays, kaolinite and Illite are
nonswelling in nature''’ while smectite has a tendency to
swell.'"'7'® Na-smectite, which contains sodium as the
dominant exchangeable cation, swells as a result of
intercalation of up to four layers of water molecules.'"*
Naturally occurring clays are usually an amalgamation of these
groups, where Illite is the most common component in
unconventional reservoirs. For example, Eagle Ford shale
primarily consists of Illite (up to 29% of the total weight of the
rock), with little kaolinite;''> Permian basin shale has an
abundance of Illite (~40% wt.) with sparse volumes of
kaolinite and chlorite;''® Barnett shale has large proportion
(~27% wt.) of Illite with minor smectite;''” and Marcellus
shale has 25% Illite with smaller proportions of chlorite,
kaolinite, and smectite.””

Generally, shales with high quartz/feldspar and carbonate
contents tend to have a higher density of natural fractures:*’



Table 2. Common Chemical Components in Fracturing Fluid (Figure 1, Pad Step) With Their Main Purposen3’124 and the
Average Volumetric Fracturing Fluid Composition for Fayetteville Shale”
product purpose of chemical vol. %'*! example
gelling agent'ZS increase viscosity of the fluid in order to suspend the proppant 0.056% guar gumlzo
cross-linker'”’ link up different components to retain fluid viscosity at elevated temperatures 0.007% boric acid'*
breaker'** efficiently remove the polymer gel inside the fracture 0.01% sodium bromate'*®
proppant'*’ prop open the fractures after fracturing fluid flow-back. Units: ppg = pounds per gallon 0.2 to 0.25 ppg'® silica sand'*’
friction reducer*’ minimize friction of the fluid 0.088% kerosene'®'
scale inhibitor'* prevent scale deposition in the pipes 0.043% DTPMP'**
biocide'** Eliminate bacteria in the water that produce corrosive byproducts 0.001% sodium hypochlorite'**
surfactant'*>'3 Reduce surface tension of the fluid 0.085% naphthalene'*’
acid dissolve minerals (like calcite) in the rock and open spaces in the rock matrix 0.123% HCI
nonemulsifier prevent formation of emulsions in the fluid 0.085% lauryl sulfate'’”
clay stabilizer'** prevent clay detachment, migration, and swelling 0.06% KCI'?¢
iron control prevent precipitation of iron 0.004% ethylene glycol'*’
pH adjustment agent  adjust the ph of the fluid to improve the effectiveness of other components 0.011% NaOH'*’

“Sand and water comprise the remainder of the volume not indicated in the Fayetteville composition of chemical additives.

they are more brittle and therefore generally more amenable to
induced fracturing. But some clay- and organic-rich shales,
such as the Marcellus and Vaca Muerta,"'® can also contain a
high density of natural fractures if catagenesis drives fracture
growth.”” These natural fractures may or may not be open and
hydraulically connected. Often they are filled with mineral
cements that can range from iron oxide in the Mancos
shales'"” to calcite-rich carbonates in the Marcellus shales.”"”
These infilled fractures can be stronger or weaker than the host
rock."”” The composition of the cement fill is a function of the
geochemical environment, reactivity, and physical character-
istics of the fracture surface, reservoir temperature, and the size
of the fractures.

B WATER CHEMISTRY AND SHALE REACTIVITY

Stimulation fluids are engineered to achieve a wide range of
properties that aid in fracture generation, fracture longevity,
and hydrocarbon production. A broad range of fluid chemistry
is introduced across the duration of the hydraulic fracturing
operation. These fluids have diverse properties including a low
pH to dissolve the matrix and cement in natural fractures,
proppants to keep the generated fractures open, a high
viscosity to carry the proppant, and breakers designed to
manipulate the viscosity of the fluid over various periods of
time for easier fluid recovery. These water-based fluids (Table
2)"?"1** need to be stable over a variety of pressure and
temperature conditions. Two highly important classes of
additives are the gellants, that increase viscosity of the fluid
to aid in proppant transport, and friction reducers, that allow
injection of high volumes of fluids by reducing the pumping
pressures. Besides these, many other types of additives
including biocides, anticorrosives, cross-linkers, and oxidative
breakers can dramatically affect the structure and geochemical
composition of the shale to which they are introduced.

The reactive minerals comprising the shales interact with the
stimulation fluid in a variety of ways. Perhaps an obvious
outcome is the dissolution of minerals that are prone to
solubilization under acidic and oxic conditions (e.g., calcite and
pyrite). The pH of the fracturing fluid varies over the course of
the injection process due to mixing of fluids during the
sequential addition (Figure 1), reaction with the rock, and
mixing with formation/pore fluids resulting in steep acidity
gradients in the subsurface. Near fracture faces, minerals will
initially come into contact with pH < 0 in the form of the acid

spearhead followed by significantly larger volumes of neutral to
basic (pH ~ 7 slickwater or pH 9—10 cross-linked gels)
solutions. This pH gradient leads to a wide range of coupled
dissolution and secondary scaling behavior. Dissolution of
cations from the clay layers split and disintegrate the clays.
Dissolution time is higher for nonswelling clay (e.g., Illite)
compared to swelling clay (e.g,, smectite)."””'*’ Calcium and
magnesium are released from rock during the dissolution of
calcite and dolomite minerals."*" Pyrite is converted to Fe (III)
scale by oxidative dissolution and reprecipitation.'** Barium
dissolved from the drilling mud remnants can be reprecipitated
as Barite.”® In some cases, large amounts of strontium-bearing
mineral precipitates can form due to the nature of the connate
brines."*’ This behavior is complex and often basin specific.
For example iron is universally present and iron scale is a
persistent problem'”'** while strontium is of primary concern
in the Permian'*’ but not in the Marcellus'** or Eagle Ford
plays.

Microbial populations can exert a substantial impact on the
chemistry of injected and produced fluids. Though biocides are
added in the fracturing fluid to control microbial growth
(Table 2), flowback water can still show enhanced microbial
activity.'*”'*® For example, anaerobic halotolerant bacteria
appear to grow "’ potentially as a result of increased subsurface
temperature.”* Sulfate-reducing bacteria'** generate H,S gas
that sours the oil resulting in sulfide mineral scaling.
Furthermore, the gas can be brought on the surface with
produced water, where it causes pitting corrosion' " and is a
health hazard. Biofilms, which effectively act as “gels”, can
cause formation damage, alter fracture conductivity, and can
mobilize and regrow at different spatial locations."*” Therefore,
produced water may require biological treatment prior to
reinjection.

Reuse of cleaned produced water inherently involves a
higher salinity injectate than freshwater-based fracturing fluid.
This requires consideration of the effects of high ionic strength
on the formation. Isomorphic substitution in clays (e.g., Al**
by Fe*" in kaolinite'') can significantly alter the unit cell
parameters without altering the crystalline structure; though it
has a critical impact on the adsorption and catalysis
processes.'”> Other stimulation fluid—mineral reactions are
less intuitive. For example clay minerals have charged
surfaces'*” due to the presence of surface exchangeable cations
whose chemical nature (effective ionic radius and hydration

S
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Figure S. Physicochemical interactions between fracture surfaces and hydraulic fracture fluids can result in decreased or increased fracture
conductivity due to shale softening, fines migration, mineral dissolution, mineral precipitation, and wettability alteration. Injection of the highly
acidic spearhead causes mineral dissolution (primarily carbonates), resulting in minerals, like K-feldspar, being exposed and ultimately being
released as “fines” in the flow pathway. The dissolution also causes the pH conditions to change, ions released from initial dissolution become
supersaturated and can precipitate in different spatial locations such as fracture surface and shale matrix. Furthermore, the acid etches the fracture
surface and reduces the surface hardness of the shale, which enables proppants to be embedded in the surface ultimately reducing the flow area.
Wettability is altered by chemical interactions between the surfactants and the matrix, resulting in a change in the capillary pressures. This can
potentially trap the water phase in the micropores by creating a water block. Original micro-CT scan available at Luo et al.'"’

energy'**) govern the physicochemical properties of the clay,
and consequently interactions with the stimulation fluid. These
exchangeable cations obtain complete or partial hydration
shells based on their enthalpies of hydration which make the
clay mineral hydrophilic in nature.** The layer expands in the
first step with some water adsorption and then the second step
increases the water uptake without swelling.">> The attached
water molecules also tend to have different physicochemical
properties than the bulk water."*® This creates three
fundamental classes of interaction between the water
molecules in the stimulation fluid and the clay minerals:

1. Swelling, This phenomenon occurs when the clay
mineral expands after interacting with water.''>'>” The
two prominent mechanisms of clay swelling:

e Osmotic swelling, This occurs when there is a
difference in the concentration of cations in the

interlayer space of shale and in the bulk solution.
Water is drawn from the less concentrated water-
based stimulation fluid to the shale interlayer
region with a higher cationic concentration.">*"*”
This mechanism is ion-dependent: Na*-saturated
smectite show a large volume change compared to
K*-saturated smectite,' which preferentially
form crystalline hydrates. Overall, the use of
produced waters with high Na* will result in
enhanced swelling, while a high background K" or
addition of KCI to reinjected water may aid in
inhibiting swelling.

Crystalline swelling, This stepwise process is
caused by the hydration of the exchangeable
cations of the clay (with lower water content)
resulting in adsorption of multiple discrete layers



of water on the clay surfaces." ™'’ Negatively

charged clay layers are held together by the
interlayer cations that hydrate upon interaction
with the polar water molecules, rearranging such
that spacing is increased between the clay
layers."' "' This interlayer spacing is dependent
on the thermodynamic potential that is con-
strained by the pH, temperature, and pressure.'*’
2. Dispersion, Dispersion is a rapid process in which
individual layers of the clay mineral are separated and
dispersed in solution with no interactions between the
layers."'*'®* Hydration of clay minerals causes the pore
pressure to be greater than the strength of the bond
between the clay minerals'®® and results in exfoliation of
clay blocks into colloidal-size fines.'* The surface
charge, pH, and clay comgosition are factors that
control clay dispersion.'®>™"®” Dispersed smectite clays
have variable shapes,'®’ for example, the swelling clay
Na*-montmorillonite disperses into individual sheet-like
layers'®® while the nonswelling kaolinite readily
disperses in the presence of water or noninhibitin,
drilling mud'**'*” to form a colloidal suspension.'**"”
Studies'”'™'”® have shown that bacterial action can
change the surface area, cation exchange capacity, and
the layer charge on clays which can impact dispersion.

3. Flocculation or aggregation, The addition of polymer
macromolecules can destabilize the colloidal dispersion
and cause the particles to aggregate and come out of
suspension either by bridging the particles (attaching to
the surface of two individual particles) or by neutralizing
the surface charge on the particle.'”* Flocculation is also
dependent on ionic strength; higher ionic strength
results in lower Debye length and thinner electric double
layer which leads to charged patch attraction'”” and
ultimately structural alteration.'’® The particles “feel
each other” leading to aggregation.'®>"””

Clay-stabilizers (Table 2) are generally added to mitigate
these clay detachment, migration, and swelling processes in
shales. But adding high molecular weight stabilizers can result
in pore-blocking'”® that causes water-locking damage.
Furthermore, prolonged exposure to KCl showed increased
brittleness in the shale.'””

B EVOLUTION OF SHALE FLOW CHANNELS DUE TO
REACTIVE TRANSPORT

During the hydraulic fracturing process large volumes of
fracturing fluid (median ~6000 m® (6 million L)'**) are
injected in a given well. A significant proportion (60—
90%"'”"%") of this fluid is never recovered during subsequent
production though the total fluid produced can exceed the
total injected volume. The large hydraulic pressure difference
between the shale matrix and the fracture primarily results in
fluid seepage inside the matrix'®' and the recovered fluid is
mostly formation water.'"” Furthermore, spontaneous imbibi-
tion due to capillary pressure'®’™'"> and the large osmotic
potential due to the high-salinity contrast between the
fracturing fluid and connate water'”” also contributes to
substantial loss of injected fluid in the reservoir.

Fluid and solid physio(geo)chemical interactions on the
shale surface can result in increased or decreased fracture
conductivity.'**"*” These changes in fracture conductivity are
controlled by multiple parameters, including but not limited to,

closure stress, rock mechanical properties, surface mineralogy,
proppant type, fluid flow rate, fracture surface topography, and
wettability of the pathways.””'® These parameters usually act
simultaneously and result in complex evolution of the fluid
conductive pathway(s) over time. Here we discuss five major
mechanisms (shale softening, mineral dissolution, mineral
precipitation, fines migration, and wettability alteration) that
can influence the flow potential of the shale over the course of
stimulation and production (Figure 5).

Shale Softening. Clay minerals in shales are reactive with
water.'®® Injection of water-based fluids, as opposed to oil-
based fluids, into shales causes a multitude of (problematic)
effects including clay swellin§ (increase in volume) and
ultimately shale softening.'*”'”" Shale softening is the
phenomenon where the mechanical properties of the shale
such as elasticity, hardness, and strength deteriorate.””’ This
can result in embedment of proppant, more difficult fracturing,
and creep deformation in shales'® that effectively reduces the
formation conductivity.

Smectite shales are particularly known for the difficulties
associated with clay swelling during the drilling phase. Water-
based drilling muds have been largely phased out of drilling in
shales due to the long-term interaction between water and clay
causing constricted boreholes by clay swelling and associated
mechanical instability due to the altered stress state of the
shale."”*'”” An oil-based drilling mud or an inhibitive water-
based drilling mud is used instead to overcome such issues.
The additives to the mud (e.g, KCl) inhibit the hydration of
the clays and prevent the clay from absorbing water and
swelling and/or dispersing."””™'"> As return water is
increasingly reused, this high-salinity solution is expected to
behave similarly, ie. inhibit clay swelling and dispersion by
blocking the hydration of clays in the shale matrix. Recent
experiments’® show that the injection of high-salinity brine
recovers permeability of the rock by reattaching the dispersed
clay fines.

All clays are not swelling in nature (Section Water
Chemistry and Shale Reactivity), yet interestingly the shale
softening phenomenon is observed in shales with all types of
clay. Illite and kaolinite are nonswelling clays; the thickness of
their electrical double layer is on the order of or even thicker
than the mean pore sizes in shales.'”” The clays on the shale
outer surface on the opposite ends of these micropores
therefore can have an overlap in the electrical double layer,
resulting in an increased electrostatic repulsion in the charged
external clay surface that leads to increased hydration
pressure.''®'® Clay content, specifically of the nonswelling
clays,'® is the primary cause of the difference between the
fracture conductivity loss for a variety of shale samples:'”®
Barnett shale (55% clay) showed an 80% loss of the original
fracture conductivity (15 mD-ft to 0.41 mD-ft) after water
injection compared to a 20% loss (242 mD-ft to 191 mD-ft) in
the Eagle Ford shale (12% clay) and a 6% loss in a Berea
sandstone sample.

Tuscaloosa Marine Shale (TMS) is a clay-rich (~48% clay
content) play located in the U.S. Gulf Coast with a potential of
7 billion barrels of recoverable oil.'””'”® The TMS contains a
high proportion of swelling clays (12% smectite and 14% Illite)
and nanoindentation tests suggest it is a soft ductile rock'”’
making the hydraulic fracturing operations difficult. The soft
shale allows the proppant to be embedded on the fracture
surface resulting in partial closure of the fracture, leading to
significant reduction in the fracture conductivity and ultimately



the hydrocarbon production.”’*~*"> Furthermore, the softness

of the rock makes it prone to disaggregation if the drawdown is
high when putting the well back on production.

Mineral Dissolution. As mentioned earlier (Section Water
Chemistry and Shale Reactivity), mineral dissolution is
purposefully induced by the acid spearhead (Figure 1, Step
1) to initiate fracturing. Because calcite and gypsum are more
soluble at low pH, carbonate-rich shales are prone to quicker
dissolution and can create surface structures such as channels,
cavities, and/or rings depending on the mineral distribution.”*
This dissolution potentially increases the porosity of the shale
but does not necessarily increase the permeability as
expected.””” Noiriel et al.””* proposed that the calcite and
clay minerals dissolve simultaneously in an argillaceous
limestone, but a microporous clay coating forms on the
dissolution sites resulting in narrowed pathways and a
subsequent decline in dissolution rate. In contrast, Wu and
Sharma’* found that these surface changes can form asperities
due to nonuniform dissolution that can improve fracture
conductivity. The combined effect of dissolution can therefore
either be net gain or net loss of conductivity, and the
relationship is largely specific to the lithology of the basin and
microenvironments therein.

Dissolution of calcite, dolomite, and other carbonate
minerals generates dissolved carbonate ions that are capable
of neutralizing the acid spearhead. The buffering capacity of
the shale largely depends on the total amount and accessibility
of carbonate minerals and thus not only varies between shale
plays but also within a shale play as different localities are
stimulated. Li et al.'"”” exposed different shale formations to
synthetic fracture fluid and found that carbonate dissolution
extended deeper into matrices with less neutralizing capability
compared to carbonate-rich shales that can more readily
neutralize the acid front (100—200 gm into the matrix for the
carbonate-poor Marcellus shale vs 30—40 um for the
carbonate-rich Eagle Ford shale).

The specific type of carbonate mineral can also have an
impact on dissolution. Jew et al.”’® exposed Green River
ground shale (23 wt % calcite and 29 wt % dolomite) to
synthetic hydraulic fracturing fluid and observed preferential
dissolution of calcite over dolomite. Similar widespread
dissolution of calcite and minimal dissolution of dolomite
have been previously observed in Marcellus shale’”® that is
attributed to the differences in relative solubilities and kinetics
of dissolution between calcite and dolomite.””***

A second widespread class of dissolution pathways created
during fracturing of shale reservoirs are associated with the
highly oxidative state of the injection fluid. Extensive studies
have demonstrated oxidative dissolution of Fe(Il)-bearing
phases (e.g, pyrite and Fe(Il) bound directly to organic
matter) in shales.'’®'”"*""** In particular, the oxidative
dissolution of pyrite can alter pore structure,”’*"” mobilize
heavy metals,"”" and release iron and sulfate ions that lead to
secondary mineral precipitation'”” (discussed later in Section
Mineral Precipitation). At low pH, oxidation of Fe(Il) to
Fe(III) is relatively slow; however, Jew et al.'”” found that
bitumen solubilized from the shale by the organics in fracture
fluid formulation reduces the inhibiting effect of the acid
spearhead on Fe(II) oxidation and enhances oxidation at low
pH. The mechanism by which bitumen influences Fe(II)
oxidation remains unknown.

The presence of other competitive ions, such as those
present in high-salinity produced water, can have a detrimental

effect on mineral solubility. In the absence of a common ion
and in low ionic strength, the solubility of a mineral increases
as the ionic strength increases. However, at high ionic
strengths (such as those observed in produced water), the
ability for water to solvate ions becomes limited; the
counterion effect can also be significant. Ali and Hascakir'”
exposed crushed samples of Eagle Ford and Barnett shales to
deionized water. The former has a higher proportion of
gypsum compared to the latter but the results showed that the
sulfate concentration in the two shales was similar. Based on Le
Chatelier’s principle they concluded that the presence of large
concentrations of the aqueous calcium ions (released from the
dissolved calcite in the calcite-rich Eagle Ford) causes a decline
in solubility resulting in a lower amount of gypsum being
dissolved. Thus, the presence of high carbonate levels not only
increases scaling potential (Section Mineral Precipitation) but
also makes the stimulation fluid pH more difficult to
control.”"’

Mineral Precipitation. In %eneral, the scale formation
process involves four phases:2 ' solution supersaturation,
nucleation, crystal growth, and agglomeration. Thermodynami-
cally, precipitation becomes feasible when the activity of ions
in solution exceeds the saturation threshold with respect to a
given mineral. The scaling ions subsequently form micro-
aggregates on the shale surface that become nucleation centers
for crystallization. These crystals then continue to grow into a
scale film on a surface and eventually into a scale deposit via
the sorption of additional scaling ions from solution. Many
factors lead to scale deposition including incompatible water,
pH value, pressurization, salt content, and temperature.212 The
potential for secondary mineral precipitates to irreversibly clog
porosity to reduce hydrocarbon production from the shale
matrix, damage well productivity, and reduce overall extraction
efficiency is a well-recognized concern, particularly when
reusing high-salinity produced water*”'"*'**'* (Figure 6).

Solution pH plays a critical role in the formation of
secondary mineral precipitates.'”” Multivalent cations, espe-
cially Ca*, Fe®*, and Ba*, are generated from the acid
spearhead via dissolution of minerals. If not properly mitigated,
these cations can precipitate due to the increased pH caused by
a combination of carbonate dissolution and mixing with
formation water.

Calcium (released via the dissolution of calcite, dolomite,
anhydrite, and other calcium-bearing minerals) frequently
combines with sulfate generated from anhydrite dissolution,”"
additives (including the use of persulfate breakers),"”"” and
oxidative dissolution of pyrite'””'** to form gypsum. The
relative importance of these different factors is likely
dependent on the shale play. Osselin et al.”"> performed §**S
and 680 isotopic analysis of flowback water from the Montney
Formation (Canada) and found that the excess sulfate in the
collected samples was mainly derived from anhydrite
dissolution, and not from persulfate breaker or pyrite
oxidation. However, Harrison et al.'** concluded that
oxidation of pyrite was the primary source of the sulfate in
solution in their experiments using Eagle Ford samples.

Ferrous iron (Fe(Il)) in the shale dissolved from various
mineral phases including pyrite, siderite, and chlorite can
oxidize and subsequently precipitate as Fe(III)-(oxy)-
hydroxides.”” For example, Flynn et al.”'® observed Fe(III)
oxyhydroxides that were silica-enriched in produced water
from the Duvernay Formation in Alberta, Canada. Jew et al.""’
observed that in systems with low pH buffering capacity (i.e.,
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Figure 6. X-ray CT of shale before (A) and after (B) exposure to
recycled hydraulic fracturing fluid. Note the secondary mineral
precipitation inside the small fracture in (B). (C,D) SEM images of
fracture in (B), partially filled with Barite and gypsum. Reproduced
from Paukert Vankeuren et al.*®

low carbonate content), dissolved Fe(Il) remains in solution
for a significant amount of time, allowing transport to occur
prior to oxidation and precipitation of Fe(IlI)-bearing solids.
Conversely, systems with high pH buffering capacity (i.e., high-
carbonate content) result in Fe(III)-bearing phases precipitat-
ing near pyrite framboids, indicating that the released iron did
not travel far once dissolved. Therefore, reusing produced
waters high in Ca*, like in Bakken shale,*"” can cause early
near-wellbore deposition of iron precipitate.

Barite (BaSO,) is another commonly observed form of
scaling in hydraulic fracturing systems, particularly in the
Marcellus shale. The main source of the barium is still under
debate, with opinions ranging from release from minerals due
to weathering under high ionic strength conditions’'® to
dissolution and reprecipitation of barium from drilling mud*°
to brines adjacent to and/or below the Marcellus shale.”*” As
more fluid is injected during the hydraulic fracturing process,
more connected fractures are created. A recent study’*’
showed rapid Ba?* precipitation at the freshly generated
fracture surface, which has a high reactive surface area.
Furthermore, the variation of the fracture aperture in the
connected network is expected to affect the precipitation
dynamics: larger aperture fractures have a lower flow rate at the
fracture surface, which results in a higher saturation and
ultimately a higher chance of mineral precipitation. This
chance is enhanced when usin% produced water with a higher
dissolved cation concentration.”'

Other divalent ions can readily form secondary mineral
precipitates in flowback water. Strontium, which is found
naturally in the shales itself or in the formation water of some
plays, readily precipitates as celestite (SrSO,) or strontianite
(SrCO;).”"* In the presence of high concentrations of barium,
Barite and celestite can coprecipitate as a solid solution in the
flowback fluid; this is likely associated with the cooling of
produced water at surface temperatures and the subsequent

creatzitl)6n of supersaturated conditions that drive precipita-

Numerous studies have demonstrated the effectiveness of
various scale inhibitors in preventing precipitation in conven-
tional oil and gas production. Generally, there are three types
of scale inhibitors: chelation agents, phosphate/phosphonate-
based inhibitors that can prevent crystal growth, and polymeric
inhibitors that inhibit nucleation.”'” These are targeted to
common scalants such as calcium carbonate,** calcium
sulfate,”***** barium sulfate,''*'3?*%*2°72%7 gtrontium sul-
fate,”***?% and iron-based”****’ minerals. However, the ability
of scale inhibitors to prevent these precipitation reactions in
unconventional systems is unclear. Importantly, brine chem-
istry can dramatically influence the effectiveness of scale
inhibitors.”*’ Certain scale inhibitors, such as diethylenetri-
amine penta(methylene phosphonic acid) (DTPMP), have
been found to precipitate with calcium in the carbonate-rich
Eagle Ford shale”' and with Fe- and Al-bearing minerals on
biotite.”** Additionally, the ability of DTPMP*** and other
traditional scale inhibitors such as ethylene glycol*** to prevent
Barite precipitation under highly saline conditions is limited.
Reusing high-salinity groduced water (already prone to
mineral precipitation*”'*’) laced with these inhibitors there-
fore increases mineral precipitation and results in further
constriction of the fluid flow pathways.

Fines Migration. Particle retention caused by fines
migration has been studied extensively’”> >*” in different
domains of science and is well understood in uniform
media.”*® The two main mechanisms studied are particle
straining and surface deposition. The former is prominent for
larger-sized particles (micrometer-scale) and works via the
process of size exclusion where particles lar§er than the pore
throat are trapped at the pore entrance.””” The latter is
prominent for the lighter, smaller-sized particles (submicron
colloidal scale) that are more prone to surface attachment due
to the electrostatic and van der Waals surface forces.”*’ Both of
these mechanisms result in reduction of the flow area that leads
to increased probability of particle retention.”*' Particle
entrapment in nonhomogeneous media, like vuggy carbonates,
has been recently studied and the pore-size anisotropy is found
to affect significantly the particle entrapment characteristics of
the permeable medium.”****

Fines can be generated in shales due to multiple factors,
including but not limited to matrix dissolution, clay disgersion,
fracture surface spalling, and proppant failure.'*>'*® This
particulate movement is highly dependent on the shale surface
minerals”***** and the fluids interacting with them, and can be
caused by a combination of chemical and physical interactions.
The generated fines, like the reactive clays, can flocculate®*” in
high-salinity environments”*® (with higher ionic strength) to
create larger-sized particles that potentially cause more
permeability loss in the narrow fracture pathways. This effect
is likely to be exacerbated by reuse of produced water which is
inherently more saline than freshwater injections.”*” The high-
salinity of the base fluid also limits the amount of proppant™**
that can be carried by the fluid, which results in narrower
fractures and therefore has the potential for a more
pronounced permeability decline due to clogging by the
larger-sized particles.

Natural microfractures in low?ermeability shales dictate
intrinsic transport properties’”® and become connected
during hydraulic fracturin% to form the major pathways for
hydrocarbon production.”*”**" Fines generated in one part of



the rock are mobilized by the fluid and can reach distant
locations via these microfractures with smaller fracture
apertures. The fines can potentially plug up narrow conductive
pathways™***'=*>* by size exclusion and/or surface deposi-
tion, and drastically reduce the flow potential of the rock
system.””" The generation of fines can potentially expose a
different mineral surface on the fracture wall, with a unique
wettability. This can change the wetting nature of the reservoir
rock®™ and result in further reduction in conductivity.

Matrix Dissolution. Highly reactive (e.g., calcite-rich) rock
fabric dissolves in the presence of the acidic fracturing fluid
and dislodges any associated relatively inert grains such as
quartz, clays, and or§anic matter,”**® which act as fines.
Recent studies””***>*>” have found that fines are commonly
created by matrix dissolution induced chipping, where part of
the carbonate matrix is dissolved and releases the undissolved
part as a coherent grain. Furthermore, prolonged interaction
with the fracture fluid during the “soaking” period (extended
shut-in before production intended to enhance fracture
characteristics and ultimately increase production) can result
in the dissolution of iron and manganese oxides.”’ Reservoir
case studies”” have shown sudden drops in wellhead pressure
after extended times (>1000 days), which have been associated
with fines generation. As mentioned earlier (Section Mineral
Precipitation), reusing high-salinity produced water increases
the chances of mineral precipitation on the shale surface, that
can be mobilized as fines if the reactive rock underneath is
dissolved by the acidic nature of the fracturing fluid.

Proppant Failure. Low-strength, low-concentration prop-
pants interacting with rough fracture surface experience
extreme stress conditions that can result in grain crushing.””’
Loose packing of proppants consistently resulted in more
proppant crushing than dense packing.”’ Reusing high-salinity
produced water alters the rheological character of the
fracturing fluid and reduces its proppant carrying ca-
pacity;”**°° this in turn reduces the proppant packing
efficiency which results in a looser pack that is more prone
to grain crushing. The crushing creates a mixture of particles:
some which are too large to pass through the pore throats and
some which are small enough to reach further into the pore
network.”®" Grains of intermediate size act as fines and migrate
with the formation fluid causing permeability reduction at a
range of different locations inside the formation.****%*

Fracture Surface Spalling and Matrix Crushing. Hydraulic
fracturing uses large volumes of high pressure fluid to break
open the rock along planes of tensile weakness, creating rough
surfaces.”*"*%° As the fluid is dissipated, the pressure inside the
rock decreases and the normal stress forces the fractures to
close.”*® Due to the roughness of the fracture surfaces, the
closure is not inherently a perfect seal and, in localized regions,
the injected fluid velocity may be high enough to “spall” the
fracture surface and create debris that act as fines.”*
Furthermore, the high pressures applied during hydraulic
fracturing also crushes/breaks the rock which produces particle
fines. Proppants embedding into the fracture surface due to
shale softening can generate such fines as well.'*

Clay Dispersion. Clay dispersion mechanisms are discussed
in detail in Water Chemistry and Shale Reactivity Section. The
swelled clay platelets are pulled apart and disintegrated,'®” and
nonswelling clays such as Illite and kaolinite are mobilized with
the fluid, creating the potential to block flow pathways by the
process of surface deposition. Reusing high-salinity produced
water,”" specifically with high K* content, can cause these

colloidal-sized clay fragments to flocculate®” and gel to
prevent gravity settlement,”*>**® resulting in increased
formation damage by particle straining.

Wettability Alteration. Shale wettability is reported to
vary from water-wet to mixed-wet to oil-wet (Figure
7)°12997271 based on the pore connectivity,”’” matrix
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Figure 7. Three types of wettability found in rocks: oil-wet, mixed-
wet, and water-wet.

composition, and fluid composition’”’ of the shale. The
wettability of the rock governs how the fluids interact with the
fracture faces. For example water-wet rocks are coated with a
water-film that separates the hydrocarbon from the rock
surface such that the hydrocarbon exists as a disconnected
ganglia within the pores.

Large amounts of water, with dissolved additives such as
surfactants,”’” may remain inside the formation for as little as a
few days before flowing back or could be retained permanently
(no recovery) and are typically held within the fracture face
over a length scale of a few inches.”' The component of the
shale porosity present in the organic matter is assumed to be
oil-wet, while interdetrital porosity tends to be more water-wet.
The lost fluid has the tendency to change the surface
wettability of the shale pores from oil-wet to water-
wet.*"13%?7* The water phase in the micropores can become
trapped due to the change in capillary pressures””>*”® or as a
result of forming a connected hydrocarbon-phase ganglia®’
that leaves the water-phase trapped near the water-wet pore
surface (Figure 5); this ultimately reduces the hydrocarbon
recovery.””*7® Multifle processes including heat””' and
surfactant treatment'®" have been proposed to mitigate this
damage and enhance hydrocarbon recovery.

Wettability alteration is impacted by a variety of factors:
jonic concentration,””’ presence of divalent cations,”"*”? pH,
pressure,”*’ and temperature.”>”**" Of these, the most
prominent are the concentrations of divalent ions that make
the system oil-wet””’ by adsorbing these ions and reducing the
surface potential, thus increasing the contact angle. Injecting
recycled water, with larger concentrations of divalent ions such
22! may make the system more oil-wet””” and therefore
less prone to these water blocks in the smaller pores and
fractures.

B SUMMARY

The physicochemical interactions of fracturing fluid with shales
are complex, with multiple processes occurring simultaneously
at different length scales. The fracturing fluid interacts with the
rock matrix and formation fluid, and can result in evolution of
the newly generated fluid flow pathways. Using produced fluid
(with high-salinity and TDS) can complicate this behavior
further due to shifts in the fracturing fluid composition and its
properties.

High concentrations of multivalent cations negate the effect
of cross-linkers and cause stability issues, while high Na*
content combats the viscosifiers to reduce viscosity and
increase proppant settling velocity, and oxygen mixing



promotes growth of aerobic bacteria and aids in oxidation of
Fe(1I) to Fe(Ill). Reactive clay minerals interact with fresh
water fracturing fluid and soften up, resulting in increased
embedment of the proppant and therefore reduced con-
ductivity. A higher salinity base fluid will have multiple
contrasting impacts: the high-salinity will inhibit clay
dispersion and improve conductivity by reattaching the
dislodged fines. At the same time, high-salinity fluid will
require significantly higher amounts of gellant and cross-linkers
to attain the same viscosity as freshwater fluid. Generally they
will have a lower viscosity and carry less proppant, resulting in
smaller apertures and less stable fractures.

Minerals, such as carbonates, rapidly dissolve in the low-pH
fresh water fracturing fluid creating void space and improving
conductivity. Cleaned high-salinity base fluids will have a
higher concentration of dissolved ions which will reduce the
rate of dissolution of these minerals from the shale surface.
Alternatively, the dissolution of one mineral can cause another
mineral to precipitate from solution and deposit in the flow
path, reducing conductivity. For example, the change from
pyrite to ferrihydrite results in a nearly 30% volume increase on
a per mole basis. A high-salinity base fluid, specifically
containing elevated concentrations of alkali earth metals, will
cause mineral precipitation and scale formation in the near
wellbore region, resulting in reduced flow pathways near the
injection site and subsequently a higher chance of fracture
screen out.

Mineral fines are generated by multiple processes (spalling,
dissolution, proppant failure, or clay dispersion) in one part of
the rock and deposited in a different spatial location,
potentially causing detrimental effects on conductivity. A
high-salinity base fluid will exacerbate fines generation by more
proppant crushing and ultimately fracture spalling due to
looser proppant packing and fines deposition.

It has been shown that fresh water fracturing fluid can alter
the wettability of the rock as a result of both ionic
concentration and low pH. This changes the relative
permeability of the flow pathways reducing the hydrocarbon
production of the rock. A high-salinity base fluid may amplify
this problem with the abundance of divalent ions in solution.

From this basis, the expanded application of reused
produced water requires further research in several key areas.
Present produced water cleaning practices emphasize the
removal of oil/grease phase and suspended solids using
membranes and settling tanks. Based on this review and
synthesis, additional remediation steps would be necessary to
remove microbes, organics, and monovalent and divalent ions
which can cause a plethora of detrimental effects upon
interaction with the shale formation. Thus, a grand challenge is
the need to achieve effective, economical, and rapid cleaning
strategies for these large quantities of water. Permian basin, for
example, produces 15 times more water than Marcellus where
water reuse is being currently practiced. Many techniques such
as nanofiltration, forward osmosis, and mechanical vapor
compression are available, but they lack in many of the
aforementioned criteria. Furthermore, this review highlights
several areas where there is simply insufficient information
available to make an educated assessment. For example, there
is sparingly little literature reporting the composition of
organics present in produced water, or how these organics may
further interact with the reservoir if they are reintroduced. It is
evident that organics can bind with a variety of minerals
commonly present in shales and may alter the wettability of the

fracture surfaces and matrix interior. Ultimately, the key metric
of success in the efficacy of cleaning and reusing these
produced waters will manifest in the long term (months to
years) production rates of wells stimulated in this manner. For
this multiple pilot tests are needed across a variety of shale
plays.

Currently, hydrocarbon production exponentially declines
over time in unconventional wells (Figure 1). In order to
improve hydrocarbon recovery new mitigation strategies for
reducing shale softening, controlling secondary mineral
precipitation, and resolving water blocks are needed.
Furthermore, to maximize the reuse of produced water,
fracturing fluid mixtures that can tolerate high-salinity waters
need to be developed. For this, focus has to include
characterization of the produced fluid as well as the shale
reservoir. Coupling between fluid-shale reactivity, advective
transport through fractures, and imbibition into the shale
matrix needs to be made within forward and predictive
modeling frameworks. Each of these components are necessary
to describe the multiscale fabric of shale flow paths and thus
translate between pore- and reservoir-scales.
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