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ABSTRACT  9 

Natural gas exploitation from the Appalachian Basin has significantly increased in the past 10 

decade. The push to properly dispose, reuse, or recycle the large amounts of produced fluid 11 

associated with hydraulic fracturing operations and designing better fracturing fluids has 12 

necessitated a better understanding of the subsurface chemical reactions taking place during 13 

hydrocarbon extraction. Using autoclave reactors, this study mimics conditions of deep subsurface 14 

shale reservoirs to observe the chemical evolution of fluids during the shut-in phase of hydraulic 15 

fracturing (HF), a period when hydraulic fracturing fluid (HFF) remains closed in the reservoir. 16 

The experiment was conducted by combining synthetic hydraulic fracturing fluid and powdered 17 

shale core samples in high temperature/pressure static autoclave reactors for 14 days. Shale 18 

samples of varying maturity and mineralogy were used to assess the effect of these variations on 19 

the proliferation of inorganic ions and low molecular weight volatile organic compounds (VOCs), 20 

mainly benzene, toluene, ethylbenzene and xylenes (BTEX) and monosubstituted carboxylic 21 
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acids. Ion chromatography results indicate the relative abundance of ions present were similar to 22 

those of produced water from HF operations in the Marcellus Shale basin. There was an increase 23 

of SO4
2- and PO4

3- and the decrease in Ba2+ upon fluid-shale reaction. Major ionic shifts indicate 24 

calcite dissolution in two of the fluid-shale reactions and barite precipitation in all fluid-shale 25 

reactions. Toluene, xylene, and carboxylic acids were produced in the shale-free control 26 

experiment. The most substantial increase in BTEX analytes was observed in reactions with low 27 

maturity shale, while the high maturity shale reaction produced no measurable BTEX compounds. 28 

Total organic carbon decreased in all reactions including fracturing fluid and shale, suggesting 29 

adsorption onto the organic matter (OM) matrix.  The results from this study highlight that both 30 

the nature of OM and mineralogy play a key role in determining the fate of inorganic and organic 31 

compounds during fluid-shale interactions in the subsurface shale host rock. Overall this study 32 

aims to contribute to the growing understanding of complex chemical interactions that occur in the 33 

shale reservoirs during HF, which is vital for determining potential environmental impacts of HF 34 

and designing more efficient HFF and produced water recycling techniques for environmentally 35 

conscious natural gas production.  36 

1.0 Introduction 37 

 The Marcellus Shale is the largest natural gas producing reservoir in the United States, and over 38 

the past decade, the amount of natural gas extracted from the reservoir has almost tripled due to 39 

advancements in horizontal drilling technologies .1 As a result, thousands of wells have been 40 

drilled in areas of Pennsylvania, Ohio and West Virginia, where most of the reservoir is 41 

underlain. Hydraulic fracturing is applied to stimulate production from tight reservoirs and 42 

involves the injection of millions of gallons of fluid (hydraulic fracturing fluid, HFF), which is 43 

comprised of water, sand, and chemical additives.2,3 Injected HFF is known to react with the 44 
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reservoir rocks, resulting in changes in reservoir porosity and permeability due to HFF-mineral 45 

interactions. 4–7 These reactions also affect the chemistry of fluids produced from the 46 

formation.8,9 Therefore, these interactions can affect both long-term hydrocarbon productivity 47 

from shale reservoirs and produced fluid treatment and management strategies. One area of study 48 

that requires further investigation is understanding the effect of HFF-shale reactions on the 49 

potential release of organic constituents, such as BTEX compounds, into fluids produced from 50 

the reservoir. Knowledge of how shale thermal maturity, and transformation of HFF additives 51 

under reservoir conditions, affect the composition of produced fluids is needed to improve the 52 

efficiency of fracturing treatments and the efficacy of produced fluid management. The overall 53 

outcome would be a reduced environmental footprint for hydrocarbon production from 54 

unconventional reservoirs.  55 

The composition of produced fluids from both active wells and laboratory-based 56 

experiments differed from initial injection fluid in prior studies, indicating that reservoir 57 

reactions and fluid mixing may both contribute significantly to produced water chemical 58 

signatures.8–11 Produced water from unconventional reservoirs is typically characterized by its 59 

relatively high total dissolved solids (TDS), varying concentrations of dissolved organic carbon 60 

(DOC), and sometimes an abundance of radioactive elements.4,12,13 Monocyclic aromatic 61 

hydrocarbons such as benzene, toluene, ethylbenzene, xylene, and low molecular weight organic 62 

acids represent common soluble organic compounds observed in produced water. 3,14–16 63 

Determining the source of soluble organic compounds is particularly challenging due to 64 

variations in organic additives used from well to well and the difference in organic matter 65 

throughout different maturity zones of the Marcellus Shale.17 Identifying sources of organic 66 

carbon and its evolution throughout the HF process is crucial for predicting which additives to 67 
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use in HFF and how it can be handled at the surface after it has interacted with the organic-rich 68 

shale in the reservoir.  69 

  Hydraulic fracturing fluid (HFF) is comprised of three main ingredients: 95% fresh 70 

water, 4% proppant or silica sand, and 1% chemical additives by wt%.18 Although chemical 71 

additives constitute only 1% of the total fluid injected, at volumes of 3-4 million gallons of 72 

injected fluid per well (e.g., per disclosures reported in FracFocus), this can result in 30,000 to 73 

40,000 gallons of injected chemical additive. In the initial stages of fracturing, the friction of 74 

HFF must be lowered via friction reducing organic additives such as WFR-61LA,2 which 75 

contains petroleum distillates and ethoxylated alcohols. Gelling agents are included in order to 76 

increase the HFF viscosity to transport proppant into the induced fractures, which produce a 77 

linked 3D polymer structure with the addition of cross linkers such as boric acid and 78 

ethanolamine. Breaker compounds, such as ammonium persulfate, are included in the HFF 79 

mixture to subsequently react with the proppant transport gel to reduce the HFF viscosity for 80 

flowback. The breaker compounds are often included with the overall HFF mixture. However, 81 

these are expected to become reactive after a period of time, or under certain reservoir 82 

conditions. For example, ammonium persulfate creates SO4
2- free radical ions to break down the 83 

gel at elevated temperatures above 50°C.15,16,19   84 

The Marcellus Shale is characterized by its low permeability and high concentrations of total 85 

organic carbon (TOC).1 The reservoir varies in depth longitudinally, increasing from 3,000 ft in 86 

the northwest to 8,000 ft in the southeastern portion of the reservoir. This variation in depth 87 

results in different maturity windows throughout the reservoir ranging from 0.5% Ro  (percentage 88 

of vitrinite reflectance) at shallower depths up to 3.5% Ro at the deepest zones of the reservoir.1 89 
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Gas-rich, over mature zones of the Marcellus, contain type II-III kerogen that has been thermally 90 

altered, providing a predominantly aromatic chemical signature.20–23 Less mature zones have 91 

similar type II-III kerogen, but it has not been thermally degraded or altered to the same extent, 92 

resulting in a relatively more aliphatic chemical signature.21,24 It is possible that the shallow, less 93 

mature zones of the Marcellus Shale contain aliphatic chemical structures that serve as the source 94 

of labile organic compounds released during the well shut-in period.  95 

Variations in shale mineralogy also may affect the reactivity of both organic additives in the 96 

HFF and the shale kerogen. The Marcellus Shale is comprised of mostly mixed-layer clays, 97 

quartz, feldspar, calcite, and pyrite.1 Relative abundances of these minerals can vary from zone 98 

to zone and can control the system’s buffering capacity and alteration of organic material. 99 

Previous fluid-rock reaction studies conducted at ambient pressures showed that the mineralogy 100 

of the shale, especially calcite and pyrite content, control the precipitation of iron-bearing 101 

minerals, removal/release of metal contaminants, the evolution of fluid composition and porosity 102 

destruction or development. 5,6 Calcite rich shales possess high pH buffering capacity, which 103 

favors pyrite dissolution, the release and oxidation of Fe2+ ion and formation of Fe (III)- bearing 104 

precipitates. 5,6 These studies also show that calcite and pyrite dissolution can cause a release in 105 

metal contaminants whereas Fe-(oxy)hydroxide precipitation leads to removal of metal 106 

contaminants from solution. A recent study25 shows that fracturing fluid interactions can also 107 

lead to significant changes in carbonyl content, aromaticity, average aliphatic chain length and 108 

release of metals from kerogen isolates. Although these studies provide a preliminary 109 

understanding of inorganic and organic reactions that might take place during shale-fracturing 110 

fluid interactions, they were performed at ambient pressure conditions as opposed to in situ 111 

reservoir pressure conditions.  112 
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The objective of this study is to perform laboratory experiments to effectively simulate fluid-113 

shale reactions under in situ, high pressure/temperature reservoir conditions, and to elucidate the 114 

fate of inorganic and organic reactants and products from HF operations within different 115 

maturity zones of a reservoir. To our knowledge, this is one of the first study that has tried to 116 

compare shale-fluid interactions in shale samples collected across a range of maturity from a 117 

single shale basin. Determining the downhole chemical evolution of the fluid used to fracture the 118 

Marcellus Shale is critical for improving hydrocarbon recovery from tight shales and identifying 119 

effective water treatment and management strategies for produced fluids.  120 

2.0 Materials and Methods 121 

Fluid-shale reactions were conducted using Parr 4768 static autoclaves to mimic and analyze 122 

the in situ fluid-shale reactions during the shut-in phase of hydraulic fracturing. The specific 123 

analyses focused on the major changes of inorganic ions and the proliferation of low molecular 124 

weight organic compounds within the fluid. 125 

2.1 Sampling and Preparation 126 

The fluid used in the reaction vessels was a mixture of synthetic formation brine and 127 

synthetic HFF, prepared per methods reported for core flood experiments simulating the shut-in 128 

period for a Marcellus Shale HF operation, as reported4 (Table 1). The three shale samples of 129 

varying maturity were collected from Marcellus Shale cores from different depths and 130 

geographical zones of the reservoir (Table 2). All samples have TOC values greater than 9 wt%, 131 

and OM sourced from mixed marine and terrestrial sources, representing type II-III kerogen. 132 

20,21,26 The maturity of the samples is represented as a percent vitrinite reflectance (%Ro). The % 133 
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R0 is calculated directly from the Tmax, a thermal maturity parameter determined by pyrolysis 134 

analysis, and is the temperature where the hydrocarbon generation rate from kerogen peaks.27 135 

Mineralogy was analyzed as part of this study (Table 2) and is further described in both the 136 

methods and results sections. To prepare shale samples for the static autoclave reactions, core 137 

samples were first washed using deionized water to avoid contamination from drill mud, then 138 

crushed using SPEX mixer mill to 100 mesh powder to maximize surface area and enhance 139 

reaction kinetics. 140 

2.2 Experimental Design 141 

To emulate reservoir conditions during the shut-in phase, experiments were conducted 142 

using two 4768 Parr Instrument Company 600-ml high-temperature/pressure vessels set to 143 

~2,500 psi and 100°C respectively. These values were used to best mimic in situ reservoir 144 

conditions of the Marcellus Shale while remaining within the limitations of the vessels.4,8 Inside 145 

each 600-ml pressure vessel, a small Teflon cup was placed containing a fixed HFF-shale ratio 146 

(20:1) of 400 mL of fluid and 20 g of shale, following a previous study. 8The remaining volume 147 

of each vessel was then filled with pressurized, inert  N2  (100% pure) to 2,500 psi. Four 148 

experiments were conducted, each for 14 days to mimic an intermediate-term shut-in phase of an 149 

HF operation4. One experiment only contained HFF (no shale), and the other three experiments 150 

were performed with both HFF and the three shale samples described above. Fluids and shale 151 

were mixed immediately prior to pressurizing the reactors. Duplicate experiments were not 152 

performed due to limitations in the availability of shale samples.   153 



 8 

2.3 Analytical Methods 154 

Five fluid samples were collected and analyzed in this study: NR-HFF (Non-Reacted 155 

Hydraulic Fracturing Fluid: the original fracturing fluid synthesized for this study) that served as 156 

control, HPT-HFF (High Pressure/Temperature Hydraulic Fracturing Fluid; HFF exposed to high 157 

pressure and temperature in the absence of shale), and LM-2, WV-7, and MIP-3H fluids 158 

collected after the fluid-shale reactions with respective shale samples.  159 

Fluid samples were collected from the reactors at the conclusion of the 14-day experiment 160 

using a high-density polyethylene Luer syringe and filtered via a 0.45µm WhatmanTM syringe 161 

filter attachment. Samples for ion chromatography (IC, ThermoFisher ICS-5000+ with AS11-HC 162 

column for anion and CS16 column for cation quantification) were collected with minimal 163 

headspace in 10 mL plastic vials. The IC analysis focused on observing low molecular weight 164 

mono substituted carboxylic acids (e.g., acetate, formate, butyrate, and succinate) and dissolved 165 

major cations and anions of interest in this study (e.g., Ba2+, SO4
2-, and PO4

3-).  All the samples 166 

were run in triplicates, and the standard error of IC measurements reported here were generally 167 

less than ± 3%.  Additionally, every 10-20 samples, a cation/anion control sample (Sigma 168 

Aldrich, Inc.) was added during measurements, whose accuracy is within 95% - 105%. The 169 

detection limit of the organic acids and ions analyzed in this study are indicated in Table 3 and 170 

Table 4. 171 

Sample splits for non-purgeable organic carbon (NPOC) and dissolved inorganic carbon 172 

(DIC) were analyzed with a Shimadzu Total Organic Carbon/Total Inorganic Carbon (TOC/TIC) 173 

Analyzer. Average values from 3-5 replicates were reported with < 2% precision (%RSD), and 174 
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quality control samples for every 10-12 samples demonstrated consistent accuracy within 95%-175 

105%.  176 

Volatile organic carbon (VOC) analytes were sampled in accordance with methods described 177 

in Chapter 4 of EPA SW-486 Compendium: Organic Analytes. Samples for VOC analysis were 178 

placed in pre-cleaned 60 mL volatile organic analysis (VOA) vials and acidified with minimal 179 

headspace to preserve target analytes. VOCs were efficiently transferred from the aqueous phase 180 

to the vapor phase by bubbling helium at a flow rate of 40mL/min through a portion of the 181 

aqueous sample at ambient temperature and purged for 11 minutes.  The vapor is swept through 182 

a sorbent trap (Supelco Trap A, Tenax 24cm) where the volatile components are adsorbed. The 183 

sorbent trap is then heated at 180oC for 12 minutes and backflushed with an inert gas to desorb 184 

the components onto a gas chromatographic (GC) column (30m x 0.53mmID VOCOL capillary 185 

column with 3μm film thickness). A temperature program of 2°C/min to 75°C (with initial 186 

temperature 45°C) then to 25°C/min to 220°C and hold 2 minutes was used in the gas 187 

chromatograph (GC) to separate the organic compounds. Detection is achieved by a photo-188 

ionization detector (PID) for detection of the aromatic compounds. This analysis was performed 189 

at REIC Labs in Morgantown, WV, within one day of sampling and kept at 4°C until analyzed. 190 

The analysis was conducted in accordance with EPA Method 8260B and analytes of focus 191 

included benzene, toluene, ethylbenzene and xylene with a detection limit of 1 μg/ml for 192 

benzene, toluene, ethylbenzene, and o-xylene and 2 μg/ml for m/p xylene.  193 

Mineral compositional analysis was performed on powdered shale samples (using SPEX 194 

mixer mill), using a PANalytical X’Pert Pro X-ray Diffractometer with a CuKα source at 2θ 195 

angles from 5° to 75° and a step time of ~12 s per degree (total scan time 13.5 min). 20-mm slit 196 
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was used to focus X-rays onto an Xcelerator™ detector. Samples were irradiated on a spinning 197 

stage (1 revolution/s), with antiscatter and divergence slit angles of 1° and 0.5°, respectively. The 198 

x-ray beam was operated at current 40 mA and voltage 45 kV. Spectra were interpreted using the 199 

X’pert HighScore Plus Program to evaluate the percentage of various mineral phases present. 200 

Semi-quantitative estimation of percentages was performed using the reference-intensity ratio 201 

(RIR) matrix-flushing method28,29 based on selected PDF2 reference samples chosen for each 202 

mineral phase. The minerals wt % were calculated to the nearest unit, and the total sum of the 203 

minerals was within 100 ± 1 wt %. 204 

Geochemical modeling of the IC and DIC data for each fluid (NR-HFF, HPT-HFF, LM-2, 205 

WV-7, and MIP-3H), was performed using Geochemists Workbench Professional v. 10.0 using 206 

the MINTEQ database to calculate saturation indices for minerals in the system (sulfate, 207 

carbonate, and phosphate bearing).  208 

3.0 Results  209 

3.1 Mineralogy and Aqueous Inorganic Chemistry 210 

The Marcellus Shale samples in this study were mixed layer clays with lower fractions of 211 

carbonate, quartz, pyrite, and feldspar as compared to clay minerals (Table 2), consistent with 212 

mineral compositions in previous studies.30,31 Calcite abundance differed amongst the samples, 213 

in which it was identified in the LM-2 (21 wt%) and MIP-3H (16 wt%) samples, however, it was 214 

not detected in the WV-7 sample (Figure 1). Dolomite and pyrite were both detected within 1 – 215 

10 wt% in all three shale samples (dolomite:  LM-2  5 wt%, WV-7 4 wt%, and MIP-3H 5 wt%; 216 

pyrite: LM-2 and MIP-3H 5 wt%, and WV-7 2 wt%). Mixed clay and quartz content varied 217 
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amongst all samples (Table 2). No direct relationship was observed between mineralogy and 218 

thermal maturity (Figure 1). However TOC decreased with increasing thermal maturity (Table 219 

2).  220 

Results indicate that except sulfate, almost all cations and anions are reduced by half on 221 

increasing pressure and temperature in shale-free fracturing fluids (HPT-HFF) as compared to 222 

initial non reacted NR-HFF (Table 3). However, the most measurable changes observed in IC-223 

analyzed inorganic species are for shale-reacted fluids, where both SO4
2- and PO4

3- increased and 224 

Ba2+ decreased (Table 3, Figure 2).  Sulfate concentrations in the shale-reacted samples were all 225 

elevated relative to the HPT-HFF sample, which is the shale-free control experiment (Table 3, 226 

Figure 2). The NR-HFF and HPT-HFF  shale-free samples contained 9.6 mg/L SO4
2- and 10.6 227 

mg/L SO4
2-, respectively. For experiments containing shale, SO4

2- was 189.8 mg/L (LM-2), 228 

271.5 mg/L SO4
2- (WV-7), and 66.1 SO4

2- (MIP-3H). Barium concentrations in the shale-reacted 229 

samples were either substantially lower (less by at least 70%), or non-detectable, relative to the 230 

shale-free control sample HPT-HFF  (Table 3, Figure 2). All shale-reacted samples showed a  231 

substantial decrease in Ba2+ relative to the shale-free experiments ([Ba2+] = 3.8 mg/L (LM-2), 232 

10.6 mg/L Ba2+ (MIP-3H), and not-detectable (WV-7)), while the shale-free samples contained 233 

[Ba2+] = 96.2 mg/L (NR-HFF), and 39.1 mg/L (HPT-HFF). No measurable PO4
3- was present in 234 

NR-HFF or HPT-PF, however it was detected in all shale-reacted fluids ([PO4
3-] = 6.9 mg/L 235 

(LM-2), 29.8 mg/L PO4
3- (WV-7), and 9.6 mg/L (MIP-3H)) (Table 3, Figure 2). The pH values 236 

in shale-free conditions remained low, where NR-HFF was 1.3 and HPT-HFF was 1.9. For the 237 

shale-reacted samples, pH values varied and were measured as 2.3 (WV-7), 5.73 (MIP-3H), and 238 

6.07 (LM-2) (Table 3). Dissolved inorganic carbon was detected in only two samples, LM-2 and 239 
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MIP-3H. LM-2 contained 35.18 C mg/L DIC and MIP-3H contained 15.8 mg/L DIC. WV-7 240 

fluid had no observable inorganic carbon (Table 3).  241 

3.2 Aqueous Organic Chemistry  242 

Substantial changes in the organic chemistry of fluids from all experiments performed at 243 

elevated pressure and temperature were observed relative to the shale-free control that remained 244 

at ambient conditions. Target volatile organic compounds (VOCs) were detected in the shale-free 245 

HPT-HFF sample (no shale, elevated P,T), which also contained elevated non-purgeable organic 246 

carbon (NPOC) relative to the control NR-HFF fluid (no shale, ambient P,T) (Table 4). For 247 

experiments with shales of different thermal maturity, VOCs were detected at higher 248 

concentrations in the low-maturity shale (LM-2) relative to all other samples, and at around the 249 

same levels for the intermediate-maturity shale (WV-7) as the HPT-HFF sample. VOCs were not 250 

detected in fluids from the experiment with the highest thermal maturity shale (MIP-3H) (Table 251 

4, Figure 3A).  252 

The target VOC analytes, BTEX compounds, were observed in HPT-HFF at relatively low 253 

concentrations. HPT-HFF fluid contained toluene concentrations of 2.7 µg/L and xylene 254 

concentrations of 9.7 µg/L. Fluid from the LM-2 reaction was the only sample which contained 255 

benzene, at a concentration of 2.5 µg/L. The LM-2 sample also contained toluene (14.8 µg/L) 256 

and xylene (15.8 µg/L). The WV-7 fluid contained toluene (1.3 µg/L) and xylene (7.1 µg/L). 257 

HPT-HFF, WV-7 and LM-2 samples no measurable amount of ethylbenzene, fluid from the 258 

MIP-3H reaction produced no observable BTEX compounds. It is also important to note that 259 

NR-HFF had no measurable BTEX compounds (Table 4, Figure 3A). 260 
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No direct trend between fluid-phase NPOC and either the R0 or the experimental P and T, 261 

were observed (Table4). The NPOC values were elevated in some experiments performed at 262 

elevated P,T (HPT-HFF > LM-2) relative to the shale-free ambient P,T fracturing fluid (NR-263 

HFF), however, two experiments contained lower NPOC (NR-HFF > MIP-3H > WV-7) (Table 264 

4). Low molecular weight organic acids (acetate, formate, butyrate, and succinate) were detected 265 

in all experimental fluids, and they were the highest in the HPT-HFF and lowest in NR-HFF 266 

(Table 4, Figure 3B). Fluids from the experiments containing shale contained different 267 

proportions of individual organic acids; however, the total values were similar across the three 268 

shale samples, and individual organic acids did not display any trends with thermal maturity 269 

(Table 4, Figure 3B).   270 

4.0 Discussion  271 

4.1 Inorganic Mineral Reactions affecting Shale Composition and Produced Fluid Chemistry  272 

Changes in the inorganic fluid chemistry amongst the five experimental fluids demonstrate 273 

that inorganic reactions occur both due to changes from ambient to elevated P,T, conditions, and 274 

during interaction between HFF and the shale. A net decrease (almost half) in almost all cations 275 

(Na+, K+, Ba2+, Sr2+, Mg2+, and Ca2+) upon increasing pressure and temperature of the shale-free 276 

HFF sample occurred (compare NR-HFF and HPT-HFF in Table 3). The observed change in 277 

inorganic ions (especially cations) could result from chelation with fracturing fluid additives, or 278 

potential chemical transformation or precipitation during the experiment. Chelation of inorganic 279 

ions is possible due to the presence of ligands in scaling inhibitors and cross linkers (such as 280 

ethylene glycol or ethanolamine) in the fracturing fluid. For example, ethylene glycol is reported 281 

to form complexes with certain divalent metal halides.32 Additionally, if anions such as Br- 282 
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transformed to BrO3
- due to reaction with sulfate radicals,33 present as a result of ammonium 283 

persulfate breakdown in our experiments, the resulting BrO3
- anion would not be detectable with 284 

the IC method applied in this study. Changes in temperature also may have resulted in the 285 

formation of non-detected precipitates in the reactor, or that were removed during fluid sampling 286 

and filtration.34 Geochemical modeling was used to understand the evolution of inorganic species 287 

in the experiments. However, the changes observed in the IC analysis between NR-HFF and 288 

HPT-HFF are not consistent with the predictions of the model (Table. 5). This could be because 289 

geochemical modeling software does not account for the effect of processes like chelation and 290 

filtration on the fluid chemistry. Although the interaction of HFF with the wall of the reactor 291 

could occur, this is unlikely as the containers used to conduct the experiments were made of 292 

Teflon, which is not anticipated to affect the cationic composition of the fluids. There is a 293 

possibility of adsorption/desorption of organic molecules on the Teflon. However, the 294 

experimental conditions for all the reactions (with and without shale) were same. Therefore, 295 

relative differences observed in the concentration of organic molecules between different 296 

experiments are most likely due to shale fracturing fluid interactions. 297 

Reactions involving shale appear to be largely controlled by reactions involving carbonate 298 

minerals. The HFF formulation applied in this study included HCl and started with low pH 299 

(Table 1, Table 3), which is common for HFF applied in the Marcellus Shale.6 HCl is used for 300 

cleaning perforations prior to injecting fracturing fluid mixtures and is a common additive used 301 

to prevent scaling of secondary minerals.18 The pH in our LM-2 and MIP-3H fluid samples rose 302 

substantially  (to 6.1 and 5.7, respectively; Table 3), indicating that carbonate minerals in these 303 

shale samples acted as effective buffers during the reaction similar to prior observations.4,5,8,35 304 

The pH in our WV-7 sample remained low, with a similar value to the HPT-HFF (no-shale) 305 
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experiment at elevated P, T, indicating the minimal buffering capacity of the WV-7 shale (Table 306 

3).  307 

Differences between the pH buffering capacity between the LM-2, MIP-3H, and WV-7 308 

samples can be explained through differences in calcite content between the samples, where LM-309 

2 and MIP-3H contain 21 and 16 wt%, respectively, while calcite was not detected in WV-7 310 

(Table 2, Figure 1). Calcite saturation indices calculated for our experimental fluids (only LM-2 311 

and MIP-3H, as these were the only samples with detectable DIC as a calculation input), showed 312 

that both shale-reacted solutions were undersaturated with respect to calcite (Table 5). These 313 

results are consistent with other studies focused on HFF-shale reactions, which showed that 314 

calcite content of the shale significantly controlled pH buffering and mineral dissolution and 315 

precipitation reactions. 4–6,8,35  316 

The potential for mineral scale formation involving barite was evaluated for our experiments, 317 

based on the changes in Ba2+ and SO4
2- observed between the experiments with and without 318 

shale (Table 3, Figure 2). Application of the experimental data towards geochemical equilibrium 319 

calculations showed that barite is supersaturated in all experimental fluids, except for the WV-7 320 

experiment (Table 5). The only reason for this difference with WV-7 is because no Ba2+ was 321 

detected via IC for the fluid sample, which likely indicates that all Ba2+ in that experiment was 322 

removed via precipitation. Barite precipitation during HFF-shale interaction has been observed 323 

by various investigators, 4,7,36 has the potential to affect shale porosity and permeability,4,7 and 324 

may play a role in shale oxidation-reduction.8,37 325 

Multiple sources for Ba2+ and SO4
2- exist in the HFF-shale reaction scenario. Although Ba2+ 326 

in unconventional reservoirs may originate from trapped drilling muds,38 Ba2+ also may be 327 
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present within the shale, release upon HFF-shale interaction under low pH conditions, and re-328 

precipitate once carbonate mineral dissolution buffers the system pH.7,9,37,38 Potential sources of 329 

SO4
2- include fracturing fluid additives (e.g., ammonium persulfate), sulfate-bearing minerals in 330 

the shale (e.g., anhydrite), and oxidative dissolution of pyrite.5,8,39 Previous studies postulate that 331 

due to the high buffering capacity of calcite, shale samples containing a higher content of calcite 332 

result in the higher dissolution of pyrite and higher concentration SO4
2-.5,6 333 

In our study, it was observed that the WV-7 shale sample had the highest SO4
2- concentration 334 

even though it contains the least amount of calcite and pyrite as compared to LM-2 and MIP-3H 335 

shale samples (Table 3, figure 2). This is in contrast to conclusions made by previous studies.5,6 336 

We postulate that a large amount of sulfate formation in the WV-7- fracturing fluid experiments 337 

results from the more extensive breakdown of the ammonium persulfate breaker. This could 338 

possibly result from the presence of higher clay content (almost twice) in WV-7 sample. Clay 339 

carries a net negative charge on its surface which can interact with the ammonium ion (NH4
+) in 340 

the ammonium persulfate breaker.  We postulate that association of NH4+ with negatively 341 

charged clay surfaces could enhance dissociation of ammonium persulfate. Higher breakdown of 342 

ammonium persulfate will release more sulfate ions into the solution. The higher sulfate 343 

concentration will also lead to the formation of higher amount BaSO4 precipitate by taking up 344 

free barium ions present in the solution. We postulate that this ultimately results in a greater 345 

decrease in barium ions in WV-7 reacted fluid sample as compared to LM-2 and MIP-3H reacted 346 

fluid samples (Fig. 2, Table 3).  347 

A new observation from the experiments performed with this study is the change in fluoride and 348 

phosphate concentrations in fluids from certain HFF-shale experiments, and the subsequent 349 
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supersaturation of certain PO4
3-- and F-bearing minerals (Tables 3 and 5). The absence of PO4

3- 350 

in the NR-HFF and HPT-HFF, and increase in concentrations in all fluid samples, is evidence 351 

that the F and PO4
3- is leaching from the powdered shale (Table 3).  The possible sources of F 352 

and PO43- are from apatite (Ca5(PO4)3(OH), Ca10 (PO4)5(CO3)F3)  and fluorite minerals present 353 

in shale samples (Table. 5). Although, these phases were not detected in XRD analysis probably 354 

because of their lower abundance in the samples, but a prior study on Marcellus shale also 355 

detected evidence for authigenic apatite minerals such as carbonate fluorapatite using a 356 

phosphate-specific sequential extraction step.40  The variations in concentrations of F and PO43- 357 

in the fluid samples could possibly be due to the variations in concentrations of the F and PO43-  358 

rich minerals in the shale and/or different eh and pH conditions of the solution. The higher 359 

concentration of F and PO43- in the fluid samples of WV-7 as compared to LM-2 and MIP-3H 360 

are likely due to the higher dissolution of F and PO43-  rich minerals present in WV-7 shale 361 

sample as indicated by their lower saturation index values (Table. 5). Geochemical equilibrium 362 

modeling showed that both LM-2 and MIP-3H fluids are supersaturated with respect to FCO3-363 

apatite and hydroxyapatite, while all three HFF-shale experiments are supersaturated with 364 

respect to fluorite (Table 5).   Similar observations of apatite precipitation are reported on 365 

Huntersville Chert surfaces when exposed to Marcellus Shale produced water (Dieterich et al., 366 

2016). Formation of these precipitates can clog up the pore spaces during hydraulic fracturing 367 

operation and thus have implications on well productivity.  368 

To evaluate how representative the experimental fluids from this study are to field-collected 369 

produced waters from the Marcellus Shale, we compared the composition of our shale-reacted 370 

fluids with data reported for Marcellus produced waters by the USGS.41 Experimental values for 371 

our shale-reacted experiments (LM-2, MIP-3H, and WV-7) fall within the USGS-reported range 372 
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of values (Figure 4). Similarities observed with the mineral reactions between this and prior 373 

studies, and with reported produced water compositions from the Marcellus Shale, indicate that 374 

the organic reactions discussed in the next section are relevant to Marcellus Shale reservoir 375 

conditions.  376 

4.2 Aqueous Organic Chemistry 377 

Differences in organic chemistry between the NR-HFF, HPT-HFF, and experiments 378 

containing shale (LM-2, WV-7, and MIP-3H) indicate that the HFF reacts at elevated P,T both in 379 

the absence and presence of shale, and that the shale controls the evolution of aqueous organic 380 

chemistry in the LM-2, WV-7 and MIP-3H experiments (Table 4, Figure 3).  381 

Exposing HFF to elevated pressure and temperature resulted in differences between the total 382 

dissolved organic carbon (DOC) concentrations between the shale-free experiments (where DOC 383 

represents the non-purgeable organic carbon (NPOC) and organic acids measured in the 384 

experimental fluids) and volatile organic compound (VOC) content (Table 4). The DOC 385 

increased for the HPT-HFF relative to the NR-HFF and results from reactions involving the HFF 386 

additives. The combination of gelling agent and cross linker are applied during hydraulic 387 

fracturing to increase the molecular weight of the injected HFF in order to transport proppant.42 388 

The cross linker also may link other components of the fracturing fluid, resulting in larger 389 

organic molecules that are rendered non-purgeable in the HPT-HFF. Boric acid and 390 

ethanolamine were both included in the HFF recipe used for this study, and boric acid is reported 391 

to catalyze multiple organic transformations.43 392 
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Increases in organic acid and VOC content in the absence of shale shows that both classes of 393 

compounds can be produced solely from HFF exposure to reservoir pressure and temperature 394 

conditions. Although formate and succinate are present in the NR-HFF solution, likely included 395 

as part of the HFF chemical additives ( Table 1), in the HPT-HFF acetate and butyrate are 396 

measured above the detection limit, formate concentrations double, and succinate decreases 397 

(Table 4, Figure 3B). Toluene and xylenes are also generated upon exposure of HFF to reservoir 398 

conditions and are detectable in HPT-HFF (and below the detection limit in NR-HFF) (Table 4, 399 

Figure 3C). A prior study showed that certain organic additives, such as gelling and friction 400 

agents, degraded under reservoir conditions and were able to produce lower molecular weight 401 

organic compounds.19 402 

The concentration and speciation of dissolved organic constituents differed in experiments 403 

containing shale (LM-2, WV-7, MIP-3H) relative to the shale-free HFF reacted at elevated P, T 404 

(HPT-HFF). Experiments containing shale exhibited similarities across shale types for total 405 

organic acid concentrations. However, these organic acid concentrations were lower along with 406 

NPOC when compared to the HPT-HFF fluid (Table 4, Figure 3B). The shale OM matrix 407 

(kerogen) may act as a location for adsorption of the dissolved organic carbon (DOC; organic 408 

acids + NPOC) compounds onto the surface. More mature shale contains more aromatic 409 

compounds within its OM, resulting in higher organic porosity and the relatively high surface 410 

area within this matrix.44,45 This organic porosity creates an effective adsorbent trap for organic 411 

molecules used or generated in the hydraulic fracturing process.45 Other laboratory fluid-shale 412 

studies observed a similar decrease in DOC in the fluid samples from autoclave reactions, while 413 

also observing an increase in TOC in the solid sample.8,19 Alternatively, components of the shale 414 

may catalyze the degradation of dissolved OM, 19,46subsequently lowering concentrations of 415 
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organic acids and NPOC in the LM-2, WV-7, and MIP-3H experiments relative to the HPT-HFF 416 

experiment.  417 

Although organic acid concentrations were lower in the experiments containing shale, it is 418 

possible that some of the organic acids released into the fluid were generated from the shale 419 

kerogen (as opposed to solely being sourced from the hydraulic fracturing fluid). Low molecular 420 

weight carboxylic acids, in particular, acetate and formate, have been observed in both produced 421 

water and fluids from similar fluid-shale experiments.11,14,47 The proliferation of these 422 

compounds is considered to be related to the labile ester linked carboxyl functional groups 423 

attached to the OM  within the shale formation. These labile functional groups are formed from 424 

throughout the process of diagenesis48 and are thought to be extracted from the shale reservoir 425 

upon hydraulic fracturing and fluid saturation.47 Water-soluble organic acids have been measured 426 

for separate shale sampled from the MIP-3H well. 49 427 

Measured VOCs in the LM-2 experiment were the highest out of all fluids sampled (Table 4, 428 

Figure 3A). VOCs were higher in both LM-2 and WV-7 compared to the HPT-HFF, and below 429 

the detection limit in the MIP-3H experiment (Table 4, Figure 3A). The LM-2 sample contains a 430 

larger portion of labile hydrocarbons, as the OM within the shale has not been thermally 431 

degraded or altered to the same extent as the high maturity rocks21 (LM-2 samples represented as 432 

sample BG-1 LM in 21). Similar to the degradation of gelling agents, the labile portion of the 433 

organic macromolecules in shale are subsequently transformed and solubilized into the fluid 434 

under high pressure and temperatures as a result of kerogen reaction.25 It has been shown the 435 

persulfate breakers have been utilized to dissolve or breakdown the kerogen within subterranean 436 

formations (US Patent 2017/066959A1). Products of oxidizing breakers, such as ammonium 437 

https://drive.google.com/open?id=1v2mFveKyGt-ZVvCBHLIJvBAYYuLeNx3h
https://drive.google.com/open?id=1v2mFveKyGt-ZVvCBHLIJvBAYYuLeNx3h
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persulfate, have been observed in produced water (e.g., NH4
+; 50). These residual breakers might 438 

react with OM (kerogen) (e.g.,25) and may potentially release these labile compounds over the 439 

life of the well. The absence of target VOCs in fluid from the MIP-3H experiment is likely a 440 

result of surface adsorption of VOCs to highly-aromatic kerogen nanopores in the thermally-441 

mature shale.24,51,52  The relatively high salinity of produced fluid caused by the mixing of 442 

injection and formation fluid may increase the sorption of organic compounds onto activated 443 

carbon,53 which may be a proxy for the highly mature kerogen of MIP-3H.  444 

The physical characteristics of the shale OM at the molecular level is a contributing factor in 445 

the organic composition of produced waters from hydraulically-fractured shale reservoirs and 446 

should be taken into consideration when assessing environmental impact and recycling strategies 447 

associated with flowback and produced water. VOCs are commonly observed in both gaseous 448 

and solubilized forms around hydraulic fracturing operations and fluid-shale experiments.3,8,54 449 

Separators are effective for reducing some of the VOCs in produced fluid, but some compounds 450 

remain in the fluids after separator treatment,53 further demonstrating the necessity of knowing 451 

the source of these compounds over the life of the well.  452 

5.0 Conclusions 453 

Experiments were conducted to understand the inorganic and organic changes that occur in 454 

fracturing fluid and rock during the shut-in phase of HF operations. Experiments were carried 455 

out in high P-T autoclave reactors using samples of varying maturity and mineralogy from the 456 

Marcellus Shale. Our results indicate an increase of SO4
2- and PO4

3- ions and a decrease in 457 

Ba2+ ions in all shale- fluid reactions. The concentrations of these ions are controlled primarily 458 

by variations in shale mineralogy, especially by its carbonate and clay content. We also observed 459 
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a net decrease in DOC (organic acids + NPOC) concentrations for all the shale-fluid reactions as 460 

compared to control HPT-HFF fluid. Further, we noted a decrease in concentrations of VOCs 461 

(benzene, toluene, and xylene) with increasing maturity indicating absorption of these organic 462 

species in shale OM.   463 

The variations in chemical signatures of reacted fluids clearly suggest that the mineralogy 464 

and nature of OM plays a key role in the mobilization of inorganic and organic components 465 

during HF operations. It also suggests these reactions can vary significantly in different parts of 466 

the basin. Therefore, the chemical composition of HFF’s should be modified to better target the 467 

varying mineralogical compositions and nature of OM encountered in different parts of the basin. 468 

Further investigation on the sorption, transformation, transport, and fate of low molecular weight 469 

organic components in fluid-shale reactions is necessary to improve understanding of 470 

geochemical reactions during hydraulic fracturing to optimize gas production, minimize 471 

environmental impact, and design water reuse and recycling strategies.  472 
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Figure 1. Relative percentages of minerals in three shale samples 

overlain by their %Ro (maturity) values. 

Figure 2. Inorganic ions sulfate (SO4
2- ), Barium (Ba2+), Phosphate (PO4

-3)  

concentrations in all fluid samples plotted with the thermal maturity of the 

reacted shale.  
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Figure 3. A) Volatile organic compound concentrations in all fluid samples plotted with the 

thermal maturity for the reacted shales. B) Organic acid concentrations in all fluid samples 

plotted with the thermal maturity for the reacted shales. C) Plot of the relationship between total 

0

1

2

3

4

0

10

20

30

40

NR-HFF HPT-HFF LM-2 WV-7 MIP-3H

%
R

0

C
o

n
ce

n
tr

at
io

n
 (

µ
g/

L)

Volatile Organic Compounds

Benzene Toluene
m,p-Xylene o-Xylene
Total BTEX (µg/L) %R0

A

0

1

2

3

4

0

10

20

30

40

NR-HFF HPT-HFF LM-2 WV-7 MIP-3H

%
R

0

C
o

n
ce

n
tr

at
io

n
 (

m
g/

L)

Organic Acids

Acetate Formate
Butyrate Succinate
Total Organic Acids (mg/L) %R0

B

0

5

10

15

20

0

5

10

15

20

25

30

35

0.8 1.4 2.9

TO
C

 (
w

t%
)

C
o

n
ce

n
tr

at
io

n

%R0

Total BTEX
(µg/L)

C



 25 

targeted VOC’s, total targeted organic acids, TOC, and %R0. For panels A and B, the cross-

hatched bar represents the sum of concentrations for each class of compounds measured in the 

sample. Components without bar display are not detectable (A, B). In panel C, lines are 

presented to display the direction of the data trend and do not represent a calculated fit of the 

data.  

 

  
Figure 4. Piper diagram showing the relative amounts of the most abundant ions in 

solution. Grey dots represent produced water from hydraulic fracturing operations in the 

Marcellus Shale basin collected by the USGS and the black markers overlain, represent 

the three fluid samples from fluid-shale reactions in this study. 
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Table 1. The chemical composition of the synthetic HFF and brine mixture used for experiments 

in this study (reproduced from Vankeuren et al., 2017).  

Ingredient Purpose 

Concentration 

 Ingredient 

Concentration 

Weight % 

 

Weight % 

Deionized Water Carrier fluid 99.36% 

 

Deionized Water 97.12% 

Hydrochloric acid 
Perforation 

cleaner 
0.25% 

 

Boric Acid 0.002% 

WGA-15L Gelling agent 0.15% 

 

Potassium Carbonate 0.024% 

WCS-631LC Clay stabilizer 0.106% 

 

Barium Chloride Dehydrate 0.046% 

WFR-61LA 
Friction 

reducer 
0.049% 

 

Potassium Chloride 0.022% 

Ammonium 

persulfate 
Breaker 0.020% 

 

Strontium Chloride 

Sesquihydrate 
0.14% 

Glutaraldehyde Biocide 0.019% 

 

Ammonium Chloride 0.016% 

Potassium 

hydroxide 
pH adjuster 0.014% 

 

Sodium Bromide 0.018% 

Potassium 

carbonate 
pH adjuster 0.012% 

 

Calcium Chloride Dehydrate 0.74% 

Ethylene glycol Scale Inhibitor 0.0045% 

 

Magnesium Chloride 

Sesquihydrate 
0.19% 

Citric acid Iron control 0.0034% 

 

Sodium Chloride 1.67% 

Boric acid Cross linker 0.0020% 

 

Sodium Sulfate 0.0002% 

Ethanolamine Cross linker 0.0014% 

 

Sodium Bicarbonate 0.015% 

WAI-251LC 
Corrosion 

inhibitor 
0.0013% 

 

Composition of Brine  
 

Composition of Hydraulic Fracturing Fluid (HFF)  
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Table 2. Organic and mineral composition of three shale samples form Marcellus Shale cores, 

collected from three different depths and geographical areas. The %R0 and TOC values were 

reported by (Agrawal and Sharma, 2018b, c). Semi-quantitative XRD data are used for LM-2, 

WV-7, MIP-3H samples analyzed in this study. 

 

 

Table 3. Cation and anion concentrations in fluid samples in mg/L measured via IC. Also 

included is pH for each fluid sample and overall total dissolved solids (TDS in mg/L). For 

dissolved inorganic carbon (DIC), values are either not-detected (ND) or reported in mg as C/L. 

The values reported are average of samples run in triplicates and the standard error of all 

measurements are < ± 3% 
 

 

 

 

Table 4. Dissolved organic carbon (DOC) concentrations in fluid samples in unit of mg/L, where 

NPOC = non-purgeable organic carbon in unit of mg as C/L, and volatile organic carbon (VOC) 

concentrations in µg/L, for each fluid sample. The values reported are average of samples run in 

triplicates and within 2% precision (%RSD). 
 

 
SAMPLE ID DOC CONCENTRATIONS IN MG/L  VOC CONCENTRATIONS IN µG/L 

NPOC Acetate Formate Butyrate Succinate  Benzene Toluene m,p-Xylene o-Xylene 

Det. limit 1.0 0.1 0.1 0.18 0.1  1.0 1.0 2.0 1.0 

   NR-HFF 243 ND 6.1 ND 1.9  ND ND ND ND 

 HPT-HFF 317 19.3 13.9 1.6 1.0  0.0 2.7 5.9 3.8 

LM-2 264 12.5 10.2 3.0 0.9  2.5 14.8 10.2 5.6 

WV-7 197 16.3 6.9 1.7 3.0  ND 1.3 4.7 2.4 

MIP-3H 235 12.7 9.4 2.3 1.1  ND ND ND ND 

 

 

 

Sample ID Depth (ft.) %Ro Tmax (°C) TOC (wt%) Quartz 

(wt%) 

Calcite 

(wt%) 

Dolomite 

(wt%) 

Pyrite 

(wt%) 

Mixed Clays 

(wt%) 

LM-2 5825.7 0.8 443 15.4 28 21 5 5 42 

WV-7 6615.8 1.4 475 12.9 23 ND 4 2 71 

MIP-3H 7511.8 2.9 561 9.0 46 16 5 11 22 

 
pH F- Br- NO3

- SO4
-2 PO4

-3 Cl- Li+ Na+ NH4
+ K+ Mg+2 Ca+2 Sr+2 Ba+2 DIC 

Det. limit - 0.04 0.26 0.2 0.5 0.4 0.2 0.04 0.4 0.2 0.2 0.2 0.4 0.1 0.1 0.5 

NR-HFF 1.3 0.6 107 4.5 9.6 ND 16729 ND 6583 89 393 213 2015 464 96 ND 

HPT-HFF 1.9 0.5 60 2.3 10.6 ND 7809 ND 3277 52 165 104 967 224 39 ND 

LM-2 6.1 3.2 68 1.7 189.8 6.8 9060 0.1 3727 51 205 132 1606 211 4 35.2 

WV-7 2.3 9.9 110 5.1 271.5 29.8 16867 0.2 6663 92 427 418 2576 367 ND ND 

MIP-3H 5.7 3.6 65 1.6 66.1 9.6 8894 0.2 3673 50 202 165 1418 228 11 15.8 
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Table 5. Saturation indices for major and potential scale-forming minerals, as calculated in 

Geochemists Workbench v. 10.0 using the MINTEQ database. Values are reported as log Q/K.  

Iron- and silica-bearing phases are not included as Fe and Si were not measured in fluids in this 

study. Blank values indicate that the mineral SI contained no value for that particular calculation.  

 

 

 

 

  

MINERAL 
CHEMICAL 

FORMULA 
NR-HFF 

HPT-

HFF 
LM-2 WV-7 MIP-3H 

Barite BaSO4 1.09 1.06 1.35  1.34 

Celestite SrSO4 -1.43 -1.37 -0.12 0.11 -0.53 

Gypsum CaSO4·2H2O -2.52 -2.44 -0.95 -0.77 -1.44 

Calcite CaCO3   -0.82  -1.86 

Strontianite SrCO3   -1.22  -2.17 

Witherite BaCO3   -3.81  -4.36 

FCO3-Apatite Ca10(PO4)5(CO3)F3   18.77  14.62 

Fluorite CaF2 -3.69 -3.01 0.88 0.63 0.93 

Hydroxyapatite Ca5(PO4)3(OH)   4.50 -19.41 2.21 
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